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Executive Summary 
The 2006 PTAC report entitled “Expanding Heavy Oil and Bitumen Resources while 
Mitigating GHG Emissions and Increasing Sustainability” provided an assessment of 
further development of bitumen recovery technology for “inaccessible” resources. The 
“Expanding Resources” report built on a number of previous roadmaps and reports 
prepared over the past 10 years.  The current report is intended as the first follow-up 
“exploratory study” to begin defining details around key R&D paths for specific 
resources.  The current investigation covers three important resources:  

 Bitumen in Carbonate Formations; 
 Conventional Heavy Oil; and, 
 Warm Water Geothermal.   

Subsequent reports will deal with the other issues identified. 

The overall energy intensity of the oil sands industry remains higher than other types of 
oil production.  Currently SAGD and CSS in situ operations consume approximately one 
unit of energy for each 4 units of energy produced for sale, which is 2-3 times the energy 
intensity of conventional light and heavy oil production.  Consequently, this directly 
results in a higher CO2 emissions intensity when compared to conventional oil 
production. Furthermore, energy, water and GHG intensities are expected to increase as 
production moves from the current high quality deposits to lower quality resources. Over 
time, improved economic conditions are likely to lead to the development of the more 
challenging resources through the adaptation of existing recovery technologies.  This 
business as usual scenario would likely lead to a substantial increase in the 
environmental impact of heavy oil and oil sands developments.  The motivation of the 
current exploratory study is to identify directions for the development of recovery 
technologies for challenging resources that offer reduced energy, water and GHG 
intensities. An additional objective is to gather information and assess the potential of 
utilizing Alberta's large warm water geothermal resource as an alternative energy 
source. 

Bitumen in Carbonate Formations 
While bitumen is generally associated with oil sands, 71.1 billion m3, or 26% of Alberta's 
bitumen resources, are contained in carbonate rocks rather than sand formations.  The 
“Carbonate Triangle” deposits have been identified as being one of the most technically 
challenging bitumen resources. The development of sustainable recovery technologies 
for bitumen in carbonate formations could result in a significant expansion of bitumen 
resources.  This is not a new realization, as carbonates were originally targeted for 
technology development by Alberta Oil Sands Technology and Research Authority 
(AOSTRA) in the 1970's and 1980's. Production pilots were operated but with mixed 
results.  In 2007, over twenty years after the original Grosmont pilots, bitumen recovery 
technology has progressed substantially and some of these improvements could now be 
applied to the task of sustainably recovering bitumen from carbonate rocks in Alberta.  
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There are four major bitumen bearing carbonate formations in Alberta, for which volume 
in place has been determined by the EUB: Grosmont, Nisku, Shunda and Debolt. The 
most significant deposit is the Grosmont formation in Athabasca, accounting for 71% of 
bitumen in place volume in Alberta carbonate deposits.  In addition, smaller carbonate 
deposits have been identified in the past as containing bitumen accumulations, such as 
the Mississippian Pekisko formation and the Devonian Wabamun, Blueridge, Upper 
Ireton, Leduc and Cooking Lake.  Bitumen is currently being produced by cold primary 
production from the Pekisko carbonate formation in the Peace River area. 

Grosmont and Nisku Formations 
The Grosmont formation is an immense shallow marine carbonate sequence that lies 
underneath the Nisku formation and underneath part of the Cretaceous oil sands 
deposits. It is a regionally extensive carbonate platform of a generally rectangular shape, 
approximately 500 km in length and 150 km in width and covering a total surface of 
approximately 100,000 km².  The Grosmont formation is buried at depths ranging from 
250 m to 420 m with a total thickness of 170 to 180 m. The area where bitumen has 
accumulated is located approximately 100 km west of Fort McMurray in northern Alberta. 
Pay thickness varies considerably from 25 m to over 80 m.  Bitumen accumulation is 
highest on the eastern erosional margin, in the area of Townships 80 to 95, Ranges 16 
to 25 west of the fourth meridian.  

The Grosmont formation is divided into four stratigraphic units.  Each unit is separated 
by shale beds 2 to 7 m thick. The presence of the shale breaks is consistent at a 
regional level and they are used to define and mark the units. While the shale barriers 
are consistent regionally they may be breached by karst features and fractures or 
removed by erosion in some areas. 

Diagenesis has had a significant and complex impact on reservoir characteristics of the 
Grosmont and Nisku formations.  Diagenetic processes strongly control porosity, 
particularly in the Nisku and the Upper Grosmont units 3 and 2.  Major diagenetic 
processes of interest are:  

 Changes resulting in porosity enhancement by processes such as dolomitization, 
dissolution and fracturing. Dolomitization has resulted in the formation of dolomite 
that has excellent porosity, approximately 20%; and, 

 Karsts have created a very heterogeneous reservoir and porosity related to karst 
features can locally reach 40% and possibly up to 100% in caverns. 

Dolomitization is by far the most important diagenetic process that affected reservoir 
properties for the Grosmont.  It is of regional extent and created porosity in what would 
be otherwise a tight limestone rock.  The Upper Grosmont 3 and 2 are completely 
dolomitized.  Dolomitization is patchy in the Upper Grosmont 1 and restricted in the 
Lower Grosmont unit.  

Thin and short fractures show localized solution enlargement.  Irregular dissolution 
cavities ranging in size from microscopic to several centimetres across are extremely 
common and in a few areas appear to reach cavernous proportion immediately beneath 
the pre-Cretaceous unconformity. Caverns probably represent fractures, vugs, collapsed 
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breccias, large dissolution cavities or combinations thereof.  On well logs, caverns are 
recognized by excursions of the caliper log as well as off-scale neutron density porosity 
readings in clean carbonate intervals.  The sonic log also skips badly in caverns.  The 
average cavern height in the Grosmont is 23.5 m but 60% of the caverns are less than 
15 m in height. The porosity contribution from the abundant vugs and fractures is difficult 
to estimate because the size of these features is commonly bigger than the diameter of 
cores and their complex geometry varies in three dimensions.   

Subsequent oil migration and degradation have resulted in high bitumen saturation in the 
porous rocks along the eastern margin of the Grosmont and Nisku formations.  The best 
reservoir rocks are dolostones showing evidence of karstification caused by past aerial 
exposure.  The rocks with poorer reservoir characteristics are limestone because they 
generally exhibit low primary and no secondary porosities. Generally, the higher 
stratigraphic units such as the Nisku, the Upper Grosmont 3 and the Upper Grosmont 2 
exhibit greater amounts of secondary porosity that the lower stratigraphic units. The 
Upper Grosmont 2 and the Nisku formation are generally recognized as the best 
bitumen reservoirs. 

The bitumen that is today found in the carbonate formations and in Cretaceous sand 
deposits is generally thought to have a common origin.  It is hypothesized that it 
migrated as a light paraffinic crude oil and became trapped in these formations.  Over 
time the oil was transformed into bitumen by biodegradation and water washing 
processes. 

Grosmont bitumen is heavier than bitumen in Athabasca oil sands, with API gravity of 5° 
to 9° and a viscosity of approximately 1,600,000 centipoises at reservoir conditions. The 
degree of biodegradation increases from west to east. On average, reservoir 
temperature and pressure are 11° C and 1.4 MPa respectively. The Grosmont reservoir 
is likely to be oil wet with presence of mixed wettability, as are most carbonate 
reservoirs.  

The Grosmont was the object of four recovery pilots in the 1980s: Orchid, Algar, Buffalo 
Creek and McLean. Results were described as “spectacular but erratic”, and the 
production pilots were abandoned when oil prices dropped and funding for the pilots was 
reduced. 

Drilling wells in the Grosmont formation is challenging because it is severely fractured 
and large dissolution cavities are present where sudden drill bit drops occur and mud 
circulation is lost.  When attempting to complete a well through karsts, the cement bond 
between the casing and the formation is frequently of poor quality because of high 
cement losses in the highly fractured rock.  Therefore there is a possibility of vertical 
communication.  During the first AOSTRA pilots, unwanted vertical communication 
between the reservoir units occurred because of poor casing to formation cement bond. 

The reservoir rock model most likely to describe the Grosmont formation is a dual 
porosity reservoir where permeability contrasts of at least two orders of magnitude exist 
between the storage blocks (or the matrix) and the large void systems (such as 
fractures, channels and vugs). 
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International Heavy Oil Carbonate Reservoirs 
Over 50% of the world's oil and gas reserves and most giant fields are hosted by 
carbonate formations.  Heavy oil and bitumen in carbonate formations are found in over 
16 fields and 11 countries worldwide.  However, over 40% of these fields have not been 
developed.  Except for the Grosmont, oil viscosity at reservoir conditions is between 100 
and 4,600 centipoises.  Oil viscosity in the Grosmont is 1,600,000 centipoises. As a 
result, a review of international heavy oil reservoirs in carbonate formations found no 
direct analog to the Grosmont formation.  However, some of the technologies applied 
internationally could be usefully adapted to the challenges presented by the Grosmont 
formation: 

Horizontal Wells - While vertical wells are still an important technology, horizontal wells 
offer significant advantages and have been used to good advantage by several 
operators internationally. Horizontal wells allow a much larger amount of contact 
between the wellbore and the reservoir.  In a heterogeneous formation, the long contact 
length provided by horizontal wells provides an averaging of the conditions encountered 
by the wellbore. The early AOSTRA pilots in the Grosmont formation were characterized 
by erratic performance due to the high heterogeneity of the formation. The use of 
horizontal wells would reduce risk and avoid surprises. When vertical fractures are 
present, horizontal wells can be drilled at a direction perpendicular to dominant fracture 
direction allowing them to contact a large number of vertical fractures along the length of 
the well.  Horizontal wells are exposed the formation along a horizontal path and the well 
can be located in the top of the formation as far away as possible from the oil water 
contact, thereby delaying the onset of water breakthrough.  Long horizontal wells can 
produce as much as several vertical wells because of their large exposure with the 
formation.  As a result, surface disturbance is minimized.  

Acid Stimulation - The purpose of acid stimulation in carbonate reservoirs is to dissolve 
some of the rock matrix in order to create permeable pathways from the wellbore into the 
reservoir.  The permeable channels are intended to form highly branched, ramified 
networks.  They can improve permeability several meters from the wellbore.   

Open Hole Completions - Highly dolomitized reservoirs, even in conventional oil 
reservoirs, are not amenable to cementing in casing, and, based on the original pilot 
results, casing cement integrity is a problem that has been encountered in the Grosmont 
carbonate formation.  To allow isolation of well sections, while ensuring access to all 
available fractures and vugs, it is best to leave the wells open hole if at all possible.   

Recovery Technology Scenarios 
Information acquired on the Grosmont formation, lessons learned from international 
experiences, as well as technical knowledge from literature searches were used to 
develop recovery technology scenarios for bitumen in carbonate formations. 

The high viscosities found in the Grosmont have not been reported for any other 
producing carbonate formation in the world.  As the rock is likely to be oil wet, there is 
little ability for steam or any other injectant to penetrate the reservoir except through 
heating and allowing the bitumen to flow out.  Cyclic Steam Stimulation (CSS) allows for 
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the gradual heating of the bitumen near the wellbore and also provides for some 
pressure drive to move bitumen into the producing well. 

Experiments conducted at the Alberta Research Council indicated that the addition of 
CO2 as a solvent in combination with steam substantially improved bitumen recovery as 
compared to steam alone.   

Steam Assisted Gravity Drainage (SAGD) was not considered an option as the individual 
Grosmont units are too thin for chamber development, and heterogeneities would not 
allow for any control of chamber formation or communication between injection and 
production wells.  However, if technology could be developed to break the relatively thin 
shale barrier between the Upper Grosmont units 2 and 3, these units could be combined 
into a thicker reservoir.  

Toe to Heel Air Injection (THAI) or other in-situ combustion or oxidation processes would 
not be favoured due to the heterogeneity of the formation, and also the likelihood that 
very high temperatures would lead to rapid break down of the carbonate and shale 
barriers, resulting in loss of containment.  Another concern is that the very high 
temperatures associated with the process would cause the decomposition of significant 
amounts of calcium carbonate into lime and carbon dioxide. The CO2 produced would 
result in significant unintended GHG emissions.  

High temperature electric heating is a process that is currently being piloted in Alberta 
for oil sands. Process temperatures are high enough to cause partial cracking and in situ 
upgrading of the bitumen. In a carbonate rock host, high temperature electric heating 
may also result in the unintended release of CO2 from calcium carbonate decomposition.  

Thermal solvent processes might be considered, if containment can be reliably assured. 
However, these would be very poor choices if there was any chance of losing expensive 
solvents to the overlying gas thief zones or overburden.   

The above analysis, and the initial success of CSS in the initial pilots, tends to favour the 
use of CSS in the carbonates at pressures below the matrix fracture pressure. 

As part of this project, a recovery technology computer model was developed and used 
to analyze and quantify the impact of the technology scenarios. The purpose of the 
PTAC recovery technology model is to assist the strategic development of R&D for 
future recovery technologies.  Reservoir models already exist but their purpose is the 
identification and calculation of the engineering parameters for a specific reservoir and 
recovery technology combinations.  By contrast, the PTAC recovery technology model 
focuses on the strategic issues that should guide future R&D such as: 

 To maximize total resource recovery;  
 To reduce overall energy intensity; 
 To reduce greenhouse gas emissions intensity; 
 To reduce water intensity; and, 
 To reduce overall operating costs. 

The PTAC recovery technology model introduces the very important concept that future 
recovery technologies should not all be designed for virgin reservoirs because in the 
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next decades, the Western Canada Sedimentary Basin will host a very large number of 
reservoirs partially depleted by the existing commercial technologies such as cold 
production, CHOPS, CSS and SAGD which all leave behind a significant quantity of 
heavy oil and bitumen. 

First Scenario - It represents the base case of applying CSS to the Grosmont formation 
because this recovery technology was applied with some success during past 
technology demonstration pilots.  The major options associated with Scenario 1 are the 
use of a conventional Once Through Steam Generator (OTSG) with natural gas as the 
fuel and fresh surface or ground water as the water source.  After the application of the 
first recovery technology, this scenario results in the following outputs per m3 of 
produced bitumen:  

 Energy intensity of 9.21GJ,  
 Water intensity of 0.8m3,  
 GHG intensity of 438 kg CO2; and, 
 A total operating cost of $76.19.  

Second Scenario - It is built on the first one but substitutes a Direct Contact Steam 
Generator (DCSG).  The benefits associated with the use of the DCSG are: 

 Improved energy intensity because the heat content of combustion gases is applied 
to the reservoir; 

 Improved fresh water intensity because water present in combustion gases is injected 
into the reservoir and displaces a portion of the required fresh water makeup; 

 Improved GHG intensity resulting from the improved energy efficiency and from a 
small CO2 sequestration benefit arising from some of the CO2 in combustion gases 
dissolving in formation waters; and, 

 A reduced total operating costs resulting from reduced fuel purchases caused by the 
improved energy efficiency. 

Third Scenario – It is built on the second and substitutes bitumen as the fuel.  The 
impact of using bitumen as the fuel is as follows: 

 The energy intensity is unchanged; 
 Fresh water intensity is slightly worse because burning bitumen results in less water 
in combustion gases than burning natural gas; as a result water in combustion gases 
backs out less fresh water makeup; 

 GHG intensity is worse because bitumen results in 55% more CO2 emissions per unit 
of energy than natural gas; and, 

 A reduced operating costs due to the lower cost of bitumen. 

Fourth Scenario - It uses water from a deep saline aquifer instead of fresh water.  This 
is made possible by the use of the DCSG.  The following observations can be made: 

 Energy intensity and GHG intensity are unchanged; 
 Fresh water intensity is reduced to zero because the saline aquifer provides water 
makeup; 

 Cost is slightly reduced because saline water would cost less than freshwater. 



 

Low Carbon Futures – March 31, 2007 9 

The use of the computer model to analyze the scenarios provides an excellent 
illustration that different choices for recovery technology lead to different outcomes.  
Scenario 2 is the scenario with the lowest GHG intensity while Scenario 4 has the lowest 
fresh water intensity and the lowest cost. 

Research and Development Directions 
As very little is known about the Grosmont and other carbonate formations containing 
bitumen, much of the early focus must be on learning more about the geology and 
geomechanics of the formations and learning how to deal with the highly variable 
properties of these formations.  Some suggested development programs specific to 
bitumen in carbonate formations are: 

Geosurveying - Ideally methods should be developed which can map large macro 
features such as caverns (karsts) to help locate “sweet spots” in the formation which will 
be the most amenable to production, as well as to identify areas where containment is of 
concern and where steaming should be avoided or conducted with extra precautions.   

Assessing Information from Gas Zones - The Upper Grosmont formation is gas prone 
and shallow gas production from this area has been significant over the last twenty 
years.  These zones could be a benefit in demonstrating containment and allowing 
steam to access more bitumen, or they could be a major problem if they connect with 
aquifers.   

Breaking Barriers - Development of geomechanical methods to break the shale layers 
between the Grosmont units may be useful in order to treat the formation as a single 
reservoir. 

Geological Data Gathering from Wells - Technologies to enhance knowledge gained 
from logging horizontal wells need to be developed to better characterize the 
heterogeneity and influence production strategies. 

Monitoring - Use of 4-D monitoring methods should be emphasized as reservoir 
surveillance technologies to allow production operations to adapt to reservoir 
heterogeneities. 

Geochemistry and Geochemical Data-Gathering and Mapping - The geochemistry 
and reaction of steam and combustion gases with the formations will be complex and 
varied depending on the state of the carbonate deposit, degree of dolomitization and 
karstification in any given region.   

Direct Contact Steam Generator Development - Redevelopment of this technology 
should consider original designs modified to make them more versatile and robust for 
downhole well, shaft and tunnel or surface installations. 

Interactive Models - Develop modelling capability for fractured reservoir where seismic 
and geology information is used to influence production decisions.    

Conventional Heavy Oil 
The challenge with heavy oil is not exploration.  The challenge is producing heavy oil 
economically without significant environmental impact.  If new technologies with low 
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greenhouse gas and environmental impact are not developed, the possibility exists of 
large economically attractive heavy oil developments going forward and causing 
significant environmental impact. 

Heavy oil and bitumen are found in Alberta and Saskatchewan in a discontinuous trend 
which extends from the Peace River area, to Athabasca, through Cold Lake and to 
Lloydminster.  Most of these petroleum accumulations are found in Lower Cretaceous 
sand deposits.  In the Lloydminster area, heavy oil is found in the Mannville group of the 
Lower Cretaceous which is comprised of nine major formations.  The original oil in place 
in the Lloydminster area is estimated at 12.7 billion m3. 

Lloydminster Mannville sands include sheet-like regionally extensive blanket sands. 
Blanket sands are typically thin, usually less than 7 m. Permeability ranges from 0.5 up 
to 3 Darcies. Channel sands are limited in aerial extent but can have up to 30 m of net 
pay and permeabilities up to 10 Darcies. Reservoirs are buried at depth from 300 to 600 
m and are bound by silty clays.  Reservoir quality may vary considerably within the 
Lloydminster area. For example, thin blanket sands will be amenable to different 
recovery technologies than thick permeable channel sands. For the purpose of matching 
to available recovery technologies, heavy oil reservoirs in the Lloydminster area can be 
divided into four categories: 

Thick Channel Sands - Representing approximately 10% of the resource, these 
reservoirs are on average 10 m thick. The recovery rate is 5-7% under cold primary 
production without sand. They are candidates for steam injection EOR processes. 

Sand Reservoirs with Active Bottom Water - The presence of an underlying active 
aquifer means that vertical wells are rapidly subject to water coning, resulting in 
uneconomic water production. However, these reservoirs are producible with horizontal 
wells. The rate of recovery is approximately 5%. This category also accounts for 
approximately 10% of the resource. 

Thin Areal Sands - These reservoirs are 2 m thick on average but laterally extensive. 
They are prevalent and represent 40 to 50% of the resource. Typically they are not 
affected by bottom water but edge water may be present. Most reservoirs produced by 
Conventional Heavy Oil Production with Sand (CHOPS) are thin areal sand reservoirs. 
With CHOPS, the recovery factor is approximately 12%. Reservoirs that do not produce 
sand have a recovery factor of 5% but they are generally viewed as good candidates for 
subsequent water floods which may boost the extent of recovery by an additional 5%. 

Non-Active Bottom Water - This category represents the balance of the Lloydminster 
reservoirs. They are typically produced by cold production without sand with a recovery 
factor of 5%. 

While most Lloydminster reservoirs are under primary production, water floods are 
increasingly used to enhance production in suitable reservoirs. Some thermal projects 
have been implemented in selected channel sand reservoirs 
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Immiscible CO2 EOR 
The project explored novel tertiary recovery technologies that could be applicable to 
Lloydminster reservoirs. Time was not spent on developing scenarios based on CSS, 
propane solvent injection and air injection because these processes are already being 
developed or piloted by other parties. 

In Alberta and Saskatchewan, CO2 EOR and acid gas EOR (CO2 and H2S) are being 
piloted and, in some cases, commercially applied to conventional light oil. In most cases, 
these projects are built on the local availability of low cost CO2 or acid gas. The notable 
exception, and the largest commercial CO2 EOR project, is located in Saskatchewan 
where 5,000 tonnes of CO2 per day are purchased from a coal gasification plant in North 
Dakota and delivered via a 320 km pipeline. CO2 is then injected into the conventional oil 
carbonate formations in Weyburn and Midale. While there are some very important 
differences between Weyburn-Midale and Lloydminster, some of the relevant lessons 
learned could be of value if transferred to Lloydminster reservoirs. 

There are good reasons to focus on CO2. It offers solvent properties that, while not as 
strong as propane, have measurable effects. CO2 can also be less expensive than 
propane and, in some cases, is locally available. CO2 availability opens the possibility of 
using it at pressures and quantities large enough for an EOR project.  

In Lloydminster, CO2 could be injected under immiscible conditions and distributed via 
the high permeability zones to re-pressure the reservoir. The CO2 would also swell the 
oil and reduce its viscosity. Various drive and well configurations could be explored in 
order to develop recovery scenarios. 

Under immiscible conditions, CO2 is typically able to increase the volume of oil by 10 to 
20% and reduce its viscosity by a factor of 10.  CO2 may also contribute a solution gas 
drive effect and a reduction of interfacial tension.  Immiscible CO2 can improve oil 
recovery by: 

 Reduction of heavy oil viscosity;  
 Swelling of oil and increasing oil phase saturation in the pore space; and, 
 A solution gas drive effect. 

Generally immiscible CO2 EOR involves the alternating injection of CO2 and water.  
Water injection follows gas injection in order to improve the mobility ratio and the sweep 
efficiency.  In effect, the role of CO2 is to swell the oil and reduce its viscosity.  The role 
of water is equivalent to its role in a water flood which is to displace the oil towards the 
producing well. 

A variation on the use of CO2 is flue gas injection. Flue gas depleted of oxygen contains 
approximately 10% CO2 and 90% nitrogen. Based on work done at the Saskatchewan 
Research Council, enriched flue gas (25% CO2 and 75% nitrogen) may offer a desirable 
balance of properties for an EOR process. CO2 provides solvent related benefits while 
nitrogen provides pressure maintenance and possibly gas blocking effects that may 
enhance sweep efficiency. 
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An EOR recovery process based on CO2 or enriched flue gas may provide an additional 
6% recovery. In Lloydminster, cold production without sand currently yields 5 to 7 % 
recovery and CHOPS recovers up to 12%. On average, an additional 5% recovery is 
available in fields suitable for water flooding which excludes reservoirs produced with 
CHOPS. Therefore, the prize is substantial for an EOR recovery process based on CO2: 
increasing total recovery from the current 5 to 12% by an additional 6%. 

SuperSump 
The concept of a SuperSump was developed recently by C-FER Technologies. This 
concept represents a very new concept in heavy oil production and was judged to be a 
system which might result in large gains in energy efficiency, reduced GHG emissions 
and ultimate oil recovery.  It also deserves attention as it has potential in a number of 
other applications in the oil and gas industry, where a large number of individual, low-
rate wells are required. 

Rather than single producing wells, a set of “drain wells” are drilled down to a cavern 
created by washing salt in an underlying salt formation.  Sand separates in the cavern 
allowing water and oil to be produced, leaving the sand behind.  Only the main cavern 
well requires a pumping system and the other wells can have a minimal surface 
footprint. 

The SuperSump avoids the need to produce sand to the surface. Instead, sand is 
produced down into the cavern where it separate from the fluids by buoyancy. Only oil 
and water are pumped to the surface. A major benefit is that solids handling and trucks 
are no longer required and therefore, pipelines can be used. This would result in the 
avoidance of methane venting and the associated GHG emissions. 

Recovery Technology Scenarios 
Compared to the Grosmont formation, the scenarios prepared for the Lloydminster area 
are somewhat more complex due to the greater variety of recovery technologies that 
may be applicable.  This is due in part to the longer history of developments in the area. 
The computer model was used to analyze and quantify the scenarios described earlier in 
this report.   

First Scenario - It is applicable to Lloydminster reservoirs that are not amenable to sand 
production.  The first process is cold production without sand.  For some of these 
reservoirs, water floods are possible and this was modeled as the second process.  The 
first and second processes under this scenario are typical of some of the situations 
encountered today in the Lloydminster area.  The third process is immiscible CO2 EOR 
applied in the presence of an active aquifer that provides pressure support underneath 
the pay zone.  Observations from the first scenario are as follows: 

 Recovery is of similar magnitude for cold production, water floods and CO2 EOR; 

 For all three processes, the principal source of energy is natural gas on lease; 
electrical power is used to pump water; CO2 EOR uses more energy because of the 
need for compression of CO2; 
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 Only water floods require makeup water; CO2 EOR also requires water but the 
process is able to satisfy its needs with produced water; 

 Cold production and water floods exhibit a higher GHG intensity than CO2 EOR 
because of associated methane venting; 

 Costs are higher for the water flood process because of the costs associated with 
water acquisition and pumping. 

Second Scenario - It is not directly comparable to the first one because it is relevant to 
Lloydminster reservoirs that are amenable to sand production.  The first production 
process is CHOPS which is followed by immiscible CO2 EOR.  In this scenario, there is 
no third process.  Analysis of the second scenario leads to the following points: 

 CHOPS has the highest energy intensity, GHG intensity and cost of the processes 
considered under the initial two scenarios; the principal reason is the energy, GHG 
and costs associated with trucking; 

 When comparing the final outcome of Scenario 1 to Scenario 2, comparable 
recoveries can be obtained from reservoirs with no sand production as compared to 
those that allow sand production; however, GHG intensity and costs are higher when 
sand is produced because of the need to use trucks; a factor not captured in the 
model is the rate of production which is significantly higher with CHOPS and results in 
higher cash flows and greater return on investment. 

Third Scenario - It introduces the SuperSump process as an improvement to an 
existing CHOPS reservoir.  SuperSump results in a net improvement as compared to 
CHOPS with respect to recovery, energy intensity, GHG intensity and overall costs. 

Fourth Scenario - It builds on the third one by adding immiscible CO2 EOR after the 
SuperSump process.  While the addition of CO2 EOR results in a slight increase in 
energy intensity, it results in improvements in recovery, GHG intensity and overall costs. 

Many additional scenarios could be designed for reservoirs in the Lloydminster area 
because of the variety of recovery processes that are applicable.  Application of the 
model to the scenarios developed in this project are a mere snapshot of what could be 
done by analyzing the numerous permutations of commercial recovery technologies, 
developmental technologies and processes that are currently at the conceptual stage. 

Research and Development Directions 
While conventional heavy oil wells have been under production since the 1950's, and 
innovations such as CHOPS and progressive cavity pumps have allowed production 
rates to increase dramatically, the industry's understanding of the recovery mechanism 
is still very incomplete.  Some areas for potential development are: 

Low-cost Reservoir Monitoring - Permanent sparse arrays are being installed in 
Weyburn-Midale and could be a tool for reservoir surveillance.  Cross-well seismic with 
well spacing of 400 m could provide a resolution down to 10 cm. 
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Reservoir Fluid Characterization Post-CHOPS - The Gas to Oil Ration (GOR) of 
heavy oil left behind after cold production should be measured to determine if this oil still 
contains gas.   

Reservoir Characterization Data Gathering - There is a serious lack of reservoir 
characterization data for Lloydminster.  For example, there are few tracer studies and no 
data on sand production. 

Begin Field Testing of Basic SuperSump Concept - Basic design principles of the 
novel concept proposed by C-FER could be tested starting with simple two well systems. 

Improve Understanding of Heavy Oil Water Flooding - Success being experienced in 
heavy oil water flooding, defies common reservoir theory, but must be better understood 
to allow further improvements and enhancements with other injectants. 

Demonstration of Low Cost, Portable CO2 and Flue Gas Delivery Systems - Capital 
cost estimation and optimization, for more flexible and portable production and injection 
facilities to match the dispersed character of the deposits. 

Core Flood Studies - Additional core floods to more precisely understand the potential 
for additional recovery from different gas mixtures, including compositional analysis of 
produced gases and liquids. 

Interactive Models - Reservoir modelling based on core flood data for various reservoir 
types and situations and comparison to field measurement and feedback.   

Warm Water Geothermal 
The heat energy contained in the upper 10 km of the earth's crust has been 
conservatively estimated to be 292 times greater that the energy contained all of the 
world's fossil fuel resources combined.  The types of geothermal systems can be 
classified as follows: 

Hot Dry Rock - Hot dry rock refers to solid rock at a very high temperature, generally 
deep in the earth crust, but without the water needed to transport geothermal energy to 
the surface.   

Dry Steam Resources - These reservoirs consist of steam contained under pressure in 
porous rock formations.  Wells drilled into a dry steam reservoir produce steam which is 
used to drive turbines for the generation of electrical power.  Dry steam reservoirs have 
not yet been found in Canada.   

Hot Water Resources - Water in these reservoirs is generally above 180° C. When 
water at this temperature is produced to the surface, the pressure drop in the well during 
transportation to the surface allows part of the water to evaporate into steam.  

Warm Water Resources - Warm water reservoirs range from 50° C to approximately 
180° C.  The most extensive warm water reservoirs are located in large sedimentary 
basins such as the Western Canada Sedimentary Basin (WCSB).  In sedimentary 
basins, water is contained in porous formations with thicknesses in the tens of meters 
and lateral extent in the hundreds of kilometres.   
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Low Temperature Resources - At shallow depth, saline aquifers and fresh ground 
water between 10 and 50°C can be used by ground heat pumps for space heating and 
cooling.   

The Geological Survey of Canada considers that the WCSB is the largest accessible 
warm water resource in the country.  Several of the geological formations are aquifers 
and have the porosity and permeability required for hosting and transporting substantial 
quantities of formation waters.  The heat energy present in the WCSB was estimated to 
be 3 orders of magnitude larger that the energy contained in Canada's conventional oil 
and gas reserves. If only 1% of this energy could be recovered because of economic 
and practical limitations, the warm water energy resource of the WCSB would still be 
larger than the energy contained in Canadian conventional oil and gas reserves 

Because of the considerable conventional oil and gas developments that have occurred 
during the past decades in Alberta, significant quantities of warm water are already 
being produced to the surface, separated, and re-injected using disposal wells. When oil 
is produced from a deep enough formation, the produced water will be warm enough to 
offer a renewable geothermal energy potential. 

Generally, moderate temperature geothermal projects are not economical because of 
the high costs associated with drilling of the wells required to source and dispose of 
geothermal waters.  However, in the WCSB, over 200,000 wells have already been 
drilled for the purpose of exploiting its oil and gas resources.  A significant number of 
these wells already produce undesired but warm produced water. In other words, the 
well and gathering pipeline infrastructure required for geothermal exploitation already 
exists in the WCSB. The geothermal energy present in warm produced water is a huge 
resource that is currently untapped.   

In order to understand the potential for geothermal energy using the existing oil & gas 
infrastructure, publicly available data for all oil pools in Alberta were reviewed. Data were 
extracted for each well and then aggregated on the basis of the pool that a well belongs 
to. Water production from all oil pools in Alberta in January 1995 was approximately 
934,000 m3/day, while in September 2006 water production daily rate was approximately 
1,433,000 m3/day.  More mature fields tend to produce more water and, as a 
consequence, the water production rate has increased over time. Therefore, the 
geothermal energy potential from produced water is expected to be greater in the future 
than today.  

The temperature of the produced water was estimated on a pool basis by using 
formation temperatures which ranged from 21° C to 113° C for Alberta oil pools. 

The amount of geothermal energy brought to the surface by produced water was 
calculated on a pool basis using the volume of water and its estimated temperature. 
Produced water with temperatures less than 40° C was assumed to have little useful 
value. Therefore, the useful potential geothermal energy was taken as the energy that 
would be released by cooling warm water to 40° C.  

On this basis, 496 Alberta oil pools currently produce to the surface water with an 
estimated temperature above 40° C and, in total, account for 68,800 GJ per day of 
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potentially useful geothermal energy. As an approximation, 1 GJ per day represents the 
energy required to heat a typical house on a cold winter day.  

Geothermal energy can be converted to electrical energy. Using typical binary skid 
mounted plants used in geothermal applications, minimum temperature and water rate of 
80° C and 5,000 m3 per day (approximately 30,000 barrels per day) are required. The 
conversion efficiency is typically 5%. Only 8 oil pools exhibit a potential for electrical 
energy. In total, these 8 oil pools could produce 27 MW of electrical power. 

The top oil pools with geothermal potential are located northwest of Edmonton in a 
region that includes cities such as Grande Prairie, Valleyview and Swan Hills.  

Conclusions and Recommendations 

Carbonate Focused R&D 
Reservoir Characterization - Very little is known about the Grosmont and other 
carbonate formations containing bitumen. Therefore, the early focus must be on learning 
more about the geology and geomechanics of the formations and learning how to deal 
with the highly variable properties of these formations.  Recommended development 
programs specific to bitumen in carbonate formations are: 

 Geosurveying 
 Geological Data Gathering from Wells 
 Monitoring. 

AERI, ARC and Industry R&D Program - Bitumen in carbonate formations are a 
considerable resource in Alberta.  AERI, ARC and industry are currently designing a joint 
R&D program to undertake the laboratory and field work required to progress the 
sustainable development of this resource.  This joint development program should be 
supported. 

Direct Contact Steam Generator Development - The Direct Contact Steam Generator 
is a key technology for improving energy efficiency, reducing cost, reducing water 
intensity and reducing GHG intensity.  Development of the technology occurred some 20 
years ago for the purpose of generating steam in deep formations to avoid the 
considerable heat losses on the way down to the formation.  However, the current need 
for heavy oil and bitumen is different because in the WCSB, formations are relatively 
shallow.  This opens the possibility to locate the DCSG on the surface which would 
increase design flexibility and reduce maintenance complexity.  The key areas for future 
research are corrosion resistance, operational reliability and impact on the reservoir and 
the recovery process. 

The first step in reenergizing research on DCSG is to conduct a conceptual study of 
direct contact steam production, documenting past development and outlining key 
design criteria for options such as surface location, downhole location and portable units.  
Future steps would include laboratory work using prototypes to improve equipment 
design and better understand the thermal and chemical characteristics of the combined 
combustion gas and steam effluent.  Finally, technology demonstration in the field 
location will eventually be necessary. 
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Geochemistry and Geochemical - The geochemistry and reactions of steam and 
combustion gases with the formations will be complex and varied depending on the state 
of the carbonate deposit, the degree of dolomitization and karstification in any given 
region.  These interactions need to be investigated before development begins in 
earnest. 

Assessing Information from Gas Zones - Shallow gas production from Upper 
Grosmont formations has been significant.  Gas over bitumen issues are possible in the 
Carbonate Triangle.  More needs to be done to document gas pools that potentially exist 
over bitumen in carbonate formations.  This needs to be done early to avoid possible 
conflicts and the possibility of creating difficulties for recovery that may result from the 
depletion of overlying gas pools. 

Breaking Barriers - Development of geomechanical methods to break the shale layers 
between the Grosmont units may be useful in order to treat the formation as a single 
reservoir. 

Conventional Heavy Oil Focused R&D 
While conventional heavy oil wells have been under production since the 1950’s, and 
innovations such as CHOPS and progressive cavity pumps have allowed production 
rates to increase dramatically, the industry’s understanding of the recovery processes is 
still very incomplete.  Some areas for potential development are: 

Begin Field Testing of Basic SuperSump Concepts - The SuperSump concept 
developed by C-FER is a promising recovery technology that should be supported.  
Basic design principles of the novel concept proposed by C-FER could be tested starting 
with simple two well systems. A proof-of-concept test would allow key engineering and 
economic parameters to be estimated.  This would permit the determination of the need 
for a full-scale technology demonstration pilot. 

Immiscible CO2 EOR - Immiscible CO2 EOR is a promising concept for additional 
recovery of heavy oil in the Lloydminster area.  Preliminary laboratory work has been 
done by the Saskatchewan Research Council.  Additional core flood experiments are 
required to better understand the recovery process and the role of nitrogen in possibly 
improving sweep efficiency.  These studies would allow researchers to more precisely 
understand the potential for additional recovery from different gas mixtures, including 
compositional analysis of produced gases and liquids. 

Optimization studies between pure CO2 and various enriched flue gas mixtures would 
further develop the concept and pave the way to field experiments and technology 
piloting. 

Low cost, portable CO2 and flue gas delivery systems may be required to cost effectively 
implement immiscible CO2 EOR in the dispersed Lloydminster resource. Capital cost 
should be estimated and optimized for more flexible and portable production and 
injection facilities to match the dispersed character of the deposit. 
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Low-cost Reservoir Monitoring - Permanent sparse arrays are being installed in 
Weyburn-Midale and could be a tool for reservoir surveillance.  Cross-well seismic with 
well spacing of 400 m could provide a resolution down to 10 cm. 

Reservoir Characterization - There is a lack of reservoir characterization data for 
Lloydminster.  Most studies quote the same data.  SAGD projects in Athabasca have 
done more reservoir characterization work in less time than what has been done in 
Lloydminster.  For example, there are few tracer studies and no data on sand 
production. Different operators use different vent gas measurement methods and data 
cannot be compared. 

The GOR of heavy oil left behind after cold production should be measured to determine 
if this oil still contains gas.  There is also a need to study the behaviour of post-CHOPS 
reservoir fluids in comparison to initial production.  A major barrier is to develop 
standardized methods of fluid characterization for heavy oils. 

Improved Understanding of Heavy Oil Water Flooding - The success being 
experienced in heavy oil water flooding defies common reservoir theory, but must be 
better understood to allow further improvements and enhancements with other 
injectants. The current parametric study conducted by the Saskatchewan Research 
Council should continue to be supported. 

Geothermal Opportunities 
Geothermal opportunities from warm produced water that is already flowing to the 
surface as a result of existing oil and gas operations exist in the area northwest of 
Edmonton between Swan Hills and Grande Prairie.  This is a regional opportunity for the 
development of renewable energy using existing infrastructure.  Applications include the 
generation of over 20 megawatts of electrical power and substantial space heating 
applications for community buildings and possibly for agricultural processes such as 
greenhouses and other specialized crops.  This opportunity warrants a focused regional 
study to identify specific opportunities that would build on existing infrastructure and local 
electrical and thermal loads. 

GHG Technology Focused R&D 
This project identified several opportunities for greenhouse gas emissions reduction as 
follows: 

Vent Gas Reductions - Continued reductions in methane venting will provide a 
significant GHG emissions reduction in the Lloydminster area.  While producers continue 
to increase efforts to capture vent gas, the development of new technologies such as the 
SuperSump may provide a step change improvement in capturing vent gas. 

Direct Contact Steam Generator - The application of Direct Contact Steam Generator 
would improve energy efficiency by approximately 20% for thermal recovery 
technologies resulting in a GHG emissions reduction of similar magnitude.  In addition, 
injecting CO2 present in combustion gases with steam offers the opportunity to 
sequester a small amount of CO2 in formation waters. 



 

Low Carbon Futures – March 31, 2007 19 

Geothermal Energy - The development of geothermal energy potential from warm 
produced water could lead to the development of over 20 MW of renewable electrical 
energy and a larger amount of renewable thermal energy. 

Immiscible CO2 EOR - The development of immiscible CO2 EOR recovery technology 
for the Lloydminster area would avoid the adaptation of existing thermal technologies for 
these reservoirs and result in the avoidance of the large GHG emissions associated with 
thermal technologies. 

Sustainability Technology Focused R&D 
This project also identified opportunities for reducing the water intensity and land 
footprint associated with heavy oil and bitumen recovery. 

Direct Contact Steam Generator - The development and use of DCSG allows the use 
of untreated water which would have a direct beneficial impact on requirements for fresh 
water from thermal recovery technologies.  The DCSG also contributes water from 
combustion gases to the formation and this contribution reduces the need for makeup 
fresh water. 

Immiscible CO2 EOR - The development of EOR methods based on immiscible CO2 
would avoid the implementation of thermal methods in the Lloydminster area thereby 
reducing demand for fresh water. 

SuperSump - The implementation of the SuperSump technology would also result in a 
smaller land footprint for developments in the Lloydminster area.  The implementation of 
SuperSump allows drilling to be conducted from pads which reduces land disturbance as 
compared to the drilling of individual wells. 

Supporting R&D Efforts 
Reservoir characterization is at key technology development area that is relevant to both 
bitumen in carbonate formations and conventional heavy oil in the Lloydminster area.  
Improve seismic and logging tool methods and tracer studies offering greater resolution 
and lower costs would have a dramatic positive impact on resource recovery and the 
optimization of the recovery process through reservoir surveillance.  The need to 
develop tools that allow characterization of large-scale porosity such as fractures, vugs, 
caverns and wormholes would provide considerable support to developments in both the 
Grosmont and Lloydminster areas. 

Additional Exploratory Studies for Other Deposits 
While this report focused on two areas in need of additional technology to improve 
recovery and environmental performance, there are other reservoir categories where 
increased attention would likely pay significant dividends in terms of increase recovery 
and reduced environmental impact.  In particular: 

Athabasca Thin Oil Sand Reservoirs - Athabasca thin oil sand reservoirs are a 
considerable resource accounting for approximately one quarter of all oil sand 
resources. This resource is of the same magnitude as bitumen in carbonate formations.  
Technology concepts for this reservoir category need to be explored and modeled.  The 
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methods and tools developed in this project could easily be applied to this task and used 
to identify directions for future R&D and technology developments. 

Athabasca Shallow Oil Sand Reservoirs - Shallow oil sand reservoirs are oil sand 
deposits that are too deep to mine but too shallow for classic SAGD. They may 
eventually be developed using low pressure SAGD including hybrid methods that 
incorporate solvent with steam.  However these technology developments are in very 
early stages. Exploration of novel technology concepts would be beneficial and may lead 
to the identification of major challenge for R&D.  In particular, challenges are likely to 
exist with respect to barriers that would contain steam and solvents and avoid 
breakthrough of steam and solvents into overlying groundwater up to the surface. 
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1. Background – Current Situation Assessment 
The PTAC report entitled “Expanding Heavy Oil and Bitumen Resources while Mitigating 
GHG Emissions and Increasing Sustainability” provides a detailed assessment of the 
background for further development of bitumen recovery technology for “inaccessible” 
resources (Peachey, Godin et al. 2006).  The “Expanding Resources” report built on a 
number of previous roadmaps and reports prepared over the past 10 years, and was 
intended to be a high-level roadmap locating key “provinces and cities” on which more 
detailed roadmaps could be built through additional exploratory studies.  The current 
report is intended as the first follow-up “exploratory study” to begin defining the detail 
around key R&D paths on the overall roadmap. 

The following sections provide a brief overview of the key background issues which 
motivated the current investigation into Bitumen in Carbonate Formations, Conventional 
Heavy Oil and Warm Water Geothermal resources.  Subsequent reports will deal with 
the other issues identified. 

1.1. Heavy Oil and Bitumen Resources 
Table 1 summarizes the state of Alberta’s heavy oil and bitumen resources.  As can be 
seen from the table, the initial volume of bitumen in place and reserves of “accessible” 
bitumen resources overwhelm the conventional light to heavy reserves, even though 
most countries in the world would feel grateful to have just the conventional resources.  
However, the raw numbers tend to disguise the pressing priorities for RD&D for these 
assets. 

For bitumen, a reserve index of 436 years seems impressive. Yet the projected rapid 
rate of growth for this sector rapidly reduces the reserve index, which was based on 
2004 production rates.  Table 2 shows the impact of production rate on reserve index 
and that currently announced projects, if completed as scheduled, could reduce the 
reserve index considerably within the next 5-10 years.  The table also shows that there 
is a considerable range in the potential reserve index depending on assumptions made 
about recovery levels for each type of deposit, using technologies which lack the long-
term experience that is reflected on use of existing technologies for conventional oil 
recoveries.  Assuming high production levels are achieved in the near future the need to 
expand access to other bitumen resources may be much more critical than what is 
reflected by a simple reserve index calculation.  Therefore increasing production levels 
and increasing emissions and environmental impacts from such massive developments 
must drive a similarly significant effort to expand the future reserves beyond the current 
assessment of what is “accessible”. 
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Table 1 - Alberta Oil Resources Volume In Place and Reserves  
 Initial 

Volume 
In Place 
(billion 
m3) 

Cumulative 
Production 
(billion m3) 

Remaining 
Established 
Reserves 
(billion m3) 

2004 
Annual 
Production 
(billion m3) 

Currently Not 
Recoverable 
with 
Commercial 
Technologies 
(billion m3) 

Percent Not 
Recoverable 
(billion m3) 

Reserve 
Index 
(years) 

Bitumen 269.95 0.73 27.66 0.063 241.55 89.5% 436 

Conventional 
Light 
Medium Oil 7.86 2.11 0.18 0.023 5.57 70.9% 8 

Conventional 
Heavy Oil 2.14 0.31 0.07 0.012 1.76 82.3% 6 

Source: (Alberta Energy and Utilities Board 2005) 
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Table 2 –Reserves and Resource Life for “Accessible” 
Oil Sands 

 Initial In Place 
Volume (Assumed 

Recoverable)  
(billion m3) 

Percent of 
Total 
(%) 

Surface Mining (70-80% recovery?) 9.4 (6.6 to 7.5?) 3.5 

CSS and SAGD (10-30% recovery?) 82.9 (8.4 to 25?) 31 

Cold Primary Production (5-10% recovery?) 23.1 (1.2 to 2.4?) 9 

Total 115.4 (16 to 35?) 43 (14%) 

Reserve Index: 
 At 0.5 million m3/day (3 million barrels per day): 80 to 190 years 
 At 0.8 million m3/day (5 million barrels per day): 50 to 115 years 
 At 1.3 million m3/day (8 million barrels per day): 30 to 72 years 

Source: (Peachey, Godin et al. 2006) 

 

For the conventional light to heavy oil resources, in Canada and world-wide, the reserve 
indices are also more of a short–term assessment based on business as usual, and 
don’t reflect any major contribution from any widespread utilization of Enhanced Oil 
Recovery (EOR) methods such as miscible and immiscible gas injection.  For 
conventional heavy oil the recovery index is based on very low recovery rates, from a 
relatively small source, and is based on rapid development of production by drilling 
rather than a focus on recovery.  However, conventional heavy oil development has built 
up a significant base of infrastructure in wells, facilities, roads and people which should 
be taken advantage of for further development of these resources beyond the next few 
years.  This production is also becoming one of the lowest energy consuming and GHG 
emitting hydrocarbon energy sectors, so continuation of development of these resources 
to increase recovery should be a key priority. 

In the case of conventional light oil there are already proven gas EOR methods, 
developed in other operations around the world, which are waiting to be applied, as soon 
as a number of economic and infrastructure needs are better defined and put in place to 
encourage EOR development.  These assets are also the current source of large 
volumes of warm geothermal water, which might be tapped to assist in extending oil 
production, and increasing reserves, by reducing demand for external energy sources.  
Again these conventional light/medium assets are already well developed with 
associated infrastructure, making it useful to consider ways of extending production from 
these sources to avoid premature abandonment of the infrastructure. 
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1.2. Limits of Existing Technologies 
Current oil production levels are limited by various factors depending on the resource 
characteristics, economic drivers and environmental constraints.  These limits and 
constraints will be discussed in greater detail in the sections devoted to the bitumen in 
carbonate formations, conventional heavy oil and geothermal resources covered in this 
report. However, it is also useful to summarize the limits of existing technologies 
currently in use for these and other assets. 

Conventional Light/Medium Oil – The main limit is that these mature assets are 
reaching the recovery limits for primary and secondary recovery methods, which result in 
dropping oil production volumes, and increasing water production.  Water handling and 
management costs per volume of oil produced have reduced returns available from 
these assets and require either step changes in produced water management efficiency, 
or conversion of those assets to more capital and energy intensive EOR methods.  Both 
of these adjustments are limited by availability of manpower and capital resources in 
Western Canada. 

Conventional Heavy Oil – While a number of recovery processes are being used to 
produce conventional heavy oil, the lower value of the heavy oil product constrains 
production methods and recoveries to those that minimize capital investment in 
permanent facilities in the developing fields.  The primary contributor to heavy oil 
production rates are the high volumes of heavy oil being produced through “Cold 
Production” of heavy oil associated with high sand production (CHOPS) which requires 
the use of trucks.  While these practices can sustain relatively high rates, they limit 
ultimate recovery and change the characteristics of the remaining resource to the point 
that it is very difficult to assess the performance of potential enhanced recovery methods 
in these reservoirs. 

“Accessible” Oil Sands In-Situ Resources – The majority of the oil sands “accessible” 
deposits are found at depths too deep to economically mine, and are utilizing the least 
mature of the potential recovery technologies.  While mining is a well developed 
recovery method with experience gleaned from a wide–range of resource deposits, in-
situ methods have very few analogues, and most of those that are available are found in 
much smaller deposits with much more favourable characteristics.  While Cyclic Steam 
Stimulation (CSS) has a relatively long (30-40 year) history in some of the richest, 
thickest and deepest in-situ oil sands deposits, it is already known that moving into lower 
quality, thinner and shallower deposits will limit use of the current technology.  Steam 
Assisted Gravity Drainage (SAGD) and other similar processes have had an even 
shorter history, which mainly covers the initial start-up aspects of the process and no 
experience with long-term recovery prospects. 

“Inaccessible” Oil Sands Resources – For these resource types, consisting of 
bitumen in carbonate formations, thin oil sands (<10 m thick) and other challenging 
deposit types, there has been no commercial demonstration of any suitable recovery 
technology.  As a result these resources, comprising over 57% of the oil sands resource 
show no recovery and yet, as shown in the previous “Expanding Resources” report, 
have development potential if new concepts can be developed. 
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As can be appreciated from the above discussion all oil resources have some limitations 
that are currently forecast to limit recovery, but all have potential for recovery to be 
increased if the right recovery processes can be developed and applied in a sustainable 
manner. 

1.3. Economic Factors 
A key background issue to any assessment of R&D needs for heavy oil and oil sands is 
the economic driving forces affecting the rapid development of production.  Figure 1 
shows the rapid rise in oil sands production from Mining and In-Situ sources while Figure 
2 shows that revenues and expenditures having been increasing at a much greater rate 
than production levels.  At some point the rapidly rising costs should moderate 
production growth. However, it is too early to forecast how these factors may change 
over the coming years. 

The economic drivers shown in Figure 2 do not reflect the lag time in production coming 
onto the market after major capital investments. Therefore, there should be a step 
change in production as some of the later production phases come on line.  However, it 
can still be appreciated that R&D to reduce capital and operating costs, mainly 
associated with labour availability and productivity for construction and energy input 
costs during operations could have major impacts on the pace of oil sands development. 

 

Figure 1 – Oil Sands Production to 2005 
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Figure 2 – Oil Sands Revenue and Costs vs. Production 
to 2005 
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1.4. Safety and Environmental Factors 
Safety and environmental factors are gradually coming into play as oil sands operations 
grow.  Recently, the province has announced how they plan to limit water use during 
periods of low winter water flow in the Athabasca River, which will likely put some 
constraints on the pace of development as producers assess their water needs and how 
the available water supplies will be allocated in periods of low flow. Figure 3 shows the 
water make-up and recycle intensities for various reserves. 

Safety issues are being impacted by the prolonged high pace of development in a 
relatively isolated region.  While producers are providing more elaborate and hospitable 
camps in the oil sands region, travel to and from the project areas is adding to risks 
associated with the overloaded infrastructure.  Hazards are also associated with a 
greater percentage of new workers on rapidly changing and expanding construction sites 
as projects move into on-site work and commissioning activities. 
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Figure 3 – Water Make-up and Recycle Intensities 
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1.5. Energy and GHG Intensity Indicators 
While full cycle energy intensities have remained relatively steady in on-going 
established operations, the overall energy intensity of the oil sands industry remains 
much higher than other types of oil production.  Currently SAGD and CSS in-situ 
operations consume approximately one unit of energy for each 4 units of energy 
produced for sale, which is 2-3 times the energy intensity of conventional light and heavy 
production.  Figure 4 illustrates energy intensities for various recovery technologies. 

This in turn directly results in an increased CO2 emissions intensity when compared to 
conventional oil production. Emissions intensity increases even further when upgrading 
emissions are added to production emissions.  As in the case of water use, energy and 
GHG intensities are expected to increase as production moves from the current high 
quality deposits to lower quality resources. Figure 5 illustrates the situation. 
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Figure 4 – Energy Intensity (1995) 
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Figure 5 – Greenhouse Gas Intensity (1995) 
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In the case of conventional heavy oil, the largest GHG contribution has historically been 
from methane emissions from well venting.  As shown in Figure 6, in recent years, vent 
emissions have been radically reduced, driven by voluntary industry commitments and 
increasing natural gas prices.  These voluntary reductions have now been reinforced 
with the implementation of the EUB’s Directive 60 on Flaring and Venting which was 
issued in October 2006. Directive 60 requires companies to undertake additional gas 
conservation efforts.  As Saskatchewan does not have the same regulations or reporting 
requirements, it is uncertain how much of a reduction has been achieved in heavy oil 
operations in that province. 

 

Figure 6 – Solution Gas Vent Volumes in Alberta 
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Source: (Alberta Energy and Utilities Board 2006) 

 

1.6. Security and Societal Factors 
While increasing oil sands production is credited with increasing the overall security of 
North American oil supplies, there is still uncertainty with the ultimate demand for heavy 
oil, bitumen and synthetic oil products.  The pace of growth is also severely constrained 
by manpower limitations and will ultimately be limited by markets.  Forecasts of 
construction efforts based on project applications tend to indicate a need to increase 
construction manpower levels in the near-term well beyond levels the province is 
currently able to sustain. However, construction activity then drops again to current 
levels after a 3-4 year boom. 

Given that the local Fort McMurray and Alberta economies are already experiencing 
rapid escalation in construction costs, manpower shortages, shortages of infrastructure 
and accommodation and services, it does not appear reasonable to assume that such a 
disruptive boom and bust will occur in the next four years.  Given that each directly 
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employed front line worker requires anywhere from 5-15 additional support positions to 
be filled to support construction, the more likely case will be a more gradual and on-
going increase in construction activity over a longer timeframe. 

Societal issues are growing in Alberta, with concerns that perceived societal costs are 
beginning to outweigh the perceived benefits of industrial growth.  These societal 
concerns are likely to influence policy and lead to increasing pressure to slow 
development to a more sustainable pace. 

1.7. R&D Support 
While construction and operating expenditures have been rapidly increasing and 
keeping pace with oil prices, R&D expenditures may not have kept pace as a percentage 
of revenues.  Provincial investments in R&D have been a significant percentage of 
collected oil sands royalties. However, royalties have only recently begun to increase as 
more projects reach payout and development of new projects may slow.  Industry 
investments have been larger in absolute terms but smaller in relative terms compared 
to revenues.  Most activities have been focused on near-term problems and 
environmental issues which have the potential to adversely impact new development.  
There is now growing support for developing more long-term R&D activities in support of 
bitumen in carbonate formations, as well as in demonstrating processes which may 
increase recoveries of conventional heavy oil.  However, it will take some time to get 
these activities organized and build up the research capability to undertake any 
significant additional R&D work.  A greater shortage for the existing researchers is in the 
reduced access to producer personnel and field access to obtain direction and 
information in support of theoretical research and controlled field demonstrations of new 
technologies. 

1.8. Other Previous Roadmaps and Studies 
As indicated earlier, this exploratory study is a continuation of work based on previous 
roadmaps and reports.  The previous “Expanding Resources” report provided 
summaries of previous efforts and included references to previous roadmaps in the 
report appendices. The work described here is a continuation of only a few of those 
identified. Subsequent efforts will focus on the others. 
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2. Objectives and Development Process 

2.1. Objectives of the Study 
The main objective is to investigate the most promising options for recovery technologies 
with low GHG emissions from two key resource areas: bitumen in carbonate formations 
and conventional heavy oil. These areas are currently poorly defined or understood.  An 
additional objective is to gather information and assess the potential of utilizing Alberta’s 
large warm water geothermal resources as an alternative energy source for oil sands 
and heavy oil development. 

2.2. Areas of Focus 
As the first “exploratory study” to build on the “Expanding Resources” report, the areas 
of focus were selected based on an assessment of the near-term as well as long-term 
potential of bitumen in carbonate formations and conventional heavy oil.  As well as 
being large resources where there is promise of being able to define some breakthrough 
technologies to increase recovery, they are also located close to large sources of carbon 
dioxide from industry upgraders. Any potential to utilize by-product CO2 in a recovery 
process would reduce GHG emissions.  

The geothermal component was to be assessed as a potential renewable source of 
energy. Geothermal warm water is a resource that is already being accessed and that 
might potentially be turned into a new energy source for oil development. 

2.3. Development Process 
The project was planned to build from the basic research that was gathered for the more 
generic and high-level “Expanding Resources” report. The project will develop more 
details and more information on potential promising development scenarios for the 
resources under consideration.  The work was broken down into 5 tasks outlined below: 

Task 1 – Literature Search - Review and summarize all currently available information 
on the key areas of study to allow the exploratory study.  The literature search focused 
on determining key information to allow development of scenarios, geographical 
distribution and characteristics of resources and appropriate ranges for key variables. 

Task 2 – Scenario Development - Scenarios were developed considering potential 
development options for each of the two main resource areas.  Development of 
scenarios involved input from a number of contract experts from universities and other 
research organizations, through interviews, and smaller working groups. 

Task 3 – Spreadsheet Model Development and Scenario Runs - A high-level model 
captured in a spreadsheet format was developed using basic formulas and input factors 
to assess the relative economic, GHG and sustainability impacts of various development 
scenarios.  It will allow new scenario assessments as R&D adds to the knowledge base 
for key input and output factors. 
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Task 4 – Project Management, Report and Presentations Preparation - PTAC 
formed a Viscous Oil Recovery Steering Committee which is a small steering committee 
of industry and researchers with expertise in heavy oil, oil sands, CO2 EOR and 
geothermal systems.  The intent of this committee is to provide advice and input to a 
series of “exploratory studies” as follow-up to the original “Expanding Resources 
Report”.  This task also covers basic report preparation and preparation of presentation 
materials for communicating results. 

Task 5 – Communication and Testing of Results – A Technology Information Session 
and two follow-up workshops were held in February 2007 to present initial information 
and test the viability of proposed development scenarios.  These were supplemented 
with later presentations to NRCan personnel in Devon and ARC personnel working on 
the development of R&D strategies for bitumen in carbonate formations. 

2.4. Literature Search Output 
Access to the literature search output from both the “Expanding Resources” and the 
current study is being provided through PTAC’s Knowledge Centre to attempt to assist 
follow-up researchers in quickly accessing valuable information to stimulate further work 
and discussion. 

2.5. Scenario Assessment Spreadsheet Model 
The Excel based scenario assessment tool was developed in a way which will allows 
users to assess the potential options for resource development and determine potential 
differences in GHG and sustainability impacts from these options.  This tool can be 
further expanded in later studies to include other resources and also to adjust 
sustainability factors as more information is developed through research and results of 
field operations. 
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3. Bitumen in Carbonate Formations 

3.1. Resource Description 
While bitumen is generally associated with oil sands, 71.1 billion m3, or 26% of Alberta's 
bitumen resources, are contained in carbonate rocks rather than sand formations.  The 
“Carbonate Triangle” deposits have been identified as being one of the most technically 
challenging bitumen resources. The development of sustainable recovery technologies 
for bitumen in carbonate formations could result in a significant expansion of bitumen 
resources.  This is not a new realization, as carbonates were originally targeted for 
technology development by the Alberta Oil Sands Technology and Research Authority 
(AOSTRA) in the 1970’s and 1980’s. Production pilots were operated but with mixed 
results.  In 2006, over twenty years after the original Grosmont pilots, bitumen recovery 
technology has progressed substantially and some of these improvements could now be 
applied to the challenges of sustainably recovering bitumen from carbonate rocks in 
Alberta.  

There are four major bitumen bearing carbonate formations in Alberta, for which volume 
in place has been determined by the EUB, as indicated on Table 3. The most significant 
deposit is the Grosmont formation in the Athabasca region, accounting for 71% of 
bitumen in place volume in Alberta carbonate deposits.   

 

Table 3 - Major Bitumen Carbonate Formations 
Region Deposit Original Volume In 

Place 
(billion m3) 

Percent Total 

Athabasca Grosmont 50.5 71.0% 

 Nisku 10.3 14.5% 

Peace River Debolt 7.8 11.0% 

 Shunda 2.5 3.5% 

Source: (Alberta Energy and Utilities Board 2006) 

 

In addition, smaller carbonate deposits have been identified in the past as containing 
bitumen accumulations, such as the Mississippian Pekisko formation and the Devonian 
Wabamun, Blueridge, Upper Ireton, Leduc and Cooking Lake (Harrison 1982). Bitumen 
is currently being produced by cold primary production from the Pekisko carbonate 
formation in the Peace River area. Based on an estimate done thirty years ago, the 
Pekisko formation was presumed to contain 5 billion m3 of bitumen in place (Outtrim and 
Evans 1977). 
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3.1.1. Overview of Athabasca Carbonate Formations 
The Devonian Grosmont and Nisku formations are located in Athabasca. The Grosmont 
formation is by far the largest and it is estimated to contain 50.5 billon m3 of in place 
bitumen.  The Grosmont formation is subdivided into four units separated by relatively 
thin but regionally extensive shale layers. The Nisku formation is estimated to contain 
10.3 billion m³ of in place bitumen.  The Nisku overlies part of the Grosmont formation 
and is separated from it by the shales of the Ireton formation.  As shown by the map in 
Figure 7, the bitumen accumulation in the Nisku formation covers a smaller area than 
the bitumen accumulation in the Grosmont formation but, for the most part, the bitumen 
deposit of the Nisku overlies the bitumen deposit of the Grosmont. The younger 
Cretaceous oil sands of the Wabiskaw McMurray deposit in turn overlie part of the Nisku 
and the Grosmont.  

In the Grosmont and the Nisku, the best reservoir rocks are dolostones showing 
evidence of karstification caused by past aerial exposure.  Diagenesis processes have 
caused significant primary and secondary types of porosity.  Subsequent oil migration 
and degradation have resulted in high bitumen saturation in the porous rocks along the 
eastern margin of the Grosmont and Nisku formations.  The rocks with poorer reservoir 
characteristics are limestone because they generally exhibit low primary and no 
secondary porosity. Secondary porosity found in the Grosmont and the Nisku include 
small and large vugs, fractures, and meter size dissolution cavities and caverns. 

Large secondary porosity features obviously exhibit high porosity and may contain 
relatively large localized bitumen accumulations.  They have high permeability and may 
function as channels for distribution of injected fluids and for drainage of bitumen.  
However, some caverns are large enough to impair seal effectiveness and indeed 
breach shale layers that are present between the various Grosmont units and between 
the Grosmont formation and the Nisku formation. 

In areas of significant secondary porosity, porosity values of 40% are common as well as 
permeability values of 30,000 mD. 

Generally, the higher stratigraphic units such as the Nisku, the Upper Grosmont 3 and 
the Upper Grosmont 2 exhibit greater amounts of secondary porosity that the lower 
stratigraphic units. The Upper Grosmont 2 and the Nisku formation are generally 
recognized as the best bitumen reservoirs. 

The bitumen that is today found in the carbonate formations and in Cretaceous sand 
deposits is generally thought to have a common origin.  It is hypothesized that it 
migrated as a light paraffinic crude oil and became trapped in these formations.  Over 
time the oil was transformed into bitumen by biodegradation and water washing 
processes. 
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Figure 7 – Athabasca Bitumen Deposits 

 
Sources: (Alberta Energy and Utilities Board 1996; Alberta Energy and Utilities Board 
2006) 
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3.1.2. Overview of Peace River Carbonate Formations 
An analogous situation exists in the Peace River area, as shown in Figure 8. The older 
Mississippian Rundle group is overlain in part by the Permian sands of the Belloy 
formation and the Cretaceous sands of the Bluesky Gething formation. The Rundle 
group is composed of approximately 430 m of shallow water carbonate platform 
sediments (Flach 1984).  It is composed in ascending order of the Pekisko formation, the 
Shunda formation and the Debolt formation.  The group dips to the west and is truncated 
on its eastern edge at the Pre-Cretaceous unconformity.   

 

Figure 8 – Peace River Bitumen Deposits Mapped by the 
EUB 

 
Sources: (Rottenfusser 1985; Alberta Energy and Utilities Board 1996) 

 

Bitumen is present in the Pekisko, Shunda and Debolt formations underlying the Peace 
River oil sands deposit.  At the time the migration, normal gravity crude likely migrated 
updip through the carbonate formations and became trapped at the unconformity 
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because of the presence of an overlying Cretaceous shale barrier. It is at the truncated 
northeast edge that petroleum accumulations occur. The oil was then biodegraded in 
situ to become heavy oil and bitumen. 

Mapping of bitumen pay for the Pekisko is not available and it is incomplete for the 
Shunda and Debolt, reflecting the neglected status of these carbonate deposits. 

3.1.3. Grosmont Formation 
The Grosmont formation is an immense shallow marine carbonate sequence that lays 
underneath some the Cretaceous oil sands deposits. It is a regionally extensive 
carbonate platform of a generally rectangular shape, approximately 500 km in length and 
150 km in width and covering a total surface of approximately 100,000 km².  The area 
where bitumen has accumulated is located approximately 100 km west of Fort McMurray 
in northern Alberta. Bitumen has accumulated on the eastern eroded margin of the 
Grosmont formation, as shown earlier in Figure 7. The Grosmont formation is of 
Devonian age and part of the Woodbend Group. 

To the south and west, the limits of the formation are depositional and defined by a 
transition to shales and marls of the Ireton formation.  The eastern margin is limited by 
an erosional edge where bitumen has accumulated and where it is capped by 
Cretaceous shales and sands. The erosional surface can vary by up to 35 m in as little 
as 3 km which illustrate the variability of this formation.  Its extension to the north is 
poorly defined because of limited well control in Wood Buffalo National Park. The 
formation gently dips to the southwest at approximately 5.5 m per kilometre. 

The Grosmont formation is underlain by the shales of the Ireton formation. In certain 
areas, it rests directly upon a Leduc reef build-up which may contain conventional oil and 
gas.  Except for the erosional edge on the eastern margin, the Grosmont is overlain by 
the shales of the Upper Ireton formation which in turn is overlain by the Nisku carbonate 
formation of the Winterburn Group.  The Nisku formation also contains bitumen in some 
areas.  At the pre-Cretaceous unconformity, the Grosmont is overlain in places by 
Clearwater shales or the clastics of the Wabiskaw McMurray formations which may also 
contain bitumen and gas. Figure 9 illustrates the stratigraphic sequence above and 
below the Grosmont. 

The Grosmont formation is buried at depths ranging from 250 m to 420 m with a total 
thickness of 170 to 180 m. Pay thickness varies considerably from 25 m to over 80 m.  
Along the eastern erosional margin, bitumen saturation is high. Bitumen accumulation is 
highest on the eastern margin, in the area of Townships 80 to 95, Ranges 16 to 25 west 
of the fourth meridian.  

Grosmont bitumen is heavier than bitumen in Athabasca oil sands, with API gravity of 5° 
to 9° and a viscosity of approximately 1,600,000 centipoises at reservoir conditions. The 
degree of biodegradation increases from west to east (Buschkuehle 2006). Biomarker 
geochemical analysis conducted on bitumen from Alberta carbonate and oil sand 
formations support the hypothesis of a common source for all these materials (Hoffmann 
and Strausz 1986) and found that the degree of biodegradation was as follows, in 
descending order: Grosmont, Nisku, Debolt, Shunda, Upper Ireton, Wabiskaw McMurray 
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oil sands (Brooks, Fowler et al. 1988). 

 

Figure 9 – Stratigraphic Sequence  
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Adapted from (Alberta Energy and Utilities Board 2002) 

 

On average, reservoir temperature and pressure are 11° C and 1.4 MPa respectively. 

The Grosmont reservoir is likely to be oil wet with presence of mixed wettability, as are 
most carbonate reservoirs. It is possible that the matrix would be oil wet while the small 
vugs could be water wet. 

The Grosmont was the object of four recovery pilots in the 1980s: Orchid, Algar, Buffalo 
Creek and McLean. Results were described as “spectacular but erratic”, and the 
production pilots were abandoned when oil prices dropped and funding for the pilots was 
reduced (Redford 1987; Alberta Oil Sands Technology and Research Authority 1991).  
Data for three of the production pilots are shown in Table 4. 
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Table 4 - Reservoir Parameters for the Grosmont 
Production Pilots 

 Buffalo Creek McLean Algar 

Average Formation Depth (m) 295 295 300 

Formation Temperature (°C) 10° C 10° C 24° C 

Initial Reservoir Pressure 
(psig) 

150  150  200 

Bitumen Zone Gross Pay (m) 30  30  25 

Net Pay (m) 20 20  

Porosity (%) 20.4 20.4 14.1 

Bitumen Saturation (%) 78.8 78.8  

Pore Oil (%)   55 

Water Saturation (%) 16.2 16.2  

Pore Water (%)   32.8 

Gas Saturation (%) 3.0 3.0  

Source: (Chevron Standard Limited 1975; Union Oil Company of Canada 1976; Union 
Oil Company of Canada 1981; Union Oil Company of Canada 1982; Union Oil Company 
of Canada 1984; Union Oil Company of Canada 1985; Union Oil Company of Canada 
1985) 

 

3.1.3.1. Deposition 
A study of the lithofacies, diagenesis and reservoir properties was conducted at the 
University of Calgary during the late 1980s. It focused on an area between townships 86 
and 98, ranges 16 to 25, west of the fourth meridian. It used over 200 well logs and 
cores from 37 wells (Theriault 1988). A second investigation into the diagenesis and 
reservoir characteristics of the heavy oil carbonate trend was conducted between 1989 
and 1992 by Machel and Luo of the University of Alberta (Machel, Luo et al. 1993).  
Wireline logs from 195 wells, cores from 42 wells and 563 samples were analyzed as 
part of the investigation which focused on an area extending from townships 80 to 95 
and ranges 16 to 25, west of the fourth meridian. Recently, the Alberta Geological 
Survey examined cores and published available information about the Grosmont 
formation (Buschkuehle and Grobe 2004). The information presented in the following 
sections is based of the previous endeavours mentioned above. 

The Grosmont formation was formed in a shallow marine environment.  The vertical 
build-up of the platform is the result of a succession of shallowing upward depositional 
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cycles of varying magnitude.  On a regional basis the original environment ranged from 
normal open marine including the development of small reefs to intertidal shoreline 
complexes (Harrison 1982).  

Seven lives lithofacies are present in the Grosmont formation (Theriault 1988) 

 Nodular mudstone and wackestone 

 Argillaceous nodular or fissile mudstone and wackestone 

 Peloidal wackestone and packestone 

 Floatstone and rudstone 

 Massive fossil ferrous dolomite 

 Laminated non-vociferous dolomites 

 Dolomite-breccia 

3.1.3.2. Diagenesis 
Diagenesis has had a significant and complex impact on reservoir characteristics of the 
Grosmont formation.  Diagenetic processes strongly control porosity, particularly in the 
Upper Grosmont units 3 and 2.  Major diagenetic processes of interest are:  

 Changes related to original porosity destruction by re-crystallization and 
sedimentation;  

 Changes resulting in porosity enhancement by processes such as dolomitization, 
dissolution and fracturing. Dolomitization has resulted in the formation of dolomite 
that has excellent porosity, approximately 20%; and, 

 Karsts have created a very heterogeneous reservoir and porosity related to karst 
features can commonly reach locally 40% and possibly up to 100% in caverns. 

Dolomitization is by far the most important diagenetic process that affected reservoir 
properties for the Grosmont.  It is of regional extent and created porosity in what would 
be otherwise a tight limestone rock.  The Upper Grosmont 3 and 2 are completely 
dolomitized.  Dolomitization is patchy in the Upper Grosmont 1 and restricted in the 
Lower Grosmont unit.  

The complete sequence of stages of dolomitization is visible in Grosmont cores.  Some 
dolomitization occurred in conjunction with sedimentation and was associated with the 
presence of brines from shale and limestone in the area.  Dissolution processes are 
interpreted as being related to the action of meteoric waters on Grosmont rocks during 
subaerial exposure prior to the deposition of the overlaying Cretaceous sediments. 
Evidence of dissolution is found as secondary voids and selective leaching of fossils. 
The main impact of dissolution is the presence of vuggy porosity from the leaching of 
dolomite that substantially enhanced porosity and permeability in the rocks near the 
erosional edge.  

The degree of dissolution probably varied throughout geological time.  However the 
intensity of karst related processes such as dissolution, fracturing, and dolomitization 
was probably at its peak during the Jurassic and early Cretaceous. During this time any 
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strata exposed to the atmosphere was probably extremely prone to karst development 
because the climate was warm and humid. 

3.1.3.3. Porosity Description 
The Grosmont reservoir dolostones were formed as a result of dolomitization and 
superimposed karstification. Porosity is defined as the sum of all openings in the mineral 
network commonly expressed as a percentage of the bulk volume of a sample.  A pore 
is defined as a local swelling or enlargement along or within a pore system.  The more 
constricted openings between discrete pores are called pore throats or interconnections.  
The pore system identifies each of the several types of associated porosity. A vug is a 
pore that is large enough to be visible with the unaided eye, in other words, with a 
diameter greater than one millimetre.  Vugs and vuggy porosity are terms generally used 
to describe porosity on the scale of core logging and outcrop observations.  

Machel and Luo developed a customized model of porosity classification for the 
Grosmont based on earlier work (Choquette and Pray 1970). 

 Vugs and caverns are defined as porosity that can be observed with the unaided eye 
mostly during core logging and outcrop observations.  Caverns and vugs are further 
classified into megaporosity which are voids greater than 256 mm and macroporosity 
which is between one or and 256 mm.  Flow within vugs and caverns is generally 
heterogeneous and even large samples such as full diameter cores can’t capture 
flow in such dual porosity systems.  

 Pores are openings between 1 and 1,000 microns (µ)  

 Micropores are openings less than 1 µ (Machel, Luo et al. 1993). 

Porosity varies in character and distribution throughout the Grosmont.  In the subcrop 
edge area where the bitumen accumulation is located, porosity is almost entirely 
secondary or diagenetic in nature rather than primary or depositional.  It is generally 
characterized as a dual porosity fabric with excellent lateral continuity and but having 
highly variable vertical reservoir pore fabric (Alberta Energy and Utilities Board 1996).  

Various types of fractures of are ubiquitous and can be characterized as follows: 

 Variable length and orientation 

 Cross-cut several lithologies 

 Open or filled with hydrocarbons, or sparry calcite, dolomite cement or pyrite 
(Theriault 1988) 

Fractures in the Grosmont formation were probably developed when the rock was under 
pressure from the overburden. Some fractures may also be the result of unloading the 
formation during erosion. 

Thin and short fractures show localized solution enlargement.  Irregular dissolution 
cavities ranging in size from microscopic to several centimetres across are extremely 
common and in a few areas appear to reach cavernous proportion immediately beneath 
the pre-Cretaceous unconformity.  The most important pore type is intercrystalline which 
resulted from dolomitization.  It is developed pervasively throughout much of the 
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Grosmont (Dembicki 1994). 

An outcrop of the Grosmont exists along the north-west bank of the Peace River within 
the Vermilion Rapids. There, vugs vary in size up to about 2.5 cm in diameter. 

Caverns probably represent fractures, vugs, collapsed breccias, large dissolution 
cavities or combinations thereof.  On well logs, caverns are recognized by excursions of 
the caliper log as well as off-scale neutron density porosity readings in clean carbonate 
intervals.  The sonic log also skips badly in caverns.  The average cavern height in the 
Grosmont is 23.5 m but 60% of the caverns are less than 15 m in height (Dembicki 
1994).  Core descriptions indicate that caverns are associated with karst related 
fractures or breccias where the cores recovered range from poor to none. 

In one example of a cavern, the caliper log indicates that the cavern is present at the top 
of the Upper Grosmont 2 and that it is approximately 10 m in height.  Towards the top of 
the cavern the porosity tool goes off-scale because of lost pad contact.  Core recovered 
from the cavern showed that it is comprised of intervals of competent rock with vuggy 
porosity and incompetent rock composed of dolomite powder and dolomite fragments.  
In another example, the cavern is 22 m in height and starts from the Upper Ireton and 
extends down to the top of the Upper Grosmont 3. Another cavern begins in the Upper 
Grosmont 3 and extends to the Upper Grosmont 2 is approximately 30 m in height. 
(Dembicki 1994) 

Caverns are present throughout the Grosmont but there is no regionally predictable 
pattern. However there is an overall decrease in cavern abundance with depth.   

Drilling wells in the Grosmont formation is challenging because it is severely fractured 
and large dissolution cavities are present where sudden drill bit drops occur and mud 
circulation is lost.  When attempting to complete a well through karsts, the cement bond 
between the casing and the formation is frequently of poor quality because of high 
cement losses in the highly fractured wall rock.  Therefore there is a possibility of vertical 
communication.  During the first Unocal and AOSTRA pilots at Chipewyan River and 
Buffalo Creek, unwanted vertical communication between the reservoir units occurred 
because of poor casing to formation cement bond (Vandermeer and Presber 1980). 

3.1.3.4. Reservoir Model 
The reservoir rock model most likely to describe the Grosmont formation is a dual 
porosity reservoir where permeability contrasts of at least two orders of magnitude exist 
between the storage blocks (or the matrix) and the large void systems (such as 
fractures, channels and vugs).  

3.1.3.5. Stratigraphic Units 
The Grosmont formation was divided into four stratigraphic units, as shown on Figure 8 
(Harrison 1982). Each unit is separated by shale beds 2 to 7 m thick. The presence of 
the shale breaks is consistent at a regional level and they are used to define and mark 
the units. While the shale barriers are consistent regionally they may be breached by 
karst features and fractures or removed by erosion in some areas. Average reservoir 
properties for the Grosmont units are shown in Table 5, as compiled by the Alberta 
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Energy and Utilities Board. The same properties are described in greater detail in Table 
6 using data from research conducted at the University of Calgary. Overall averages are 
provided, as well as variation of averages with depth, and maximum and minimum 
readings when available.  

In general, porosity and bitumen saturation decrease with depth, and permeability is 
directly correlated with porosity. There are indications that API density decreases with 
depth. However, significant variations occur laterally and vertically because of the high 
degree of heterogeneity of the formation. For example, porosities greater than 20% are 
measured in the northeast and the south of the bitumen saturated area, while lower 
porosities are found in the west. The highest bitumen saturation readings are located in 
the area of the pre-Cretaceous unconformity. It appears that the porous and bitumen 
saturated zones lie beneath the unconformity. 
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Table 5 – Average Reservoir Properties of Grosmont Formation Units 
Grosmont Unit Initial Bitumen 

Volume In 
Place  

(Billion m3) 

Initial Bitumen 
Volume In 

Place (Percent) 

Average Pay 
Thickness  

(m) 

Average 
Porosity 
(Percent) 

Average 
Bitumen 

Saturation 
(Percent) 

Average Water 
Saturation 
(Percent) 

Upper Grosmont 
3 

19.89 39.4 16 20 67 33 

Upper Grosmont 
2 

15.39 30.5 10 16 75 25 

Upper Grosmont 
1 

5.38 10.6 5 15 69 31 

Lower Grosmont 9.84 19.5 10 14 60 40 

Total 50.5 100.0     

Source: (Alberta Energy and Utilities Board 1996) 
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Table 6 – Detailed Reservoir Properties of Grosmont 
Formation Units 

Grosmont Unit Average Porosity 
(Range) 

(Percent) 

Permeability (mD) Bitumen 
Saturation 

(Percent Pore 
Volume) 

Upper Grosmont 3 Average:18 
Range: 12 to 25 

Maximum reading: 35 
Minimum reading: 5 

Range: 10 to 100  
Maximum reading: 

~2,000 
Minimum reading: ~0.1 

Average 1: 60 to 
80 

Average 2: 10 

Upper Grosmont 2 Average:~15 
Range: 8 to 20 

Maximum reading: 35 
Minimum reading: ~5 

Average: 100 
Range: 10 to 200 
Maximum reading: 

~5,000 
Minimum reading: ~1 

Average 1: 70 to 
80 

Average 2: 10 

Upper Grosmont 1  
(Limestone 
intervals) 

Range: 5 to 10 Low  

 

Low  

Upper Grosmont 1 
(Dolomite 
intervals) 

Range: 20 to 30 Range: 1 to 1,000  60 (near 
unconformity 

Lower Grosmont 
(Limestone 
intervals) 

Range: 5 to 8 0.1  Low  

 

Lower Grosmont 
(Dolomite 
intervals) 

Range: 10 to 15 Range: 1 to 100  80 (near 
unconformity) 

From core analysis of up to 33 wells between townships 86 and 98, and ranges 16 to 25, 
W4 
Adapted from (Theriault 1988) 

 

Porosity varies with depth across all four Grosmont units.  Regions of high porosity also 
exhibit high permeability. As shown in Table 4, average porosity varies from 8% to 25%.  
However minimum and maximum values can vary between 5 and 35%.  The highest 
porosity areas are found near the bottom of the Upper Grosmont 3 and the top of the 
Upper Grosmont 2 where average porosities of 20% are encountered.  The Upper 
Grosmont 3 exhibits generally good inter-crystalline porosity and small vugs 1 to 2 mm in 
diameter. Porosity in the Upper Grosmont 2 unit is good to excellent vuggy fracture and 
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mouldic porosity.  Pores have a low pore to throat ratio.  Pores are connected by sheet 
like throats near the vug but interconnection between the pores becomes almost 
nonexistent away from the vug.  (Theriault 1988) 

The porosity contribution from the abundant vugs and fractures is difficult to estimate 
because the size of these features is commonly bigger than the core diameter and their 
complex geometry varies in three dimensions.   

The four Grosmont units are described in details below, from top to bottom: 

3.1.3.6. Upper Grosmont 3 
The Upper Grosmont 3 (UGM3) is the top Grosmont unit. Its thickness is relatively 
uniform between 30 m to slightly over 40 m except within the erosional edge where 
thickness can vary by up to 40 m. The thickness increases toward the west where it can 
reach 70 m. The UGM3 dips slightly to the southwest at approximately 5.2 m per 
kilometre.   

In the westerly portions of the Upper Grosmont 3, it is commonly overlain and 
intertongued by the evaporites on the Hondo formation. 

The UGM3 subcrops on its eastern boundary where strike and elevation become 
irregular especially in township 89 range 20, west of the fourth meridian where a 
sinkhole is present(Dembicki 1994).  The University of Alberta study identified 41 
caverns from log data, randomly distributed throughout the unit (Dembicki 1994).  It 
appears that the karstification is extensive and well developed within the Upper 
Grosmont 3. The unit is very porous with average porosity greater than 20% and 
localized values exceeding 30% particularly when associated with caverns.   

The caprock above the UGM3 varies by location.  Over its erosional edge, north of 
township 90 and west of range 21 W4, the UGM3 is capped by the shales of the 
Clearwater formation which are considered an effective seal for thermal recovery 
processes. Elsewhere, the erosional edge of the UGM3 may be overlain by the sands of 
the McMurray formation and Wabiskaw member which are not likely to offer good seal 
properties.  West of the erosional edge, the UGM3 is capped by the Upper Ireton 
formation with its mixed clastic and carbonates lithologies.  The Upper Ireton formation 
has variable seal characteristics depending on location due to its lithologic 
heterogeneity.  In addition, the Upper Ireton formation is breached by numerous karst 
and cavern features.  

Bitumen accumulation is highest immediately southwest of the erosional edge in the 
areas if townships 80 to 90, ranges 20 to 24W4. It decreases towards the northeast and 
the southwest reflecting a decrease in bitumen saturation. Where present, bitumen can 
be thick and in high saturation. However, the variable quality caprock, breaches by 
karsts and caverns, and the presence of overlaying gas pools in the pre-Cretaceous 
unconformity area make the UGM3 a significant challenge for recovery processes. 

3.1.3.7. Upper Grosmont 2 
Below the Upper Grosmont 3 there is a shale break that separates it from the Upper 
Grosmont 2 (UGM2).  The shale break is of uniform thickness which ranges between 2 
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and 4 m although several highs and lows are present.  Most of the low thickness areas 
are near the subcrop edge south of township 89 and over the underlying Rimbey-
Meadowbrook reef trend north of township 85.  In addition, this shale break is completely 
removed by a sinkhole in township 89, range 20 W4.  Examination of well logs revealed 
that this shale break has been breached by karst features in 22 areas located along the 
erosional edge between townships 85 and 89.  In this area, it appears that the absence 
of Upper Ireton caprock combined with a thin shale break allowed the penetration of 
karst waters into the underlying UGM2.  The ability of this shale break to act as a seal for 
thermal recovery processes varies by location.  Where the shale break is thin or 
breached, it will be unable to contain steam or other fluids injected into the UGM2. 

The Upper Grosmont 2 was the primary target for production pilots in the 1970s and 
1980s. In hindsight, it appears that the location of the Buffalo Creek and the McLean 
pilots were in an area where the shale break above the UGM2 is relatively thin at about 
2 m and therefore prone to fracturing.  In addition, this area features a number of 
breaches in the shale barrier due to karstification. A thin shale barrier, along with 
numerous natural breaches, helps explain the production problems associated with 
these AOSTRA pilots. 

The Upper Grosmont 2 follows the general trend established for the Grosmont formation.  
The UGM2 dips slightly from the northeast to the southwest at approximately 5.2 m per 
kilometre.  On its eastern margin the unit is eroded along the pre-Cretaceous 
unconformity.  Thickness of the unit is between 30 and 40 m with higher values up to 50 
m toward the west.  Along the erosional edge and near the sinkhole in township 89, 
range 20 W4, thickness is very irregular and can vary by up to 35 m in a single township. 

28 caverns were also identified in the UGM2, concentrated along the erosional edge.  
The amount and distribution of caverns suggest that karstification is not as extensive as 
in the overlying UGM3 and Nisku carbonate deposits. Porosity is greater than 12% on 
average reaching values greater than 20% in some areas coinciding with the presence 
of caverns.  There are also pockets of low porosity (less than 12%). 

As for the UGM3, in the UGM2 bitumen has accumulated near the erosional margin, in 
the area of townships 80 to 90, ranges 18 to 22 W4. Bitumen saturation frequently 
exceeds 70% and may locally approach 100% of the available pore space (Hoffmann 
and Strausz 1986). Net pay decreases towards the northeast and the southwest as a 
result of decreases in bitumen saturation. Water saturation averages 25%. 

3.1.3.8. Upper Grosmont 1 
The shale break between the UGM2 and the Upper Grosmont 1 (UGM1) thins in a 
southerly direction. It is generally thicker than 8 m north of township 86 with localized 
high points where the thickness can reach values greater than 12 m.  South of township 
86, the shale break is relatively uniform and thins down to 4 m in township 80.  A slight 
to significant thinning also occurs over Leduc reefs in the underlying reef trend north of 
township 86.   

Seven breaches of this shale break have been identified in previous studies.  These 
breaches are randomly distributed along the erosional edge but some are concentrated 
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around the sinkhole in township 89, range 20 W4. In general, this shale break is thick 
and continuous with few breaches due to karstification. 

The Upper Grosmont 1 generally follows the same trends and patterns as for the other 
units.  UGM1 dips slightly at approximately 5.2 m per kilometre from the northeast the 
southwest.  Its eastern side is bound by the erosional pre-Cretaceous unconformity.  
Thickness over the erosional edge is variable.  Elsewhere, thickness is relatively uniform 
and varies between 15 and approximately 24 m.  In the northwest part, the thickness of 
this unit can be as low as 8 m. 

Porosity is highly variable and ranges from less than 8% to as high as 32%.  Porosity in 
UGM1 is most likely controlled by lithology.  Lower porosity values are in the southern 
part and generally correlate with the predominance of limestone while higher porosity 
values are found in the northern part and where there is a predominance of dolostones. 
Only nine caverns have identified through the UGM1.  All are close to the erosional edge 
or near the sinkhole in township 89, range 20 W4.  This suggests that karstification was 
localized and not as intense as in the overlying units. 

The area of highest bitumen accumulation is between townships 87 to 93, ranges 19 to 
24 W4. 

3.1.3.9. Lower Grosmont 
The shale break above the Lower Grosmont unit is thickest near the erosional edge with 
thickness values between 6 m and 8 m.  There is a noticeable thinning to less than 8 m 
over Leduc reefs north of township 87.  This shale break generally thins to less than 3 m 
to the southwest.  Only four breaches are identified for this shale break, three of them 
near the sinkhole in township 89, range 20 W4. This shale break appears to be an 
effective seal layer for the Lower Grosmont unit. 

The Lower Grosmont unit is the lowest Grosmont reservoir unit.  Its thickness ranges 
from 40 to 55 m with the thickest areas located toward the west. The Lower Grosmont 
thins out within the erosional edge and over the underlying Leduc reefs north of township 
86.  In the southwest corner, the Lower Grosmont carbonate unit grades into shales of 
the Ireton formation.  Within the lower Grosmont unit there is a thick shale layer present 
north of township 87 which has been called the shale embayment (Theriault 1988).  The 
Lower Grosmont unit gradually dips to the southwest at approximately 5.2 m per 
kilometre. 

There are five caverns identified in the Lower Grosmont.  This small number of caverns 
indicates that karstification is localized and very weak as compared to the Upper 
Grosmont units and the Nisku formation.   

The Lower Grosmont has the lowest average porosity of the four Grosmont units.  
Porosity ranges between 8 and 12%. However, in some areas there are pockets of less 
than 8% porosity and in other areas porosity can be locally greater than 16%. Porosity 
appears to be controlled by lithology.  Most of the high porosity areas consist 
predominantly of dolostones while the low porosity areas are dominated by limestone.  
There appears to have been minimal karstification in the Lower Grosmont. 

Bitumen accumulation follows the same trend as for the other Grosmont reservoir units 
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and is concentrated along the erosional edge in the area of townships 80 to 90, ranges 
17 to 21W4. However most of the southern half of the study area contains low bitumen 
saturation and low net pay values.  Low bitumen values are also found north of township 
87 because of the presence of the shale embayment. 

3.1.4. Nisku Formation 
The Devonian age Nisku formation is a carbonate formation that is part of the Woodbend 
Group.  Located in Athabasca, it overlies the Upper Ireton shales which in turn overlie 
the Grosmont formation. The Nisku carbonates are themselves overlain by the shales of 
Calmar formation or capped by Cretaceous clastics over its erosional edge.  On its 
eastern margin, the Nisku formation is eroded and truncated at the pre-Cretaceous 
unconformity.  The Nisku formation thickens from zero on its eastern erosional edge to 
approximately a 100 m in the west.  Within the erosional edge, the thickness is highly 
variable and it can vary by up to 40 m in a single township.  The Nisku dips slightly at 
approximately 3.4 m per kilometres from the northeast to the southwest (Dembicki 
1994).   

From limited core analysis, the Nisku is described as a vuggy dolomite with minor 
limestone with small interbeds of silt and shales. In most cases the original texture, was 
destroyed by dolomitization. The average porosity is greater than 16%.  Locally the 
average porosity may exceed 32% particularly when associated with caverns.   

Bitumen has accumulated along the erosional edge and is centered between townships 
86 to 90, ranges 22 to 25 west of the fourth meridian. The volume of bitumen in place is 
estimated at 10.3 billion m3. Net pay thickness averages 8 m and decreases towards the 
southeast as a result of a decrease in bitumen saturation.  Bitumen net pay also 
decreases parallel to the sub crop limit because of erosion.  

According to the EUB, average porosity in the Nisku is 21% and average bitumen 
saturation is 63%. 

3.1.5. Debolt Formation 
In the Peace River area, bitumen has accumulated in the carbonate formations of the 
Rundle group which consist of the Debolt, Shunda and Pekisko formations in 
descending order.  The Banff formation underlies the Rundle group and consists of 
shales with minor amounts of siltstone and limestone.  The Rundle group consists of 
approximately 430 m of carbonate sediments of shallow water origins.  The entire 
Mississippian carbonate sequence in the Peace River area can be interpreted as a 
major regressive sequence from the deep water opened marine shales of the Banff 
formation to the restricted evaporitic conditions of the Upper Debolt. 

In the Peace River area, the Debolt formation averages 250 m in thickness (Flach 1984).  
The Debolt formation is divided by a thin shale zone into an upper unit and a lower unit. 

The Upper Debolt consists of crystalline dolomite interbedded with shale deposited 
under extremely restricted evaporitic conditions. It tends to correlate with the Mount 
Head formation in south central Alberta.  The Upper Debolt average net pay thickness is 
13 m and the estimated initial volume of bitumen in place is 1.83 billion m3. Average 
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porosity is 19% and average bitumen saturation is 61% of pore volume (Alberta Energy 
and Utilities Board 1996). 

The Lower Debolt is the larger bitumen reservoir, containing 5.97 billion m3. It is 
composed of massive limestone with shale interbeds and overlays the Shunda 
formation. It includes an interval referred to as the Elkton member. The lower Debolt is 
on average 29 m thick and extends across the Peace River area.  It correlates with the 
Turner Valley formation in southern Alberta.  The Lower Debolt average porosity is 18% 
with an average bitumen saturation of 67%. Porosity is primary and related to the 
original depositional environment rather than later diagenetic processes.  It is the best 
potential bitumen reservoir of the Peace River carbonates.   

In the Seal area, townships 81 to 83, ranges 12 to 14 W5, information from cores and 
well logs indicate porosities are in excess of 20% for the Lower Debolt, with bitumen 
saturation between 60% and 80% (Leitham 1989). 

Heavy oil has been discovered (11.7° API gravity) in the Debolt formation in the 
southeast corner of the Peace River oil sands deposit.  Core samples have shown 
bitumen saturation in the excess of 10% by weight (Flach 1984).   

West of the Peace River area the Debolt formation contains natural gas, condensate and 
conventional oil.  The formation is subdivided into three carbonate members totalling 235 
m to 320 m of carbonates and with two intervening argillaceous members 60 to 90 m 
thick and 30 to 90 m thick respectively.  The upper and lower carbonate units are 
composed of limestone and dolostones while the middle unit contains variable amounts 
of argillaceous material.  The lower carbonate unit can be correlated with the Turner 
Valley formation while the upper two units with the Mount Head formation (Beauvilain, 
Davies et al. 1998). 

In northeast British Columbia, the upper Debolt formation consists of dolomitized, 
brecciated, porous and highly fractured carbonates.  Dissolution of carbonate 
components occurred in the Debolt during its early and late diagenetic history.  Large 
vugs up to 6 cm across are present and fractures with widened cavities are evidence of 
dissolution events (White and Al-Aasm 1997). 

3.1.6. Shunda Formation 
In the Peace River area, the Shunda formation contains an estimated 2.51 billion m3 of 
initial bitumen volume in place. It is composed of interbedded argillaceous limestones, 
dolomites and siltstones and may be up to 120 m thick (Flach 1984).  Net pay thickness 
is 14 m and average porosity is 23%. Average bitumen and water saturations are 52% 
and 48% respectively (Alberta Energy and Utilities Board 1996).  

Bitumen was also found in the Shunda and Debolt formations near Utikuma Lake, 
townships 79 to 80, ranges 9 to 11 W5 (Flach 1984). 

In British Columbia, the Shunda formation is composed of argillaceous limestone which 
is interbedded with calcareous shale, dolomite and skeletal limestone (White and Al-
Aasm 1997).   
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3.1.7. Pekisko Formation 
The Mississippian age Pekisko carbonate formation extends through wide areas of north 
western and southern Alberta. The main Pekisko carbonate formation was deposited in 
a shallow shelf setting in central Alberta but variably transitions into a ramp in the Peace 
River area with a gradual northward thinning of the carbonate and a corresponding 
increase in shale thickness. The Pekisko formation is only found in the southern area of 
the Peace River oil sands. 

The Pekisko overlies the Banff formation and is itself overlain by the Shunda carbonate 
formation. The Pekisko formation subcrops in the Peace River area where it is truncated 
by the lower Cretaceous unconformity. At the unconformity, it is overlain by a thin sand 
layer of the Gething formation and a thick shale section. The Pekisko subcrop edge 
forms an approximate diagonal from township 85, range 10 W5 to township 100, range 
2W6.  Formation thickness increases from 5 m at the subcrop edge to approximately 55 
to 70 m further south around township 75.  The Pekisko formation dips gently to the 
southwest with little structural deformation (Kirkby 1994).   

Through much of its aerial extent, the main Pekisko carbonate is a blocky limestone unit 
that is largely indivisible. There are only gradual changes in character and thickness 
(30m to 80 m thick). However, interlayered shale units appear in the Pekisko as it 
extends northward into the Peace River area, where it is mapped into 3 carbonate sub-
units and 2 shale sub-units, as determined from well-log signatures (O'Connell 1990). 

In the Peace River region a local sediment starved basin developed and the Pekisko 
formation was formed as a carbonate ramp that rimmed this basin.  This situation led to 
the growth of Waulsortian carbonate mounds along the lower slope of the basin margin. 
Shales and argillaceous carbonates eventually filled the basin.  The Pekisko mounds 
were never exposed. 

Waulsortian mounds often are part of many Mississippian carbonate reservoirs such as 
the Pekisko formation.  The mound structure is illustrated on Figure 10.  These reef-like 
structures are limestone build-ups.  In the Pekisko, the reefs grew following a rapid sea 
rise over a shallow carbonate ramp. The Waulsortian mounds are found in the Pekisko 
formation between Township 78 and 84 ranges 11 to 26 W5 in the southern part of the 
Peace River Oil Sands Area.  Formation thickness in the area of the Waulsortian 
mounds is between 10 and 20 m.  Mounds are easily identified on seismic data due to 
the strong acoustic contrast between the carbonate build-ups and their encasing shales.  
They can also be identified on gamma ray well logs as carbonate sections that are 
anomalously thicker than the underlying carbonate formation.  Mound density can 
exceed 10 per township. Mound height as estimated from seismic and well logs data 
varies from approximately 100 m in the western and central part to about 80 m in the 
eastern part, including the underlying carbonate formation. Mounds can be over 600 m 
long and 100 m wide. 

 



 

Low Carbon Futures – March 31, 2007 57 

 

Figure 10 – Waulsortian Mounds in the Pekisko 
Formation  

 
Adapted from: (Al-Aasm 2000) 

 

Heavy oil (11° API) has been produced from Pekisko Waulsortian mounds since 2003 in 
the Peace River Oil Sands Area by BlackRock Ventures (acquired by Shell in 2006)  
(BlackRock Ventures 2005). 

In the Pekisko formation, primary porosity and permeability was not only maintained but 
greatly enhanced later by fabric selective dissolution and fracturing.  Pekisko carbonates 
along the subcrop edge were exposed and eroded during the lower Cretaceous 
unconformity.  Fabric selective dissolution created an extensive porosity system in the 
updip section of the Pekisko formation and in the Waulsortian mounds.  Secondary 
porosity and permeability were developed in the mounds and the underlying carbonate 
formation across a broad band up to 100 km wide that parallels the Pekisko subcrop 
edge. The fluids responsible for this dissolution appear to be burial fluids and not 
meteoric waters (Kirkby 1994).  

Porosity in the updip Pekisko is a combination of primary, fracture and dissolution 
porosity.  Fractures also acted as conduit for dissolving fluids as secondary porosity is 
preferentially developed along the fracture systems.  The Pekisko reservoirs tend to 
have exceptional permeability with relatively low porosity. Much of this permeability is 
directly or indirectly related to fractures.  Dissolution extended from the fractures well 
into the rock matrix. Because dissolution porosity is inherently well-connected, the 
reservoir’s high permeability reflects its dissolution origins.  However secondary porosity 
decreases with increased distance from the subcrop edge and also decreases with 
depth.   

The Pekisko formation is porous throughout the updip section along the subcrop edge in 
the Peace River area and the Waulsortian mounds are the best reservoirs.  Core 
porosity in the Waulsortian mounds may exceed 25% and permeabilities commonly 
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exceed 10 Darcies. 

Later oil migration occurred and the updip zone of the Pekisko formation is now a major 
oil reservoir. In the Peace River area, the Pekisko is estimated to hold an estimated 5 
billion m3 of bitumen in place (Outtrim and Evans 1977).  However the oil was by 
biodegraded in situ and bitumen viscosity is currently 10° to 12° API.  Heavy oil was 
found in the Pekisko formation in the Haro field in township 103 to 104, ranges 5 to 6W6.  
Bitumen saturated Pekisko formation was also found in a well drilled near Lesser Slave 
Lake in township 75, range 9W5 (Flach 1984).  One well in the Pekisko formation found 
25 m of limestone with an average 23% porosity and 71% bitumen saturation or 8% 
bitumen by weight.   

Bitumen accumulations appear to be located in a four township wide band southwest of 
the subcrop edge. Reservoir temperature is 25° C (Kirkby 1994).  

In the Peace River area, there is no mention of karst features in the Pekisko formation. 
Conventional oil reservoirs in Mississippian formations in southern Alberta are 
dolomitized.  Except near the unconformity, these formations in the Peace River area 
show very little evidence of dolomitization and their reservoir properties are controlled by 
primary deposition rather than by later diagenesis (Flach 1984).   

The Pekisko formation is also present in west central Alberta in the Gilby North - Wilson 
Creek area, townships 41 to 43 ranges 3 to 5W5.  North of township 43 the Pekisko is 
eroded and there appears to be a gap between its manifestation in the Gilby North - 
Wilson Creek area and its presence 300 km north in the Peace River area. 

In the Gilby North - Wilson Creek area, the Pekisko has been extensively drilled for oil 
and gas with a high degree of success.  Examination of drill cuttings, geo-physical logs 
and well logs indicate the presence of karst features in the Pekisko.  These are seen as 
high gamma ray spikes, low photoelectric factor readings, anomalously high porosities 
on limestone scale neutron density logs, and rotated blocks on formation micro imager 
logs.  For horizontal wells, karst features are visible from gamma ray logs as elevated 
readings over 45° API and are associated with spikes in gas detector readings of 2,000 
units.  The karst features interpreted from these data include vertical, inclined and 
horizontal shale filled fractures less than 1 cm wide, sand filled sinkholes 1 to 5 m wide 
and fractures and cave deposits with collapse breccias from 1 cm to several meters. The 
presence of karst features and solution enlarged open fractures related to karst 
development explained in part the surprisingly high initial production rate obtained from 
wells in the Gilby North - Wilson Creek area (Williams 2005). 

In southern Alberta, near Moose Mountain (80 km southwest of Calgary), the Pekisko 
formation is well exposed and largely undolomitized, with no evidence of accumulations 
of hydrocarbons (Speranza 1984) 

3.2. International Heavy Oil Carbonate Deposits 
Over 50% of the world's oil and gas reserves and most giant fields are hosted by 
carbonate formations.  A large number of the world's giant conventional oilfields are 
carbonate reservoirs, particularly in the Middle East.  Heavy oil and bitumen in carbonate 
formations are found in over 16 fields and 11 countries worldwide.  However, over 40% 
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of these fields have not been developed.  Except for the Grosmont, oil viscosity at 
reservoir conditions is between 100 and 4,600 centipoises.  Oil viscosity in the Grosmont 
is 1,600,000 centipoises. 

Table 7 provides a summary of the information available on these fields. 

 

Table 7 – World Heavy Oil Carbonate Reservoirs 
Field Country Original Oil 

In Place 
(million m3) 

Oil Density 
(° API) 

Recovery Technologies 

Grosmont Alberta, 
Canada 

50,500 5 to 9 Not currently commercially 
active; pilot trials during 
70s and 80s with CSS, 
steam drive and in-situ 
combustion. 

Bangestan Iran 3,600 10 to 12 
(Sarvak) 

8 (Jahrun) 

Not currently commercially 
active; primary production 
with PCP; CSS pilot 

Bati Raman Turkey 1,850 10 to 13 Commercially active; 
primary production with 
1.5% recovery and 
immiscible CO2 EOR 

Zaqeh Iran 1,200 18 Not currently commercially 
active; very deep formation 
at high pressure and 
temperature; yielded 9% 
recovery under primary 
production with pressure 
maintenance and in-situ 
combustion 

Rospo Mare Italy 1,000 12 Current status not known; 
was under primary 
production from horizontal 
wells using aquifer support 

Issaran Egypt 500 9 to 12 Not currently commercially 
active; primary production 
with 1% recovery and acid 
fracturing 

Varadero; 
Boca de 
Jaruco and 
Pina  

Cuba 318 10 Commercially active; 
primary production using 
long horizontal wells with 
open hole completions 
providing 6% recovery. 

Campos Brazil 300 12 Heavy oil in carbonate 
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Basin formations not currently 
commercially active; was 
under primary production 
from horizontal wells using 
aquifer support. 

Granade France 221 10 Not currently commercially 
active 

Tahe China 214 20 Commercially active; 
primary production with 
hydraulic and acid fracking 

Qarn Alam Oman 213 16 Commercially active; 
primary production with 
aquifer support yielding 2% 
recovery with steam 
injection in overlaying gas 
zones. 

Ikiztepe Turkey 127 10 to 12 Current status not known; 
immiscible CO2 pilot 

Kozluca Turkey 138 13 Current status not known; 
immiscible CO2 WAG flood  

Emerude Congo 109 22 Current status not known; 
primary production with 3% 
recovery and steam floods 

Lacq 
Superieur 

France 19.9 22 Current status not known; 
was under primary 
production with aquifer 
support for 25 years and 
17% recovery and 
possibility of steam flood 

Cao-20 China 2.9 11 Current status not known; 
aquifer support and CSS 
trial 

Source: (Alvarez Martinez, Escobar et al. 2006) 

 

3.2.1. Zaqeh and Bangestan Oilfields, Iran 
The Zaqeh oilfield in South Western Iran is a deep limestone formation at 4,230 m.  The 
pay zone is estimated to be 250 m thick, consisting of shale and argillaceous limestone. 
It is expected that a highly permeable fracture system was developed in this formation 
as a result of past tectonic movements.  Porosity is low at 8.2%. Reservoir temperature 
and pressure are both high at 118° C and 101 MPa respectively.  Initial volume in place 
was estimated at 1.2 billion barrels of heavy oil with a gravity of 15.8° API.  The reservoir 
is estimated to be producible by primary production with a forecasted 7 to 10% recovery 
rate. 
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A study into potential candidates for enhanced oil recovery processes evaluated thermal, 
CO2 injection, water flood and in situ combustion.  Steam injection was considered to be 
expensive if not impractical because the reservoir is very deep, requiring extremely high 
steam injection pressures. In addition, heat losses would be severe due to the very long 
vertical segment of the well.   

CO2 injection was also considered.  The minimum miscibility pressure for this heavy oil 
was estimated at 31 MPa, which could be achievable given its depth and its initial high-
pressure condition.  However, concerns over a possible highly developed fracture 
network which would cause gas channelling and poor sweep efficiency resulted in this 
option being rejected.   

Water flooding was considered not to be an effective approach for carbonate formations 
because in these reservoirs, wettability of carbonate is generally oil wet or mixed wet.  
Therefore water flooding would likely require high injection pressures and would not be 
effective in mobilizing the oil.  Water floods would also swell any clay present resulting in 
additional problems.   

By a process of elimination, in situ combustion was recommended as the EOR process 
worthy of further consideration for this deep heavy oil carbonate formation (Abolhoseini 
2004). 

The Bangestan oilfield is a giant carbonate structure in south eastern Iran on the coast 
of the Persian Gulf.  It is estimated to contain 3.6 billions barrels of initial volume in 
place.  Two horizons are of primary interest.  The Sarvak formation is the major heavy oil 
reservoir in the field.  It is found at a depth of approximately 1,200 m and formation 
thickness averages 300 m.  It consists mostly of limestone with interbedded shaly layers.  
Average porosity is 15% with average water saturation at 42%. Reservoir temperature is 
estimated at 30° C and reservoir pressure is 9.7 MPA. Oil gravity is 12° to 14° API.  Oil 
viscosity at reservoir conditions is 20,000 centipoises.  The second formation, Jahrum is 
at a depth of 400 m and contains 8° API extra heavy oil.  Both formations are heavily 
fractured.  Data from cores, surface studies, and mud losses data indicated that 
fractures are mostly vertical or sub vertical in nature and the resulting high permeability 
is expected to contribute to production (Tabibi and Mousavi 2005). 

Production is expected to be conducted using vertical or deviated wells. Because of the 
relatively low pressure of the reservoir and the high viscosity of the oil, artificial lift is 
required.  Different methods were studied including beam pumps, electrical submersible 
pumps, gas lift, progressive cavity pumps and jet pumps.  Progressive cavity pumps 
were found to be the most suitable technique for this type of reservoir (Taheri and 
Hooshmandkoochi 2006). Production expectations are rates of 500 to 800 barrels per 
day per well. 

A reservoir model study was also conducted for the Bangestan oilfield to determine if the 
SAGD process could be applicable to fractured heavy oil carbonate formations.  While 
acknowledging that in a fractured reservoir steam should be expected to first flow 
through the fracture system and recover little oil from the matrix and that the chemical 
reactivity of carbonates to steam may cause problems resulting in formation damage, 
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the study nevertheless concluded that it is feasible to apply SAGD technology to a 
fractured heavy oil carbonate to reservoir (Sola and Rashidi 2006). 

3.2.2. Bati Raman and Ikiztepe Oilfields, Turkey 
The Bati Raman oilfield in southern Turkey was discovered in 1961 and the volume of 
heavy oil in place is estimated at 1.85 billion barrels. It was under primary production for 
over 25 years with a recovery rate of 1.5% of the original oil in place.  The producing 
formation is found at an average depth of 1,300 m.  It is a vuggy and naturally fractured 
limestone which exhibits aerial and vertical heterogeneities (Issever and Topkaya 1998; 
Karaoguz, Topguder et al. 2004).   

The field contains 10° to 13° API heavy oil with a viscosity of 600 centipoises at reservoir 
conditions.  The average core permeability ranges from 10 to 100 mD. Permeability 
readings obtained from well tests are between 200 and 500 mD. The increase in 
permeability from core tests to well tests is attributed to the existence of secondary 
porosity.  

A field pilot of immiscible CO2 enhanced oil recovery was successfully conducted.  Given 
the high molecular weight of heavy oil, the minimum miscibility pressure (MMP) is much 
higher than reservoir pressure.  Therefore CO2 EOR must be conducted under 
immiscible conditions.  The CO2 was sourced from an existing nearby CO2 reservoir. 

Before the injection of CO2, reservoir pressure had dropped from the original 12.4 MPa 
to 2.8 MPa. The initial approach was cyclical CO2 injection followed by oil production 
from 17 wells.  The objective was to inject CO2 until reservoir pressure reached 13.8 
MPA.  A soak period would allow the oil to become saturated and then the wells would 
be put on production until an economic limit was reached and then the injection cycle 
would start again.  However, the desired increase in pressure was not obtained for all 
wells.  In some wells, the injected CO2 was not confined within the vicinity of the wellbore 
but moved towards other sections of the reservoir.  In other cases, a rapid increase in 
pressure was experienced because unfavourable reservoir conditions confined the 
injected CO2 to the near wellbore area.  When these wells were put under production 
pressure declined sharply.  In 1988, these problems led to a change in strategy from a 
cyclical process to a gas drive processes.  The latter approach was successful and the 
field was under a CO2 gas drive for over 10 years during which 88 infill wells were also 
drilled.  Oil production increased by a factor of eight times.  Approximately 6% of the 
original oil in place was expected to be recovered from the immiscible CO2 process 
(Issever and Topkaya 1998). 

However, starting in 2000, production rates declined drastically.  An analysis of field 
performance concluded that three stages could be identified in the field’s history:  

 CO2 Injection: the first seven years after the start of CO2 injection were considered to 
be the “filling up” period when injected CO2 filled fractures and vugs.  The high 
compressibility factor of CO2 explained why injection pressures remained stable 
during this period.   

 High Production: The following three-year period was one of increased production.   
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 Production Decline: The last stage was one of production decline.  The main cause 
of the decline was attributed to reservoir heterogeneity and the presence of zones 
with higher permeability. The very high mobility ratio between CO2 and heavy oil 
resulted in CO2 preferentially sweeping these zones.  Blocking of these permeable 
zones could improve sweep efficiency and could increase oil production. 

In 2002, a field test of polymer gels was conducted to improve reservoir conformance for 
the ongoing immiscible CO2 recovery process.  The high mobility ratio between CO2 and 
heavy oil had resulted in an inefficient sweep of the reservoir.  A fracture plugging gels 
system was applied to three test wells, all of which showed a gradual increase in 
injection pressure during the treatment.  The sweep efficiency was increased as 
observed by the ratio between produced oil and injected gas.  Production in 19 offset 
producers also increased by 12% on average, resulting in a 12 month payback for the 
gel treatment (Karaoguz, Topguder et al. 2004). 

The Ikiztepe oilfield in south eastern Turkey is estimated to contain 127 million barrels of 
heavy oil (10° to 12° API).  The producing formation is a limestone at an average depth 
of 1,350 m.  It is occasionally dolomitic and irregularly vuggy and fractured. Porosity 
ranges from 15% to 23% and permeability from 50 to 400 mD. Oil viscosity at reservoir 
condition is 936 centipoises (Issever and Topkaya 1998). 

A field test of an immiscible CO2 gas drive was conducted.  An inverted five spot pattern 
was selected whereby CO2 was injected through the center well and oil was produced 
from the corner wells.  The field test was simulated using a 3-D multiphase multi-
component simulator.  The simulation concluded that the primary factor that contributed 
to improved oil recovery was good solubility between CO2 and oil.  This immiscible CO2 
process had the potential to recover 8.6% of the original oil in place using 90% pure 
CO2.  (Issever and Topkaya 1998) 

3.2.3. Rospo Mare Oilfield, Italy 
The Rospo Mare oilfield is located offshore Italy in the Adriatic Sea in water between 60 
m and 90 m deep.  The producing formation is a 120 m thick tight karsted calcareous 
interval that is heavily fractured.  It lies at a depth of 1,300 m beneath sea level.  The 
matrix is very tight with a low porosity of 1.8%.  In fact, matrix pores are full of water 
because their very fine texture prevented oil from migrating into them.  The oil is found in 
secondary porosity features such as fractures, widened vertical fractures and caves.  
The reservoir surface is very irregular and features very wide cracks, as well as circular 
depressions and funnels up to 30 m deep and 200 m wide. Therefore, despite the very 
low matrix porosity, permeability is considerable, from 2 to 1,500 Darcies. Reservoir 
temperature is 70° C and reservoir pressure is 13.4 MPa. An extensive active aquifer 
occupies the bottom of the formation.  

The estimate for initial volume in place is as much as one billion barrels.  Oil density is 
11.9° API with a viscosity of 300 centipoises at reservoir conditions.  Viscosity of the 
heavy oil is 1,000 centipoises at 50° C and 15,000 centipoises at 15° C. 

Initially, production was attempted using vertical or deviated wells.  However, they had 
low productivity and subject to early water coning.  In 1982, a pilot project was 
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undertaken that included the drilling of a horizontal well.  It was thought that a vertical or 
deviated well would have a low probability of intersecting several fractures that were 
estimated to be interspaced with a density of one per 100 m.  By contrast, a horizontal 
well would have excellent chances of intersecting with several major producing fractures.  
In addition, the use of horizontal wells allowed well placement to be limited to the upper 
section of the formation in order to keep it as far away as possible from the active 
aquifer.  During the drilling of the horizontal well, mud losses were extensive when 
crossing caverns and required the drilling to take place using sea water instead of mud.  

The horizontal well was successful and produced 4,000 barrels per day of water free oil 
which was more than five times the rate of neighbouring vertical or deviated wells (Bosio 
1988). 

3.2.4. Issaran Oilfield, Egypt 
The Issaran oilfield in Egypt is a heavy oil reservoir with reserves estimated at 500 
million barrels.  Reservoir temperature is between 30 and 38° C and bottom hole 
pressure is between 4.5 MPA and 4.8 MPA.  Heavy oil density is between 9.2° and 12.1° 
API with viscosities between 3,000 and 5,000 centipoises.   

The producing intervals are carbonate formations at depths between 300 m to 600 m.  
Two intervals are described as porous carbonate facies with porosities ranging from 
23% to 33% and permeabilities from 1.3 to 104 mD.  The third and lower interval is 
characterized as a tight limestone matrix containing a well connected leached fossil mold 
system with large pores.  The permeability of this vugular system is extremely high.  
Production from the interval with the vugular system showed high initial production rates 
that were short lived.  Water cut rose to more than 80% after 5 months of production.  In 
addition, two additional wells completed in this interval produced only 10% of the 
expected production rate, an indication of the highly heterogeneous nature of the 
interval. 

An acid stimulation program using 15% HCl was implemented in order to improve 
productivity from the interval with the vugular system.  Because the long-term plan for 
the field included steam stimulation, the wells were completed as cemented cased whole 
completions.  The drawback is the probability that natural fractures were being sealed by 
mud or cement losses.  One of the purposes of acid stimulation is to overcome damage 
in the wellbore area.  Acid treatment also creates long, high permeability channels in 
carbonates and can improve matrix permeability meters from the wellbore.  If natural 
fractures do not intersect the wellbore, then the channels created by the acid have a 
chance of interconnecting with distant fractures in the reservoir matrix.  In addition, acid 
readily dissolves infill material and can effectively open natural fractures.  The use of 
acid stimulation and other production optimization techniques increased production of 
the original 9 wells from 450 barrels per day to 1,350 to 1,500 barrels per day (Waheed, 
El-Assal et al. 2001). 

3.2.5. Varadero, Boca de Jaruco and Pina Oilfields, Cuba 
Heavy oil has been produced from carbonate structures in Cuba for more than 30 years.  
Cubpet, Cuba’s national oil company and Sherritt International operate the Varadero, 
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Boca de Jaruco and Pina Oilfields fields.  Heavy oil gravity is approximately 10° API with 
a viscosity at reservoir conditions of 150 to 200 centipoises.  Reservoir temperature is 
50° C and reservoir pressure is 12 MPa.  The expected recovery is 2% of in place 
volume. 

Primary porosity is described as poor but with well-developed secondary porosity from 
fracturing, dolomitization and pressure solution.  Vugs are often visible along fractures.  
Cavernous porosity may also be present.  Extensive logging suites, including formation 
micro-imager logs were collected and used to develop a dual porosity reservoir model.  It 
is estimated that while a huge amount of oil is held within the tight matrix, current 
production is mostly from the fractures, breccia and vuggy porosity.  Primary production 
is apparently supported by secondary gas in the fractures and a foamy oil drive. 

The original strategy relied on cold production and acid stimulation.  However Sherritt 
International modified this approach with the introduction of long horizontal wells.  Long 
horizontal wells in fractured and vuggy reservoirs are advantageous because they can 
be drilled in a direction perpendicular to the dominant fracture direction and thus 
ensuring that the wells intersect as many fractures as possible and establish good 
communication with the natural fracture network.  Open hole completions are also 
favoured because they involve no risk of overlooking fractures or causing formation 
damage.  All of the fractures remain open to the well. Avoiding cementation avoids the 
risk of formation damage that could close up natural fractures.  An additional benefit of 
open hole completions is that the well is put into production more quickly and at a lower 
cost.  However open hole completions are only possible in intervals that are competent 
enough to remain open with a minimal amount of fill during the life of the well.  The 
weaker intervals however are prone to collapse during the production phase.  Slotted 
liners may be used and it is essential to make sure that the casing is set at the right level 
in the reservoir. 

Another approach was to keep well density to a minimum.  In fractured reservoirs, fewer 
wells are necessary to extract the oil, given sufficient time.  While a high well density 
increases the initial rate of production, it adds the risk of early water influx that may be 
sudden and catastrophic (Smith, Hurlburt et al. 2002). 

3.2.6. Campos Basin, Brazil 
The Campos Basin is Brazil's most important conventional light oil producing area.  It is 
located offshore of the State of Rio de Janeiro in shallow and deep waters.  The major 
companies operating in the basin are Petrobras, Shell and Devon Energy.  The volume 
of heavy oil discovered in this area exceeds 15 billion barrels, mostly found in water 
depth of more than 1,000 m.  Some of this oil is found in limestone formations.   

Petrobras is a major operator in the Campos Basin.  While most of production is from 
conventional light oil, Petrobras is increasingly active in developing heavy oil volumes, 
some of which are held in carbonate formations.  The key technology for heavy oil in 
fractured carbonate formations is the use of long horizontal wells.  One specific example 
is a reservoir containing 300 million m³ of viscous oil with an oil gravity of 12° API and a 
viscosity of 320 centipoises at reservoir conditions.  Average porosity is 26% and 
horizontal permeability between one and 10 Darcies. Initial water saturation is 17%.  The 



 

Low Carbon Futures – March 31, 2007 66 

reservoir is found in water depth of 100 m buried 900 m below the sea floor.  A vertical 
test well encountered problems including water production.  In order to develop the 
formation, horizontal wells with lengths between 1.5 and 2.5 km were considered.  
Artificial lift was to be provided by a high power electrical submersible centrifuge pump.  
Petrobras drilled a pilot well 2 km long and completed it with a slotted liner and use of 
distinct chemical tracers along the horizontal well length to assess the production 
contribution from the intervals. Results were better than expected and will allow the 
reservoir to be developed (Shecaira, Branco et al. 2002; Pinto, Branco et al. 2003; 
Branco, Pinto et al. 2005) 

Another example of heavy oil in a carbonate formation in the Campos Basin is the 
Quissima interval in the Macaé limestone formation operated by Devon Energy.  It is 
found at depths between 2,005 m and 2,180 m for gross thickness of 175 m and net pay 
of 68 m.  Reservoir temperature is 65° C. The average porosity is 19% and permeability 
often exceeds one Darcy.  Oil density ranges between 17° and 21° API.  Acid stimulation 
tests were performed on two exploratory wells with good results in order to improve 
productivity. The fluid systems evaluated were 15% HCl and a surfactant-based, 
polymer-free, self-diverting viscoelastic acid formulated with 15% HCl (Lungwitz, 
Hathcock et al. 2006). 

3.2.7. Tahe Oilfield, China 
The Tahe oilfield in China is operated by Sinopec.  It is a caved, deep carbonate 
reservoir buried at depth between 5,400 m and 6,300 m.  Reservoir temperature is 
above 120° C and fracture pressure exceeds 90 MPa.  The oil is heavy and the recovery 
rate is low.  Sinopec stimulates this reservoir using a combination of hydraulic and acid 
fracturing.  Specialized high viscosity acids have been developed to take into account 
the characteristic of this deep reservoir.  Acid stimulation has resulted in improved 
production of over 380 barrels per day over a 250-day period (Guo, Zhao et al. 2005). 

3.2.8. Qarn Alam, Oman 
The Qarn Alam reservoir in Oman is a densely fractured chalky limestone which 
contains an estimated 213 million m3 of viscous crude oil with a density of 16° API.  Oil 
viscosity is 200 centipoises at reservoir conditions.    The reservoir is shallow with the 
top of the reservoir buried at 215 m depth.  The maximum oil column is 165 m. Matrix 
porosity is high at 30% but matrix permeability is low 5 to 15 mD.  However, effective 
permeability varies widely due to the presence of fractures. Initial oil saturation is about 
95% of pore volume and initial water saturation is connate water.  The reservoir is oil wet 
(Macaulay, Krafft et al. 1995; al-Shizawi, Denby et al. 1997; Ayatollahi, Boukadi et al. 
2005; Shahin, Moosa et al. 2006; Babadagli and Al-Bemani 2007). 

Production started in 1975 using vertical wells.  Approximately 75% of production is 
estimated to come from the fracture system. Production is by gravity drainage but rates 
are low due to the high oil viscosity.  However, water cut increased to 95% within two 
years.  The reservoir is believed to be in hydraulic communication with a very active 
aquifer and pressure is considerable. Water communicates through the reservoir using 
the fracture network.  As a result of production, the oil-water contact moved up to the 
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fracture network.  The water level within the fracture system rose quickly to a level 
controlled by production.  A 30 m thick secondary gas cap formed within the fracture 
system above the producing interval.  The gas cap was formed by solution gas and 
injected gas for the purpose of gas lift.   

Cold primary production recovery is expected to recover 2% of the in-place volume.  
Production mechanisms were believed to be fluid expansion due to pressure reduction 
and isothermal gravity drainage.   

Conventional water displacement methods were ruled out because of the oil wet nature 
of the rock and of the high degree of fracturing.  In fractured carbonate reservoirs, most 
of the oil is bypassed during water flooding.  In an oil wet system, oil clings to the pore 
surfaces and is never completely displaced.  Higher recoveries are generally obtained 
from water wet systems.  The performance of oil recovery processes that rely on a 
displacement effect by injected fluids is increased if wettability characteristics can be 
changed from oil wet to water wet. 

Hot water injection was tested with the expectation that wettability reversal would occur.  
Early experimental work indicated that rock wettability might change from oil wet to water 
wet at a temperature between 150 and 200°C.  However the test was found to be 
inconclusive.   

The EOR method selected for this field is described as a thermally accelerated gas oil 
gravity drainage process (GOGD).  Steam is injected into the gas caps overlying the 
reservoir.  The objective of the thermal pilot is to reduce oil viscosity by injecting steam 
in the top portion of the reservoir, thereby accelerating the gravity drainage process. 
Acceleration of gravity drainage is due to a reduction in oil viscosity from 200 centipoises 
to 10 centipoises or less. The rate of gravity drainage is expected to increase by a factor 
of about 60.   

The volume of the gas cap expands due to the vaporization of solution gas and filling the 
void left by the produced oil.  The evolution of solution gas results in a more viscous oil 
but this effect is more than compensated for by the viscosity reduction due to the 
temperature increase.   

The hot zone is expected to remain at the top of the reservoir well above the producing 
completion intervals.  This is not a steam displacement process.  Heating is done 
through conduction and convection by the gravity driven downward movement of hot oil.   

The postulated recovery mechanisms are as follows: 

 Thermally enhanced gravity drainage; 

 Thermal expansion resulting from the heating of reservoir fluids from 50 to 220°C; 
and, 

 As water penetrates the matrix the wettability of the matrix may change from oil wet 
to water wet due to the increase in temperature. 

With the GOGD process, recovery is expected to increase to 27% of the in-place 
volume. 
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3.3. Recovery Technologies 

3.3.1. Carbonate Reservoirs 
The characteristics of carbonate reservoirs depend in part on organic activities that led 
to their deposition and subsequent modifications by post depositional mechanisms.  
Diagenetic processes such as compaction, lithification, dissolution, cementation, 
recrystallization, dolomitization and replacement by other minerals are responsible for 
large variations in the quality and performance of carbonate reservoir (Al-Hanai, Russell 
et al. 2000). 

The porosity features of carbonate reservoirs vary widely and in a complex manner in a 
continuum that ranges from conventional layered reservoirs, to fractured reservoirs and 
finally to karst reservoirs.  In addition, some reservoirs exhibit hybrid properties with 
different sections having static and dynamic characteristics across the spectrum. 

While conventional reservoirs and fractured reservoirs require no introduction, the 
concept of karst reservoirs requires some elaboration.  Karst is a term that is used to 
designate diagenetic facies developed as a secondary process on exposed carbonate 
bodies.  The term is also used to designate caverns, channels and other non-fabric 
selective porosity types.  Karst processes may result in porosity and permeability 
enhancements but may also impair porosity and permeability through processes such as 
carbonate dissolution and precipitation.   

A karst reservoir is defined as a reservoir hosting a karst 3-D drainage system resulting 
from enhancements to a pre-existing permeability network by dissolution and 
mechanical erosion, or from impairment by sedimentation and carbonate cementation. 
Karst networks usually exhibit a pronounced anisotropy.  Karst features were often 
developed along pre-existing fractured networks but, conversely, tectonic processes 
may have enhanced pre-existing karst networks.  This results in a continuum in reservoir 
properties between fractured and karst reservoirs.  Fractured reservoirs generally exhibit 
tectonically generated fractures with apertures in the micron range and milliDarcy flow.  
The volume of tectonic fractures is generally less than 1% of the bulk rock volume. By 
contrast, karst reservoirs are associated with fractures and channels with apertures in 
excess of hundreds of millimetres and Darcy level flow.  The volume of karst features 
can be up to 4% of the bulk rock volume with local values exceeding 10%.  Fractured 
reservoirs are well understood from a reservoir modeling point of view whereas karst 
reservoir models are in their infancy (Trice 2005). 

The presence of a karst drainage system may improve reservoir properties by providing 
storage volume and significant permeability conduits for petroleum.  However karst 
features also have negative effects by creating high degrees of reservoir heterogeneity 
that create barriers to, or negatively impact the distribution of injected and produced 
fluids in enhanced recovery schemes. In addition, fluid flows may be highly variable and 
high initial production rates typically lead to a rapid increase in the water cut. The 
presence of karst features usually results in the development of channels for preferential 
fluid flow resulting in poor sweep efficiency. 
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3.3.2. Characterization 
Characterization of carbonate formations is a complex challenge.  Carbonates often 
exhibit different types of porosity in the same formation and may have complex pore size 
distributions such as bimodal or other.  These result in wide permeability variations for 
the same total porosity which creates challenges for the interpretation of log responses. 
Karst reservoirs present additional challenges for characterization because they exhibit 
significant heterogeneity in porosity and permeability properties. These variations are 
difficult to estimate and quantify from borehole data because they have spatial 
distributions away from the wellbore.  For example, vuggy porosity and karst features 
must be interpreted at a larger scale than typical 1 inch core plugs.   

3.3.3. Oil Wet vs. Water Wet 
Generally, oil reservoirs are described as either water wet, mixed wettability, or oil wet.  
In a water wet system, a thin film of water is in direct contact with the carbonate rock.  
Oil does not directly adhere to the pore surface and is more easily displaced by injection 
of water or gas.  By contrast, in an oil wet system, oil clings to the pore surface and is 
never completely displaced. Wettability determines to a great extent the ability of either 
oil or water to flow.  The fluid that adheres to the pore surface will not flow well and a 
portion will remain in permanent contact with the rock.   

Carbonate formations generally exhibit mixed wettability.  A survey of 50 carbonate 
reservoirs worldwide indicated that 64% were mixed wettability, 28% were oil wet and 
8% were water wet (Ayatollahi, Boukadi et al. 2005) 

3.3.4. Core Analysis 
Because heterogeneity is a common feature of carbonate reservoirs, and a critical factor 
in characterizing reservoir quality and performance, the analysis of core samples is often 
complex.  Different analytical techniques are used to characterize heterogeneity at 
different scales.  Very small-scale heterogeneity such as reservoir texture, grain size, 
etc. can be estimated using thin sections and samples from slabbed cores.  
Conventional core plugs provide a larger scale for the assessment of heterogeneity such 
as pore size distributions and their impact on porosity and permeability measurements.  
Analysis of the whole core will provide information a larger scale for factors such as 
relative permeability, saturations and capillary pressure.  On a local or regional scale, 
geo-mechanical studies of core samples will provide information about fracture and fault 
trends, and stress-strain relationships.  Finally, correlation of core derived information 
with wireline logs and seismic response provide information on a field wide basis and is 
helpful in estimating field performance. 

The presence of karst features may be indicated by cores showing evidence of 
dissolution enhanced fractures, vugs, laterite infill, collapsed breccia, pebbles, 
cavernous and vuggy porosity.  

Core recovery is an area that requires attention, particularly in formations where 
dissolution processes have resulted in vuggy porosity and karst features.  Cores from 
fragile formations may be lost or damaged resulting in unreliable depth matching. Core 
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recovery tends to be poor in karsted sections of the formation.  Cutting pores in fractured 
carbonate reservoirs is difficult, expensive and unreliable because of the poor recovery 
associated with these weak formations.  Therefore, where possible, the use of imaging 
tool is generally preferred over obtaining cores. 

3.3.5. Seismic Response 
Seismic data is the best method for identifying large-scale karst features such as 
channels, caverns and sinkholes.  Specific techniques include high resolution sequence 
stratigraphic analysis, amplitude anomaly detection and 3-D volume processing.  Key 
indicators include poor reflector continuity, localized volumes of lower velocity, distinct 
low velocity lineations (Trice 2005). 

3.3.6. Well Logs and Production History 
Image logging tools are able to distinguish formation fabrics such as fractures and other 
heterogeneities in the matrix.  Image logs are useful for identifying dissolution enhanced 
fractures.  Spectral gamma data provide information on the nature of fracture or vug infill 
materials.  Most logging tools respond to the presence of fractures but no single tool 
provides all of the needed information.  In addition, most responses are qualitative.  The 
most widely used tools for identifying fractures are acoustic tools especially borehole 
imaging tools.   

Formation micro-imager logs are a valuable tool to identify facies, formation contacts 
and resolve interpretation issues from other open hole logs.  In an example, open hole 
logs were showing low resistivity horizons.  However, the zones did not appear to be 
shales and yet did not appear to be wet because the wells were producing oil without 
water.  The image logs were able to clearly show that the zones were thin limestone 
breccia with a clay matrix. 

In another example, an electrical imaging tool uses arrays of micro-resistivity 
measurements to construct an electromagnetic image of the borehole wall.  Fractures 
are evident on the processed information.  Another example is a full waveform acoustic 
logging tool that records sonic energy received at an array of receivers over time. 
Conventional acoustic tools only measure the first arrival of the compression wave.  By 
contrast, waveform recording tools compute arrival times of compressional, shear and 
Stoneley waves and determine the relative amplitudes of the different arrivals.  A 
comparison of actual Stoneley wave arrival times can indicate the presence of washouts, 
lithology changes or high permeability intervals such as fractures.  Caliper and other 
lithology logs will account for washouts and lithology changes, therefore leaving 
fractures as the possible causes for variation in Stoneley wave times. 

Other field information useful in characterizing carbonate reservoirs includes mud losses 
and variability in initial flow rates.  The presence of caverns may be indicated by major 
drops in drilling bits and erratic behaviour of sonic, density and caliper logs. 

The use of resistivity sensors in casing, cased logging programs and borehole-based 
gravity surveys may allow the early detection of water breakthrough. 
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Interference and tracer analysis may be used to infer interwell connectivity.  The analysis 
of production history as well as vertical and horizontal interference tests and tracer tests 
provide information on permeability heterogeneity. 

3.3.7. Reservoir Modeling 
Data obtained from core analysis, wireline logs and seismic response must be entered 
into a 3-D geological model.  Carbonate reservoirs are probably more complex to 
interpret than sandstone reservoirs and oil sands due to the presence of discontinuities, 
large lateral and vertical variations and uncorrelatable units. 

A key issue is the characterization of geological heterogeneity and the establishment of 
a link between heterogeneity and reservoir quality.  This often is a question of 
determining the appropriate sampling scale for heterogeneity.   

Reservoir model must be tested against test pressure data, production data and well test 
data.  

Due to the challenges presented by reservoir characterization and modeling, 
sophisticated techniques for reservoir surveillance such as sparse permanent arrays as 
well as frequent history matching and course corrections are required for maximizing 
recovery. 

3.3.8. Primary Production 
Vertical wells were the original technology used for cold primary production of heavy oil 
in carbonate reservoirs.  However, natural depletion even with aquifer support and high 
rock compressibility often result in low recovery factors.  If oil viscosity is not excessively 
high, and the oil is mobile, water floods are possible.  However in the Grosmont 
formation the extremely high viscosity of bitumen rules out the use of water floods. 

While vertical wells are still an important technology, horizontal wells offer significant 
advantages and have been used to good advantage by several operators internationally. 

Horizontal wells allow a much larger amount of contact between the wellbore and the 
reservoir.  Long horizontal wells can be up to 2.5 km in length.  Long horizontal wells 
allow high productivities to be achieved.  With heavy oil, artificial lift is necessary 
because of the high oil viscosity and the potential presence of emulsified water leads to 
high friction losses in production tubing. 

In a heterogeneous formation, the long contact length provided by horizontal wells 
provides an averaging of the conditions encountered by the wellbore.  This avoids the 
risk encountered by vertical wells in heterogeneous formations where well performance 
may vary dramatically. The early AOSTRA pilots in the Grosmont formations were 
characterized by erratic performance due to the high heterogeneity of the formation. The 
use of horizontal well would reduce risk and avoid surprises.  

When vertical fractures are present, horizontal wells can be drilled at a direction 
perpendicular to dominant fracture direction allowing them to contact a large number of 
vertical fractures along the length of the well.  With heavy oil, the mobility ratio with water 
is unfavourable and, particularly in fractured carbonate formations, the risk of significant 
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water cuts is considerable.  To be effective, vertical wells need to be exposed to a 
significant vertical interval and some of the perforations will be close to the oil water 
contact.  By contrast, horizontal wells are exposed the formation along a horizontal path 
and the well can be located in the top of the formation as far away as possible from the 
oil water contact, thereby delaying the onset of water breakthrough.  Because of their 
extensive contact with the formation, horizontal well can deliver high productivities with a 
low pressure gradient at the wellbore.  The low pressure gradient also reduces the risk 
of water coning and water breakthrough.   

Long horizontal wells can produce as much as several vertical wells because of their 
large exposure with the formation.  As a result, surface disturbance is minimized.  

3.3.9. Acid Stimulation 
The purpose of acid stimulation in carbonate reservoirs is to dissolve some of the rock 
matrix in order to create permeable pathways from the wellbore into the reservoir.  The 
permeable channels bypass the damage created during drilling and cementing of the 
well in addition to damage created by continued production.  

The permeable channels are intended to form highly branched, ramified networks in 
order to improve production.  They can improve permeability several meters from the 
wellbore.  If natural fractures, vugs or channels do not intersect the well, the permeability 
channels created by acid stimulation increase the probability that the well will be 
frequently connected to the reservoir fracture network.  Acid treatment is a technique to 
couple the wellbore tightly into the natural reservoir flow channels. It is effective for 
reservoirs where the effective flow in the reservoir occurs mostly due to natural high 
permeability zones such as natural fractures and vugs.  Acidizing also opens up existing 
natural fractures that have been plugged by infill material and enhances the natural 
fractures system. 

However, excessive use of acid stimulation may have the adverse effect of causing 
failure of the matrix integrity in the near wellbore area.  Formations with low mechanical 
integrity and with highly viscous oil require special attention.  Weakening of an already 
weak rock matrix often leads to borehole instability and loss of wellbore integrity.   

3.3.10. CO2 and Flue Gas as Additives to Steam 
During the late 1980s the Alberta Research Council investigated the use of carbon 
dioxide as an additive to steam to enhance bitumen recovery from in situ oil sands.  CO2 
is known to significantly reduce the viscosity of heavy crude oils and it can be a valuable 
addition to steam for the recovery of heavy oil and oil sands (Singh, Malcolm et al. 
1985). 

Tests done on a physical scale model concluded that the addition of between 3 and 5 
mole percent CO2 in to steam provided a significant improvement over steam alone 
(Nasr, Prowse et al. 1987). 

The use of steam only resulted in approximately 12% recovery of the bitumen present in 
the physical test model. The addition of 2.8 mole percent of CO2 in steam improved 
recovery to approximately 23%.  Oil recovery was substantially improved by the addition 
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of CO2 to steam.  Doubling the CO2 concentration to 5.4 mole percent only resulted in a 
modest increase of recovery to approximately 25%.   

Test were also conducted with CO2, nitrogen and steam mixtures representative of flue 
gas and steam exiting for from a downhole direct contact steam generator.  The use of 
flue gas in concentrations between 20 and 30 mole percent in steam resulted in recovery 
levels similar to those obtained with 2.8 mole percent CO2. The presence of nitrogen 
dampened recovery by blanketing the interfacial zone between steam and active oil 
sands zones. Large amounts of nitrogen or flue gas also resulted in a smaller heated 
zone (Nasr, Prowse et al. 1987). 

The improvement due to CO2 in recovery was the result of improved conformance and 
accessing a greater volume of the test bed rather than the lower oil saturations in the 
swept zones.  CO2 led to the formation of a gas zone around the injection well, resulting 
in improved conformance in the test bed and increased bitumen production.   

The rate of recovery was also accelerated by the dissolution of carbon dioxide into 
bitumen.  In the steam only experiment, the primary mechanism for oil recovery was 
conductive heating and stripping of oil along the communication path.  The addition of 
CO2 resulted in bitumen viscosity reduction and an increased pressure gradient between 
the injection and the production well resulting in enhanced bitumen stripping.  

In addition, the high solubility of CO2 in the bitumen and in the produced water reduced 
the bubble point of the bitumen-water-CO2 mixture allowing the mixture to flash at a 
lower temperature and resulting in an increase of shear displacement forces.  The use of 
pressure drawdown cycles introduced additional drive mechanisms.  During the pressure 
drawdown, dissolved gas evolved and hot water flashed forming a multiphase 
displacement fluid that drove bitumen toward the production well. Gases with a high 
solubility in reservoir fluids, such as CO2 are preferred as compared to gases with lower 
solubility such as nitrogen. Because gas solubility is higher in the cooler zones of the 
reservoir, the displacement of bitumen from cooler zones is enhanced during the 
pressure drawdown portion of the cycle. 

There were concerns that the presence of CO2 would lead to the precipitation of 
asphaltenes which would adversely affect bitumen production. Test runs done with CO2 
and steam showed no evidence of asphaltenes precipitation (Nasr, Prowse et al. 1987). 

Recent development work at the Alberta Research Council has extended into other 
solvent mixtures with steam and culminated into the development of the Expanding 
Solvent SAGD (ES-SAGD) and the Thermal Solvent Hybrid processes (Nasr 2006).  

3.3.11. CO2 Storage in the Grosmont Formation 
It has been proposed that bitumen in carbonate formations, such as the Grosmont 
formation, have the potential to absorb CO2 either through absorption and reaction with 
the rock matrix or other means.  Potentially the Grosmont formation could absorb 
emissions related to its own development but also could be large enough to absorb CO2 
emissions from oil sands upgrading in Athabasca (Peachey, Godin et al. 2006).  
Therefore, this hypothesis should be investigated and the potential for CO2 sequestration 
in the Grosmont formation should be determined. 
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Four mechanisms have been identified for CO2 storage in oil bearing formations (Law, 
Huang et al. 2004):  

 Oleic trapping, where CO2 is dissolved in the oil that remains behind in the formation; 

 Phase trapping, where supercritical CO2 is hydrodynamically trapped as a separate 
phase and forms a plume at the top of the formation; 

 Solubility trapping, where CO2 dissolves into formation water; 

 Ionic trapping, where dissolved CO2 becomes an ionic species such as carbonate, 
bicarbonate or other ionic species in water through geochemical reactions with the 
rock matrix or with other chemical species present in formation water; and, 

 Mineral trapping, where carbon containing ionic species precipitate as part of new 
mineral phases through additional geochemical reactions. 

In southeastern Saskatchewan, supercritical CO2 is being injected into the conventional 
light oil carbonate reservoirs at Weyburn and Midale.  This miscible CO2 EOR project 
results in increased oil production but also in permanent storage of CO2 in the deep 
underground formations.  Storage mechanisms for CO2 injected in the Weyburn 
Reservoir have been extensively analyzed and modeled.  In total, over the course of the 
CO2 injection project, 23.2 million tonnes of CO2 will have been stored in the formation.  
As shown in Table 8, at the end of CO2 injection in the EOR project, 44% of the stored 
CO2 will be trapped in solution in the oil remaining in the reservoir and 31% will be stored 
as a separate supercritical CO2 plume at the top of the reservoir.  The balance, or 25%, 
will be stored as dissolved CO2 in formation water. 

It is known that geochemical reactions occur over time between CO2, formation water 
and the rock matrix.  The presence of calcium carbonate in the rock matrix is expected 
to cause additional amounts of CO2 to dissolve in formation water as part of the calcite 
dissolution process according to the following equation (Durocher, Kotzer et al. 2005): 

CaCO3 + H2O + CO2  =>  Ca2+ + 2 HCO3- 

However, this step generally quickly reaches equilibrium in pure carbonate formations.  
The presence of even trace amounts of finely disseminated silicate materials can lead to 
additional CO2 dissolution by acting to buffer reservoir fluid.  Eventually, over geological 
time, some of the ionic carbonate species will react with cations present in formation 
waters to form new stable mineral phases resulting in the mineral trapping of carbon 
(Gunter, Perkins et al. 1993; Gunter, Wiwchar et al. 1997).  Examples of such reaction 
are provided in the following equations; 

 2 Albite + 2 H2O + 2 CO2  =>  2 HCO3- + 2 Na+ + Paragonite + 6 Quartz 
(Emberley, Hutcheon et al. 2003) 

 KAlSi3O8 + Na+ + CO2 (aq) +H2O  <=>  NaAlCO3(OH)2 + 3 SiO2 + K+ 
 (K-feldspar)                                            (Dawsonite)       (e.g.: quartz) (Johnson 
and Nitao 2003) 
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Table 8 - CO2 Storage in the Weyburn Reservoir 
 After the End of EOR After 5,000 years 
 (Mega 

tonnes 
CO2) 

Percent (Mega 
tonnes 
CO2) 

Percent 

Oleic Trapping (dissolved 
in oil) 

10.25 44 10.25 44 

CO2 Phase Trapping 
(hydrodynamically trapped 
CO2 plume) 

7.09 31 0  

Solubility Trapping 
(dissolved in water) 

5.87 25 6.5 28 

Ionic Trapping (as 
carbonate, bicarbonate, etc 
in water) 

-  0.07  

Mineral Trapping (as 
precipitated new carbon 
containing minerals) 

-  6.38 28 

TOTAL 23.2 100 23.2 100 

Source: (Law, Huang et al. 2004) 

 

In the case of CO2 storage in the Weyburn Reservoir, geochemical reactions were 
modeled over 5,000 years leading to the prediction that 28% of the CO2 stored in the 
reservoir will be through the precipitation of new mineral species.  As shown in Table 8, 
the amount of CO2 trapped in the oil phase remains stable over geological time.  
However, some of the CO2 dissolved in formation water reacts with carbonate and 
silicate materials present in the rock matrix.  While there is dissolution of anhydrite and 
of the various silicate materials, this is partly compensated by precipitation of calcite and 
kaolinite.  However, over time, excess precipitation of the sodium aluminum carbonate 
Dawsonite occurs. 

A major CO2 storage project is also being conducted in the North Sea at Sleipner.  In this 
case however, CO2 is injected in the Utsira sandstone formation.  The absence of 
suitable carbonate materials in the rock matrix results in minimal mineral trapping.  At 
Sleipner, only 1% of injected CO2 is predicted to be trapped through Dawsonite 
precipitation (Johnson and Nitao 2003). 

In Alberta, acid gases (CO2 and H2S) are also being injected in conventional light oil 
carbonate reservoirs as part of EOR processes.  The possibility of mineral trapping as 
carbonate or sulfide minerals was also examined.  H2S can be trapped as iron sulfide 
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minerals if iron is present in the rock matrix as oxides or in silicate minerals.  In a 
relatively pure carbonate reservoir, CO2 is trapped by solubility trapping. The dissolution 
of calcite is compensated by the precipitation of dolomite.  The net result is that there is 
no mineral trapping of CO2.  If silicate minerals are present, higher amounts of CO2 can 
be stored through solution trapping because of the buffering action of the silicate 
materials.  Mineral trapping of CO2 from the precipitation of both calcite and dolomite is 
dependent on the amount of calcium containing silicate minerals (Buschkuehle and 
Perkins 2004; Gunter, Pratt et al. 2004). 

The above discussion indicates that CO2 storage can occur in carbonate reservoirs 
through dissolution in formation water and mineral precipitation.  The suitability of the 
Grosmont bitumen reservoir for CO2 storage should be investigated in light of the fact 
that it is a carbonate formation and that it will likely be the object of significant bitumen 
recovery activities.   

However, opportunities for CO2 storage in the Grosmont are tempered by the relatively 
shallow depth of the formation.  The Alberta Geological Survey and the Alberta Energy 
and Utilities Board studied the suitability of Alberta geological formations for CO2 
sequestration (Bachu, Brulotte et al. 2000; Bachu and Stewart 2002).  In particular, the 
study concluded that northeastern Alberta, which includes Athabasca, should generally 
be considered not suitable for CO2 sequestration, in part for the following reasons: 

 Porous geological formations are at shallow depth with in situ temperatures and 
pressures close to, or less than, the critical point of CO2.  Therefore, CO2 could only 
be stored in this region as a gas thereby significantly reducing storage efficiency; and, 

 The shallow depth also implies that injected CO2 gas has a high potential to migrate 
to the top of the formation and eventually escape back into the atmosphere. 

Nevertheless, there are smaller opportunities for CO2 sequestration in Athabasca that 
may be investigated: 

 Injection of CO2 gas into the Lower Devonian carbonate Winnipegosis aquifer which 
is part of the Elk Point group at depths greater than the Grosmont and which may or 
may not be present to a suitable extent in the area of bitumen accumulation;  

 Storage of CO2 as a liquid in salt caverns that could be mined in the Prairie Evaporite 
formation also at depths greater than the Grosmont and which may or may not be 
present to a suitable extent in the area of bitumen accumulation; and, 

 Storage of CO2 gas in shallow gas pools that exist in formations lying above the 
Grosmont. 

Therefore, the main difficulty for using the Grosmont for storing CO2 is its shallow depth 
which means that injected CO2 will exist as an inefficient and separate gas phase that 
could eventually migrate back to the surface.  However, as discussed in the following 
section of this report, the use of a Direct Contact Steam Generator (DCSG) as part of 
the bitumen recovery technology would inject CO2 gas mixed with steam in the bitumen 
bearing formation.  Small amounts of this CO2 will likely dissolve into bitumen and 
formation water and become stored.  Under the temperature conditions of the steam 
chamber, CO2 concentration in formation fluids is likely to be significantly much less than 
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1%.  However, over time, as a formation cools down, formation water may be able to 
absorb up to 3% CO2.  An unknown factor is the effect of temperature on the kinetics of 
geochemical reactions that normally occur in carbonate reservoirs over geological time.   

An analysis of the mineral composition of the Grosmont carbonate formation was not 
found in the public record but it may exist in confidential AOSTRA files. With knowledge 
of the exact mineral composition of the Grosmont in the area of bitumen accumulation, it 
may be possible to anticipate possible reactions between CO2, steam, formation water, 
and the rock matrix at the high temperatures of the steam chamber.  If the Grosmont is a 
relatively pure carbonate formation, the probability of mineral trapping is likely inexistent.  
However, if the Grosmont contains appreciable amounts of silicate materials and iron 
compounds, there exists the unproven possibility that the high temperature of the steam 
chamber may accelerate mineral trapping geochemical reactions. 

3.4. Recovery Technology Scenarios  
Scenarios for the Bitumen In Carbonates resources build on the results of literature 
reviews of publicly available information from the initial AOSTRA and other pilots 
conducted in the 1970’s and early 1980’s, as well as lessons learned from international 
heavy oil and existing Alberta oil sands operations.  Based on that information the 
recovery process features which show the most promise of resulting in commercial 
bitumen production, with the lowest potential GHG emissions, are: 

 Horizontal Wells – Initial wells in the bitumen carbonates were all vertical wells as 
horizontal well technology was in the early stages of development and considered 
uneconomic at that time.  The use of horizontal well designs, which have been 
developed in the period since the original pilots, will increase the contact area with 
the reservoir to allow improved heat transfer and also will provide enhanced access 
to level out the impact of heterogeneity.   

 Open Hole Completions – Highly dolomitized reservoirs, even in conventional oil 
reservoirs, are not amenable to cementing in casing, and, based on the original pilot 
results, casing cement integrity is a problem that has been encountered in the 
Grosmont carbonate formation.  To allow isolation of well sections, while ensuring 
access to all available fractures and vugs, it is best to leave the wells open hole if at 
all possible.  Open hole packers can be used across shale barriers or any remaining 
sections of undolomitized rock to provide for more positive isolation of zones. 

 Thermal Process Needed – The high (1,600,000 centipoises) viscosities found in 
the bitumen carbonates have not been reported for any other producing carbonate 
formation in the world.  As the rock is likely to be oil wet, or potentially, mixed 
wetness, there is little ability for steam or any other injectant to penetrate the 
reservoir except through heating and allowing the bitumen to flow out.  So it is felt 
that any initial process must be thermal.  However, unlike the bitumen in sand 
deposits the types of processes used in initial production phases will likely be limited 
to some form of cyclic steaming.  Cyclic Steam Stimulation (CSS) allows for the 
gradual heating of the bitumen near the wellbore and also provides for some 
pressure drive to move bitumen into the producing well. 
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 Logic for Excluding Other Thermal Processes - Steam Assisted Gravity Drainage 
(SAGD) is not considered an option as the individual carbonate zones are too thin 
(20-30 m) for chamber development, and heterogeneities would not allow for any 
control of chamber formation or communication between injection and production 
wells.  However, if technology could be developed to break the relatively thin shale 
barrier between the Upper Grosmont units 2 and 3, these units could be combined 
into a thicker reservoir. Toe to Heel Air Injection (THAI) or other in-situ combustion or 
oxidation processes would not be favoured due to the non-heterogeneity of the 
formations, and also the likelihood that the higher temperatures would lead to rapid 
break down of the carbonate and shale barriers, resulting in loss of containment.  
Another concern with air injection is that the very high temperatures associated with 
the process would cause the decomposition of significant amounts of calcium 
carbonate into lime and carbon dioxide. Due to the shallow depth of the Grosmont 
formation, the CO2 produced would result in significant unintended GHG emissions. 
Calcium carbonate will decompose at temperatures exceeding ~500° C. High 
temperature electric heating is a process that is currently being piloted in Alberta for 
oil sands. Process temperatures are high enough to cause partial cracking and in 
situ upgrading of the bitumen. In a carbonate rock host, high temperature electric 
heating may also result in the unintended release of CO2 from calcium carbonate 
decomposition. Thermal solvent processes might be considered, if containment can 
be reliably assured, however, these would be very poor choices if there was any 
chance of losing expensive solvents to the overlying gas thief zones or overburden.  
The above analysis, and the initial success of CSS in the initial pilots, tends to favour 
the use of CSS in the carbonates at pressures below the matrix fracture pressure. 

 Acidic Fluids – Acids are used in conventional oil carbonate reservoirs to remove 
near well effects that might limit inflow and also to open up more of the carbonate 
matrix.  Acid injection has been used in international heavy oil projects with some 
success, so it is felt that the generation of an acidic environment in the reservoir 
would increase production.  Carbon dioxide and sulphur dioxide in various 
combustion gases would form acids when injected with steam. 

3.4.1. Scenario 1: CSS with Single Horizontal Well 
Scenario Description - This Base Case scenario is based on the next logical step from 
past pilots using CSS with a single horizontal well with other surface and well facilities 
essentially the same as what is currently used for CSS processes.  Steam is provided by 
a Once Through Steam Generator (OTSG) using surface or ground water and natural 
gas as the fuel. 

Well Configuration - The well would be uncased and placed low in the reservoir (5m 
above oil/water contact if any).   

Start-up and Operation - The first production cycle would drain the volume (1-5 m) 
immediately surrounding the well and start the process of building a steam chamber.  
Bitumen in vugs is likely to be mobilized first; drained vugs would then become primary 
flow channels for steam to heat the matrix and for fluids to be evacuated.  Injection 
pressures are kept below formation fracture pressure to avoid loss of containment; and 
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small cycles are used to avoid steam breakthrough to other wells or thief zones.  Most of 
the drive comes from the steam blow down during production (pressure and flow) and 
some effects of gravity drainage from the matrix into the vug and/or cavern network.  
CSS start-up would be by heating the area surrounding the well in a manner similar to 
SAGD start-up (6 month heat soak by steam circulation).  

 

Figure 11 – Scenario 1: CSS with Single Horizontal Well  
Steam Injection

Bitumen/Water Production

Steam Injection
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Energy, Carbon and Fresh Water Intensities - Natural gas is used to fuel steam 
generation from fresh or brackish surface or groundwater.  It is assumed that energy and 
water efficiency in this case would be similar to current CSS and SAGD operations, and 
therefore should have similar GHG intensities. The Steam to Oil Ratio (SOR) would be 
similar to CSS in Cold Lake (approximately 4.0 at the end of the process).  It should be 
slightly better because of the presence of vugs as naturally occurring channels for steam 
and fluid movement and because the use of lower pressure steam increases energy 
efficiency. 

Resource Recovery - Recovery likely would be similar to CSS in Cold Lake 
(approximately 30%).  .  At a first approximation, all of the oil in vugs would be recovered 
and some from the matrix.  To better determine this it would be necessary to know the 
OOIP split between vugs and matrix and estimate percent recovery from each source. 

Possible Variations: 

 Horizontal wells with multiple laterals would maximize contact with the formation.  

 Cold drilling fluids could be used to minimize drilling problems. 

 Measurement while drilling and geosteering may allow horizontal wells to detect and 
follow high permeability channels (caverns) to optimize access. 

 Single Well SAGD (SWSAGD) could be considered as an alternate recovery method. 
It would add 5 m to the effective height of the reservoir, as compared to SAGD. 

 There is a possibility that steam may be able to break the shale barriers between the 
Grosmont units, particularly the 2m to 4 m shale break between the Upper Grosmont 
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3 and Upper Grosmont 2 units. The possibility of treating the UGM 2 and UGM3 as a 
single reservoir could open the possibility of using gravity drainage. 

3.4.2. Scenario 2: Direct Contact Steam Generator 
Scenario Description – This scenario is similar to Scenario 1 except that a Direct 
Contact Steam Generator (DCSG) is used. One of the main sources of losses with 
thermal steam processes are associated with once through steam generators, as the 
exhaust flue gases take over 20% of the input energy away with them.  A direct contact 
steam generator avoids this by injecting the flue gases with the produced steam.  The 
direct contact generator could be on surface, to improve access and portability, or 
downhole, to further reduce thermal losses and potential materials problems in injection 
piping. .  In addition, the DCSG allows the use of untreated water, such as produced 
water. Avoiding the extensive water treatment associated with OTSG further reduces 
water and energy intensity. 

Well Configuration – The injection well could be similar to existing horizontal wells for 
CSS or SAGD with surface generation, or a “U-tube” well for a downhole generation 
configuration.  The combustion gas contains a significant volume of nitrogen that will 
occupy space that would be normally occupied by steam. A venting mechanism needs to 
be provided to avoid a loss of volume efficiency and productivity.  If there is a gas cap in 
the formation, this could be used to receive the flue gas and allow controlled venting and 
treatment of any flue emissions. 
 

Figure 12 – Scenario 2: Direct Contact Steam Generator 
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Start-up and Operation - The presence of CO2 in the steam would make it acidic, which 
will dissolve some of the CaCO3 in the carbonate matrix. This effect would be similar to 
the use of acid treatment for improving the performance of oil production from carbonate 
formations.  However, it may present corrosion challenges for the well and surface 
facilities.  The produced water would likely contain high levels of dissolved solids which 
could lead to scaling problems in the well and wellbore area.  Surface direct contact 
generators could be portable and moved between wells for cyclic injection production 
cycles.  If located downhole in a u-well configuration they may be operated in a more 
continuous fashion with steam and gas driving the production to the second leg of the “u-
tube” well.  The effect of this would be similar to the THAI process, but with a more 
controlled combustion process at a burner and lower temperatures in the reservoir to 
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avoid formation breakdown. 

 

Figure 13 – Direct Contact Steam Generator 
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Energy, Carbon and Fresh Water Intensities - The energy efficiency benefit of the 
downhole direct contact steam generator is that 100% of the energy from the fuel is 
injected into the reservoir, which is a 20% improvement over the OTSG.  There is a low 
likelihood of permanent CO2 sequestration, because of the shallow nature of the 
reservoir.  The CO2 is injected as a gas so most of the CO2 will be returned to the 
surface with produced fluids.  Some CO2 will go into solution as the steam condenses to 
water and most of this CO2 will return to the surface with produced water.  As the water 
of combustion will be captured by the process, this will reduce fresh water demand by 
that volume, or about 2 tonnes (2 m3) for each tonne of methane burned as fuel.  
Combined with a lower SOR due to improved energy efficiency this might result in a 20-
30% reduction in water demand. 

Resource Recovery - CaCO3 dissolution would increase permeability of the matrix and 
could increase the rate and extent of recovery. Testing at The Alberta Research Council 
in the 1980’s indicated that a 3-5 % CO2 content would significantly enhance bitumen 
recovery in lab physical models.  CO2 acts as a solvent and further reduces bitumen 
viscosity, thereby improving recovery. 

Possible Variations: 

 The steam generator could be located in a large subsurface chamber similar to a 
shaft and tunnel concept with horizontal wells connecting to the tunnels for steaming 
and production cycles. 



 

Low Carbon Futures – March 31, 2007 82 

 A catalytic converter could be used to remove residual oxygen from the combustion 
gas. 

3.4.3. Scenario 3: Bitumen as Fuel 
Scenario Description – This scenario builds from Scenario 2. The difference is that 
bitumen is used as the fuel, replacing natural gas. Sulphur combustion products are also 
injected into the formation.  Natural gas is a premium clean burning fuel and is 
considered by many to be too valuable a resource to be used for oil sands energy 
generation.  An alternative is to burn the bitumen product, or some other stream 
generated from the produced bitumen.  Bitumen on average contains 4% sulphur by 
weight, resulting in the addition of sulphur components to the combustion gases. 

Well Configuration – Similar to Scenario 2. 

Start-up and Operation – The injection of combustion products avoids the 
capital/operating expense and energy cost of flue gas desulphurization.  SO3 in the 
injected gases would further increase the acidity of the steam and may increase the rate 
of CaCO3 dissolution.  This could further improve matrix permeability and the rate and 
extent of recovery. 

Energy, Carbon and Fresh Water Intensities - The use of bitumen avoids the 
utilization of clean and expensive natural gas.  There is a risk of SO3 returning to the 
surface with produced fluids or migrating back to the surface through the caprock or 
surface discharging aquifers. 

 

Figure 14 – Scenario 3: Bitumen as Fuel 
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Resource Recovery – Increasing acidity may result in increases in recovery of bitumen 
due to the more rapid expansion of matrix access. 

Possible Variations: 

 Sulphur from upgraders could be blended into the fuel stream to increase energy 
input with lower generation of carbon dioxide.  Dr. Peter Clark at the Alberta Sulphur 
Research Institute has suggested burning sulphur to produce energy to back out 
carbon based fuels.  This would also reduce long term sulphur storage problems in 
times of low market demand for sulphur in western Canada. 
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3.4.4. Scenario 4: Water from a Saline Aquifer 
Scenario Description – In addition to the features captured by Scenario 3, this scenario 
adds the concept of sourcing water from a deep underground saline aquifer. With direct 
contact steam generation there are no tubes to foul with scale so it may be possible to 
avoid water treatment and directly utilize warm saline water produced from deeper 
aquifers. 

 

Figure 15 – Scenario 4: Water from a Saline Aquifer 
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Well Configuration – Similar to previous scenarios except for the provision of a deeper 
water source and re-injection wells.  These should be horizontal wells to improve well 
productivity and injectivity to reduce pressure losses. 

Start-up and Operation – Ideally the warm water would go directly to the direct contact 
steam generator to avoid energy loss from the water.  The produced water would still 
contain most of the salts contained in the source water, plus some salts from water in 
the oil sands formation.  The produced water would be re-injected into the same 
geothermal zone to maintain geothermal zone pressure.  It is likely to cause solids 
accumulation downstream of the steam generator, possibly in the wellbore area which 
could lead to a loss of permeability. 

Energy, Carbon and Fresh Water Intensities – The warm geothermal water would 
contribute some energy to the steam (<5%) and slightly reduce energy and emissions 
from steam generation.  The main benefit would be to back our fresh or brackish surface 
or near surface ground water and replace them with deep saline water without retaining 
the minerals on the surface where they could contaminate fresh water supplies.  The re-
injected water will contain some absorbed carbon dioxide and some sequestration will 
occur. 

Resource Recovery – This scenario would allow recovery even where fresh or brackish 
ground water sources are in short supply. 

Possible Variations: 

The water used could be waste water from nearby SAGD operations in adjacent sand 
formations or produced water imported from conventional oil operations in the region.  
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Other waste waters might include waste water from pulp mills. 

3.5. Research and Development Directions 
As very little is known about the Grosmont and other carbonate formations containing 
carbonates, much of the early focus must be on learning more about the geology and 
geomechanics of the formations and learning how to deal with the highly variable 
properties of these formations.  Some suggested development programs specific to 
bitumen in carbonate formations are: 

 Geosurveying - The largest challenge will be mapping the heterogeneity of the 
Grosmont at various scales.  Ideally methods should be developed which can map 
large macro features such as caverns (karsts) to help locate “sweet spots” in the 
formation which will be the most amenable to production, as well as to identify areas 
where containment is of concern and steaming should be avoided or conducted with 
extra precautions.  Large karst features are of interest in other civil engineering 
projects so a thorough review of existing detection methods should be carried out 
early on. 

 Assessing Information from Gas Zones – The Upper Grosmont formation is gas 
prone and shallow gas production from this area has been significant, over the last 
twenty years.  During initial piloting, gas in the Upper Grosmont 3 was used for fuel, 
until steam broke through from below.  The presence of gas zones indicates an under 
pressured and lower bitumen saturation.  These zones could be a benefit in 
demonstrating containment and allowing steam to access more bitumen, or they 
could be a major problem if they connect with aquifers.  As the gas rights are different 
from oil sands rights, the two overlapping resources may also cause conflicts like 
those that arose in Gas Over Bitumen in the McMurray formation.  These conflicting 
interests may hinder information sharing between producers of bitumen and gas. 

 Breaking Barriers - Development of geomechanical methods to break the shale 
layers between the Grosmont units may be useful in order to treat the formation as a 
single reservoir. 

 Geological Data Gathering from Wells – Technologies to enhance knowledge 
gained from logging horizontal wells need to be developed to better characterize the 
heterogeneity and influence production strategies. 

 Monitoring – Use of 4-D monitoring methods should be emphasized as reservoir 
surveillance technologies to allow the production operations to adapt to reservoir 
heterogeneities. 

 Geochemistry and Geochemical Data-gathering and Mapping – The 
geochemistry and reaction of steam and combustion gases with the formations will be 
complex and varied depending on the state of the carbonate deposit, degree of 
dolomitization and karstification in any given region.  Mapping geochemistry will help 
to forecast the impact of injecting steam, hot brines or various steam/flue gas streams 
into different geochemical environments. 
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 Direct Contact Steam Generator Development – While downhole direct contact 
steam generators were worked on in the 1970’s, they were principally intended for 
deep steam injection so were small diameter and were fed high pressure air, water 
and fuel.  In shallow carbonate deposits the pressures are not as great and there is 
the opportunity for large diameter wells.  Redevelopment of this technology should 
consider original designs modified to make them more versatile and robust for 
downhole well, shaft and tunnel or surface installations. 

 Interactive Models - Develop modelling capability for fractured reservoirs where 
seismic and geology information is used to influence production decisions.  With karst 
features it is likely that production will have to be closely monitored for optimum 
performance.  There is also some potential to use information developed for the 
Grosmont to inform recovery from other carbonate deposits in Alberta and 
Saskatchewan.  
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4. Conventional Heavy Oil - Remaining Resource 

4.1. Heavy Oil Challenges 
Heavy oil and bitumen resources are very large and will be eventually required to 
supplement conventional light oil supplies.  Conventional light oil makes up only about 
30% of the world's total oil resources.  The remainder is composed of 15% heavy oil, 
25% extra heavy oil and 30% oil sands and bitumen (Alboudwarej, Felix et al. 2006). 
The challenge with heavy oil is not exploration.  Very large heavy oil resources have 
already been found.  However, because these deposits are so difficult and costly to 
produce, transport, and refine, many companies have stayed away from these deposits 
until now.  With rising global prices for crude oil, the economics of heavy oil are getting 
easier. Therefore, heavy oil is taking a larger role in the petroleum industry.  With 
conventional light oil reaching the status of a mature industry, opportunities for growth lie 
mostly with heavy oil.  

Heavy oil reservoirs can be huge.  In addition, wells can produce at a steady rate and for 
a much longer time than conventional wells.  Some heavy oil operators report producing 
100,000 barrels per day and expect to maintain that rate for 15 or 20 years.  Depending 
on the choice of recovery technology, the recovery factor for heavy oil can be as high as 
50% which is much better than the average rate for conventional light oil (Anonymous 
2006; Belani 2006). 

The challenge is producing heavy oil economically without significant greenhouse gas 
and environmental impact.  If new technologies with low greenhouse gas and 
environmental impact are not developed, the possibility exists of significant economically 
attractive heavy oil developments going forward and causing significant environmental 
impact. 

Heavy oil and bitumen are usually found in shallow reservoirs.  One reason postulated 
for this observation is that shallow reservoirs are cooler than deeper reservoirs.  Cooler 
temperatures allow bacteria responsible for biodegradation to thrive and to transform 
over geological time periods conventional oil into heavy oil and bitumen.  Deeper, higher 
temperature reservoirs effectively pasteurize the oil and the process of biodegradation 
cannot occur.   

Shallow reservoirs are also characterized by lower pressures.  In deeper reservoirs, the 
pore pressure may be sufficient for fluids to flow from the reservoir into the wellbore.  In 
shallow and particularly in heavy oil reservoirs, the ability of oil to flow to the wellbore is 
greatly reduced.  As a result, economic rate of recovery are generally low without the 
utilization of some artificial method for enhancing flow (Dunn-Norman, Gupta et al. 
2002). 

4.2. Lloydminster Heavy Oil 
Heavy oil and bitumen are found in Alberta and Saskatchewan in a discontinuous trend 
which extends from the Peace River area, to Athabasca, through Cold Lake and to 
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Lloydminster.  Most of these petroleum accumulations are found in Lower Cretaceous 
sand deposits.   

In the Lloydminster area, heavy oil is found in the Mannville group of the Lower 
Cretaceous which is comprised of nine major formations.  The original oil in place in the 
Lloydminster area is estimated at 12.7 billion m3 (Wong and Ogronick 1998) 

Most heavy oil developments in Lloydminster have been from the Mannville sands with 
most wells completed in the Sparky formation.  Other formations that have seen oil 
production or the Clearwater, General Petroleum, Wascana, Lloydminster, McLaren and 
Cummings formations (Dusseault, Geilikman et al. 1995; Wong and Ogronick 1998).   

Mannville sands include sheet-like regionally extensive blanket sands. Blanket sands are 
typically thin, usually less than 7 m. Permeability ranges from 0.5 up to 3 Darcies. 
Channel sands are limited in aerial extent but can have up to 30 m of net paid and 
permeabilities up to 10 Darcies. Reservoirs are buried at depth from 300 to 600 m and 
are bound by silty clays and have relatively few cemented bands.   

The sandstone structures are cohesionless with porosities of 30% to 36%.  Oil saturation 
is high (85 to 90% of pore volume).  Oil density ranges from 10° to 25° API.  Dead oil 
viscosity is generally between 3,000 to 6,000 centipoises but may vary from 50 up to 
50,000 centipoises. Reservoir temperature ranges from 15° to 30° C. The original 
reservoir pressure is low, generally between 2 and 3 MPa. Typical parameters are 
summarized in Table 9. 

 

Table 9 –Typical Parameters for Lloydminster Reservoirs 
Reservoir rock Unconsolidated sandstone 

Depth 300 to 600 m 

Thickness 2 to 25 m 

Porosity 30 to 36 % 

Oil Saturation 85 to 90% 

Dead Oil Viscosity (centipoises)  3,000 to 6,000 

Live Oil Viscosity (centipoises)  1,200 to 3,000 

Solution Gas (m3 gas per m3 oil) ~10 

Original reservoir pressure 2 to 3 MPa 

Reservoir temperature 15° to 30° C 

Permeability (mD) 500 to 10,000 

Heavy Oil Density 10° to 25° API 

Source: (Loughead and Saltuklaroglu 1992; Dusseault, Geilikman et al. 1995; Wong and 
Ogronick 1998) 
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From the above discussion, it can be appreciated that reservoir quality may vary 
considerably within the Lloydminster area. For example, thin blanket sands will be 
amenable to different recovery technologies than thick permeable channel sands. For 
the purpose of matching to available recovery technologies, heavy oil reservoirs in the 
Lloydminster area can be divided into four categories: 

 Thick Channel Sands: representing approximately 10% of the resource, 
these reservoirs are on average 10 m thick. The recovery rate is 5-7% 
under cold primary production without sand. They are candidates for steam 
injection EOR processes. 

 Sand Reservoirs with Active Bottom Water: The presence of an underlying 
active aquifer means that vertical wells are rapidly subject to water coning, 
resulting in uneconomic water production. However, these reservoirs are 
producible with horizontal wells and, with this well configuration, the water 
zone can provide pressure support. The rate of recovery is approximately 
5%. This category also accounts for approximately 10% of the resource. 

 Thin Areal Sands: These reservoirs are 2 m thick on average but laterally 
extensive. They are prevalent and represent 40 to 50% of the resource. 
Typically they are not affected by bottom water but edge water may be 
present. Most of CHOPS produced reservoirs come from this reservoir 
category. With CHOPS, the recovery factor is approximately 12% but, 
without sand influx, the rate of recovery would only be only 5 to 7%. 
Reservoirs that do not produce sand and with minimal water present are 
generally viewed as good candidates for water floods which may boost the 
extent of recovery by an additional 5%. 

 Non-Active Bottom Water: This category represents the balance of the 
Lloydminster reservoirs. They are typically produced by cold production 
without sand with a recovery factor of 5%. 

The description of heavy oil reservoirs in the Lloydminster area is summarized in Table 
10. 
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Table 10 – Description of Heavy Oil Reservoirs in the Lloydminster Area 
Reservoir 

Type 
Description Percent of Total 

Heavy Oil In Place 
in Lloydminster 

(Alberta and 
Saskatchewan) 

Typical 
Primary 

Recovery 
Technology 

Extent of 
Recovery 

after Primary 
Recovery 

Typical 
Secondary 
Recovery 

Technology 

Extent of 
Recovery 

after 
Secondary 
Recovery 

Thick Channel 
Sands 

Localized reservoirs 
with average 
thickness of 10 m. 

~10% Cold production 
without sand; 
some thermal 

5-7% None N/A 

Sand 
Reservoirs with 
Active Bottom 
Water 

Reservoirs with 
active underlying 
aquifer that provides 
pressure support but 
may also lead to 
water coning 

~10% Cold production 
without sand 
with horizontal 
wells 

5% None N/A 

CHOPS Up to12% None N/A Thin Areal 
Sands 

Laterally extensive 
but thin (2 m 
average) reservoirs; 
generally bottom 
water is not present. 

~45% 

Cold production 
without sand 

5-7% Water flood Up to 10-
12% 

Non-Active 
Bottom Water 

Balance of 
Lloydminster 
reservoirs; bottom 
water may be present 
but not active. 

~35% Cold production 
without sand 

5% None N/A 
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4.3. Recovery Technologies 
As can be inferred from the resource description, a large number of reservoirs in 
Lloydminster are produced using cold production without sand production with relatively 
low productivities and recovery factors. The remaining reservoirs, colloquially referred to 
as “sanders”, are subject to matrix failure and massive sand influx and, as a result, are 
produced by Conventional Heavy Oil Production with Sands (CHOPS). The CHOPS 
process allows high productivities and recovery factors. As a result, most of 
Lloydminster’s production by volume is from CHOPS.  There is no apparent geographic 
pattern for the distribution of reservoirs subject to sand influx. They occur as clusters, 
sometime within the same pool.  

While most Lloydminster reservoirs are under primary production, water floods are 
increasingly used to enhance production in suitable reservoirs. Some thermal projects 
have been implemented in selected channel sand reservoirs. 

4.3.1. Cold Production without Sand 
Vertical and horizontal wells are used in Lloydminster for primary production.  Early 
vertical wells were able to produce a steady but low oil rate of 3 to 5 m³ per day with a 
conventional pump arrangement.  Switching to high torque progressive cavity pumps 
increased production rates by a factor of almost 4.  The implementation of horizontal 
wells with a horizontal section 500 m long and using progressive cavity pumps further 
increased production 2 to 3 times (Wong and Ogronick 1998). 

In theory, given the same oil viscosity, horizontal wells with a 800 m horizontal section 
should produce at rates 100 times faster than vertical wells.  Another way to consider the 
same calculation is to state that horizontal wells, given a minimum economic production 
rate, are able to produce oil 100 times more viscous than vertical wells (Butler and Yee 
2002).  The viscosity of heavy oil in the Lloydminster area is low enough to allow 
economic production from both horizontal and vertical wells.  In other areas, such as the 
Athabasca and Peace River oil sands areas, cold production of heavy viscous oil is only 
economic with horizontal wells (Fontaine 1992; Yeung 1995).  

In thin reservoirs, horizontal wells allow exposure of the well to a large zone of the 
reservoir.   Horizontal wells also permit the reduction of the near wellbore pressure drop 
that is characteristic of conventional vertical wells (Fontaine 1992).  Reducing this 
pressure drop reduces the propensity for water or gas coning and facilitates the 
maintenance of a stable interface at the oil-gas contact or the oil-water contact (Butler 
1993). 

However, with cold production without sand, after fairly high initial levels, production 
rates fall rapidly and, eventually, recoveries are limited to 5 to 7%. The limitation with 
cold production is that fluids must become available to fill the pore volume left by the 
produced oil.  Natural processes that allow this to happen can be slow and of limited 
scope and include the following:  

 Expansion of reservoir fluids as a result of decreasing reservoir pressure; 
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 Expansion of solution gas as a result of decreasing reservoir pressure; 

 Water influx from an adjacent aquifer; and, 

 Compaction of the reservoir matrix. 

The production drive is assigned to a solution gas drive effect.  Solution gas is near 
equilibrium at reservoir pressure.  Upon production, gas bubble nucleation occurs with 
pressure drop.  Because gas diffusivity in heavy oil is low, bubble growth and 
coalescence is so slow that the gas remains as a dispersed bubble phase resulting in a 
single foamy oil phase.  Gas bubbles do not coalesce and do not form a separate 
continuous phase until very high saturations of 25 to 35% are reached. This fact means 
that gas is not produced as a separate phase.  Rather, the presence of tiny gas bubbles 
swells the volume of the oil phase creating a very efficient solution gas drive (Loughead 
and Saltuklaroglu 1992; Dusseault, Geilikman et al. 1995).  In addition, the presence of a 
dispersed phase of tiny bubbles reduces the apparent viscosity of the oil (Lebel 1994). 

4.3.2. Conventional Heavy Oil Production with Sand (CHOPS) 
Many heavy oil reservoirs in the Lloydminster area are susceptible to significant sand 
influx.  In such reservoirs, excluding sand leads to production rates that are usually too 
low to be economic and an extent of recovery that hardly reaches 3%.  Over time, it has 
been recognized that the production rate and the extent of recovery could be increased 
by allowing sand to be produced rather than excluding it.  Combined with the use of 
progressive cavity pumps, this production method is known as Conventional Heavy Oil 
Production with Sand (CHOPS).    With CHOPS, small diameter vertical or inclined wells 
can maintain sustained production rates of 5 to 15 m3 per day for many years.  The 
extent of recovery can range between 5 or to 12% of the initial volume in place. 

CHOPS production typically involves a high sand cut level upon starting production.  
Sand cuts of 15 to 40% by volume are typical.  Eventually, sand cuts decline to levels of 
10 to 15% for lower API gravity crudes and levels of 0.75 to 3% for higher API gravity 
heavy oils.  Conversely, fluid production starts at a low level but production rates steadily 
climb over a period of several months. The mixture of oil, water and sand is produced as 
a foamy mass which is separated by gravity in a stock tank at a surface location.   

Allowing sand production increases production by 10 to 20 times.  The following 
mechanisms have been suggested to explain this increased productivity: 

 Sand mobility increases fluid mobility; 

 Sand production generates zones of greatly enhanced permeability; 

 Evolution of solution gas results in a foamy oil behaviour and an internal gas drive 
which maintains pressure; and, 

 Sand movement eliminates fines blockage, gas bubble blockage or asphaltenes 
precipitation near the wellbore (Dusseault, Geilikman et al. 1995). 

The application of CHOPS results in the creation of high permeability channels often 
named “wormholes”. Flow of oil to the well is thought to be dominated by linear flow 
through high permeability channels.  Sand production creates a network of high 



 

Low Carbon Futures – March 31, 2007 92 

permeability channels where permeability is higher by three to five times the undisturbed 
matrix permeability.  These channels may extend far from the producing well and in 
some cases may establish communication with adjacent wells. 

Seismic work on cold production wells at Burnt Lake support the suggestion that 
networks of high permeability channels are formed. The aerial extent in the zone of 
density change ruled out the formation of a big cavity surrounding the wellbore.  In 
addition, dye tests showed that communication occurs readily in a matter of hours 
between wells.  This indicated that the dye had flowed through high permeability 
channels of limited size within the sand matrix (Yeung 1995). 

Rock compaction is thought to be of secondary importance but might play a larger role 
toward the end of primary production once the solution gas drive approaches 
exhaustion.  Water influx from nearby aquifers generally does not provide significant 
pressure supports because of the highly unfavourable oil to water mobility ratio which is 
in the order of several hundreds.  Water would tend to finger from the aquifer toward 
producing wells resulting in a high water cuts rather than providing a uniform interface 
for oil displacement.  Wells are typically located at structurally high locations in the 
formation to minimize water production (Loughead and Saltuklaroglu 1992).  

Whether using cold production or CHOPS, the reservoir eventually stops producing 
when daily oil production falls below an economic criterion. The cause for steadily falling 
oil production is generally the exhaustion and eventual depletion of the solution gas 
drive. At the end of economic production, the reservoir contains “dead oil” with no 
solution gas. This oil moves slowly toward the wellbore and therefore cannot be pumped 
to the surface at economic rates. The amount of dead oil in the reservoir after cessation 
of cold production or CHOPS is uncertain. There is a view that dead oil is only present in 
the zones of the reservoir from which the produced oil originated and that “live oil” is 
present in zones that were bypassed by the production process. In wormholed 
reservoirs, this could mean that dead oil would surround the high permeability channels 
in a cylindrical zone with a radius in the tens of meters. Another view is that gas is able 
to diffuse fast enough from bypassed zones to produced zones so that at the end of cold 
production or CHOPS the whole reservoir is left with oil that is below its original gas 
content and “more or less dead”. 

In-fill drilling has been tried but found to be generally unsuccessful in Lloydminster 
because after a certain level of production, the oil left in bypassed zones has been found 
to be mostly dead oil. 

Another frequent cause of cessation of primary production is excessive water influx. 
Aquifers with varying degrees of strengths may be present in the vicinity of a producing 
oil pool. Rapid oil production, particularly with vertical wells, may lead to water coning 
from an underlying aquifer. The use of careful production methods will delay the onset of 
water influx but is not sufficient to prevent it. Any water present near a producing oil 
reservoir will be drawn to fill the void left behind by the produced oil. Because water is 
more mobile than oil and because of permeability variations in the rock formation, water 
will not advance as a uniform front behind the oil but will show tendencies to finger 
through the oil zone and reach the lower pressure zone surrounding the wellbore. 
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After the cessation of CHOPS operations, the reservoir contains a network of high 
permeability channels (wormholes). The presence of high permeability zones where 
sand has been produced means that infill drilling becomes difficult because of lost mud 
circulation during drilling.  These high permeability zones are not inherently stable 
because injecting steam or solvent in wormholed reservoirs results in the collapse of the 
high permeability channels. 

Another consequence of sand production during primary production is alteration of the 
geomechanical characteristics of the sand formation.  CHOPS would result in a reservoir 
with a compressibility of up to about two orders of magnitude greater than original 
reservoir conditions.  This would not allow injection of fluids such as steam at pressures 
low enough to avoid fracturing.  High compressibility and high susceptibility to fracturing 
would likely impair a follow-up process that would rely on injected fluids to displace oil in 
a drive configuration (Loughead and Saltuklaroglu 1992). 

4.3.3. Water Floods 
Reservoirs that are not subject to sand influx are often good candidates for water 
flooding to enhance recovery, unless aquifers are present in the vicinity. In the 
Lloydminster area, there are currently, on the Alberta side, 39 large water floods 
targeting 235 million m3 of oil in place, representing approximately 11% of heavy oil 
resources. On the Saskatchewan side, 37 large water flood projects are currently active, 
targeting 409 million m3 of oil in place volume, or approximately 15 to 20% of the heavy 
oil resources. The success of water floods is variable, but can reach a total of 26% of 
recovery in the best cases. The Lloydminster area is the only area of the world where 
water floods are effective for heavy oil and the Saskatchewan Research Council has 
undertaken an extensive parametric analysis to uncover the factors affecting successful 
recovery. 

Water flooding is not applicable to reservoirs susceptible to significant sand influx and 
where CHOPS has been applied. The high permeability channels are obvious conduit for 
early water breakthrough which would negate the value of a water flood project. In 
addition, for a significant number of such reservoirs, the cessation of CHOPS operations 
was caused by the eventual occurrence of aggressive water influx from a nearby aquifer. 
It is likely that CHOPS resulted in the formation of wormholes that grew until some of 
them reached a water zone, leading to substantial water influx into the producing 
reservoir. Produced water levels become too high to economic. The source of the water 
is often believed to originate from the top of the formation. 

4.3.4. Polymer Floods 
Polymer floods are a variation on water floods where polymer is added to the water. The 
purpose is to increase water viscosity, thereby decreasing the oil to water viscosity ratio.  
This enhances the sweep efficiency of the water flood.   

With conventional light oil, the relative permeability of the oil phase does not change 
significantly during water flooding.  However, the relative permeability of water is 
significantly decreased because the adsorbed polymer molecule enhances water 
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wettability.  It is also concluded that polymer flooding does not significantly decrease the 
final residual oil because the change in viscosity ratio due to use of polymer is not great.   

The situation is different with heavy oil.  In heavy oil reservoirs, the oil water viscosity 
ratio is usually extremely high, in the order of over 200.  Increasing water viscosity 
therefore has a significant impact on the ratio.  The use of polymers is also thought to 
have a significant impact at the front edge of the polymer slug.  As a result, oil becomes 
relatively more active and its relative permeability is increased. The combined impact of 
increased relative oil permeability and improved viscosity ratio results in significantly 
enhanced oil recovery during laboratory experiments, reaching as high as a 30% 
improvement (Lu 2005). 

4.3.5. Enhanced Recovery 
Enhanced oil recovery processes generally involve the injection of fluids that will 
eventually fill the pore volume left by the produced oil and allow the production drive to 
be maintained. Examples of such fluids are water, steam, gas, CO2 and solvents. In 
water floods, injected water provided both pressure-maintenance and void replacement 
effects. Injected steam delivers heat to soften heavy oil and bitumen and may be used to 
apply pressure in a displacement drive, but also it takes up the volume vacated by 
produced oil. CO2 and solvents reduce oil viscosity, may be used to apply pressure in a 
displacement drive, but also swell oil and, in the case of CO2, also swell water. 

Currently, tertiary recovery processes are not extensively applied to Lloydminster 
reservoirs but efforts are being expended toward research, development and piloting.   

A steam process such as Cyclic Steam Stimulation (CSS) or Steam Assisted Gravity 
Drainage (SAGD) could be considered. However steam processes are likely to be 
limited to the thicker reservoirs for reasons of energy efficiency. Most of Lloydminster 
reservoirs are thin (2 to 10 m) and too much heat would be lost to the over and under 
burden. In addition, the fact that most Lloydminster reservoirs are thin implies that 
gravity drainage will be of limited value because of a short oil column. 

The Lloydminster thick channel sand reservoirs are the thicker Lloydminster reservoirs 
with thicknesses of up to 30 m. They could be candidates for steam stimulation.  The 
basic SAGD design requires at least 10 m to deploy the well pair (5m above formation 
bottom and 5 m between the two wells).  The Lloydminster thick channel sands are 
candidates for CSS and SAGD in a way that is analogous to their application in Cold 
Lake and Athabasca. 

4.3.6. Cyclic Steam Stimulation 
Husky has operated a very successful thermal project at Pikes Peak since 1981. It 
started with Cyclic Steam Stimulation (CSS) and was eventually converted to a steam 
drive after 3 cycles (Sheppard, Wong et al. 1998; Scheidt 1999).   

The producing formation at Pikes Peak is the Waseca sandstone formation in the 
Mannville group.  It is found at a depth of 500 m and has an average thickness of 15 m 
with sections reaching 30 m.  Oil gravity is 12° API and viscosity is 25,000 centipoises at 
the reservoir temperature of 18°C. The solution gas ratio (GOR) is 15.  Porosity ranges 
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from 32% to 40% and permeability from 1 to 10 Darcies.  Initial oil saturation was 80 to 
90%.  Isolated gas caps are present and bottom water exists in some area of the 
reservoir. 

The thermal project was initiated using CSS.  After an average of three cycles, the 
recovery factors ranged from 25% to 35% and communication was established between 
wells.  The steam to oil ratio (SOR) was between 1.3 and 2.6 per cycle.  The calculated 
volumetric sweep efficiency was as high as 79%.  The high reservoir quality permitted 
good steam injectivity in the thick pay zone.  This minimized wellbore heat losses 
resulting in a favourable SOR.  The dominant recovery mechanisms are believed to be 
1000 fold thermal reduction in oil viscosity, a solution gas drive effect, compression and 
expansion of formation fluid and gravity drainage.   

After 3 cycles CSS became uneconomic and the thermal project was converted to a 
steam drive process using a 3 hectare inverted 7 spot pattern. Recovery from the mature 
drive area is expected to exceed 60%.  The cumulative steam to oil ratio ranged from 3 
to 5.  The dominant mechanisms for the steam drive at Pikes Peak are interpreted to be 
steam drag and gravity drainage (Sheppard, Wong et al. 1998). 

CSS is generally expected to recover 20 to 30% of the initial volume in place (Butler and 
Yee 2002).  Recovery is generally limited by aerial and vertical conformance because of 
the tendency of steam to finger or channel through the reservoir.  Steam distribution in 
the reservoir is controlled by the formation’s permeability to water.  Eventually, channels 
develop in the reservoir, which are relatively hot and swept of bitumen.  Steam 
preferentially flows through these channels and distributes heat in areas which have 
already been swept. Recovery is also limited by displacement efficiency which is 
impaired by the cyclic nature of the process: zones that were swept of bitumen during 
earlier cycles are re-saturated and re-swept during subsequent cycles. (Boone, Gallant 
et al. 1993). Eventually, water saturation increases in the zones that are repeatedly 
swept, water cut increases and production becomes uneconomic 

Cyclic steam stimulation can be operated as a single well process but also as a multiple 
well process.  In the single well case, as the number of steam cycles increases, water 
cut increases and the steam to oil ratio also increases.  Eventually, steam channelling 
occurs among wells and the economics of recovery become marginal.  In order to 
improve recovery, operators can switch to multiple well operations where steam is 
injected in several wells at the same time to avoid inter-well steam channelling, to extend 
the heating area and to increase reservoir pressure (Boone, Gallant et al. 1993).  Many 
patterns are possible such as synchronizing whole sections of the oilfield, alternating 
rows and many other patterns.  Injecting steam in various patterns may also succeed in 
displacing oil into different directions, accessing new volumes in the reservoir and 
improving sweep efficiency.  Numerical studies and field piloting conducted by Petro 
China concluded that multiple well CSS could improve oil recovery by 5 to 7% (Shuhong, 
Yitang et al. 2005). 

The use of horizontal wells for cyclic steam stimulation was investigated by CNPC for 
the Le'an oilfield in the Shengli province. (Jiexian, Yuanqin et al. 1995). The target was a 
heavy oil sand reservoir buried at depths between 800 and 960 m and with an interval 
thickness between 6 and 14 m. For cyclic steam stimulation using horizontal wells 
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numerical simulations indicated that, for a horizontal well at this depth, the length of the 
horizontal section should not exceed 400 m because beyond this length, steam would be 
totally condensed to hot water.  The heating efficiency of hot water is much less than 
that of steam and the rate of oil recovery would be significantly diminished. Suitable 
horizontal lengths should be between 200 and 400 m.  Even when using short horizontal 
wells, there will be increasing levels of steam condensation as steam travels from the 
heel to the toe.  As a result, oil recovery is expected to be less in the toe area as 
compared to the heel area.  One method to obtain a more uniform rate of recovery along 
the full length of the horizontal well is to first perforate the toe area and later in the life of 
the well perforate the heel area. The operating conditions recommended by CNPC for a 
1,400 m long well with a horizontal section 200 to 400 m long were: 

 Steam quality at the wellhead of at least 70%; 
 Steam injection rate of approximately 20 tonnes per hour; 
 Steam injection quantity between 4,000 and 8,000 tonnes per cycle; 
 Soak time between 6 and 7 days; and, 
 Production of over 200 m3 of fluids per cycle. 

4.3.7. Steam Assisted Gravity Drainage 
PanCanadian, now EnCana, piloted SAGD at Senlac and used the experience at its 
other, larger scale SAGD projects in Athabasca (Boyle 1999). 

In the basic form of SAGD, steam is continuously injected into a horizontal well located 
parallel to and closely above a horizontal production well near the base of the formation.  
Steam rises because of buoyancy and delivers heat by convection to cold zones of the 
reservoir above the well pair. The viscosity of the bitumen is reduced as its temperature 
increases and it flows to the bottom of the formation by gravity where it is produced.  
Because SAGD gradually heats the whole reservoir volume above the well pair, 
conformance and sweep efficiency are excellent and the process is able to achieve high 
rates of recovery, claimed to be in excess of 50%.  However, because its design relies 
on gravity and the height of the oil column above the well pair, the application of SAGD 
is limited to thick reservoirs with a thickness of at least 20 to 30 m. This limits the 
suitability of SAGD in Lloydminster to only a small number of reservoirs. 

At shallow depth, low steam pressure must be used to avoid fracturing. Artificial lift 
becomes a requirement. The success of SAGD in Athabasca relied in part on the 
development of robust electrical submersible pumps which are now available for 
operations at temperatures up to 200°C and with the power to lift 1,500 m³ per day of 
heavy oil while still achieving run times of more than 800 days (Belani 2006). 

4.3.8. Solvent Processes 
Solvent processes such as miscible gas floods and VAPEX rely in part on the ability of 
the solvent to dissolve into the heavy oil and reduce its viscosity.   

The VAPEX design utilizes a well pair in a way that is analogous to SAGD.  Propane 
rather than steam rises into the reservoir as a result of buoyancy.  Propane dissolves 
into the bitumen and reduces its viscosity.  Bitumen flows down by gravity to the 
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horizontal producer at the bottom of the formation.  Some of the propane remains in the 
reservoir and fills the pore volume vacated by the produced oil.  Mixtures of propane and 
non-condensable gas may be used to reduce cost.  

The challenge with the VAPEX process is that it is a very slow process because the 
limiting step is molecular diffusion of the solvent into the bitumen which is much slower 
than heat convection by steam (Butler and Yee 2002).  In addition, VAPEX relies on 
gravity and is only applicable to thick reservoirs.  A concept that may be applicable to 
thin reservoirs such as those found in the Lloydminster area is to laterally space the 
injector from the producer.  The lateral spacing increases the interfacial area for oil and 
solvent gas contact.  However, this concept is only possible for heavy oils that have a 
minimum degree of mobility which is the case in the Lloydminster area.  Production of 
the already mobile heavy oil draws the oil and gas interface in a way that is analogous to 
gas coning. The extent of this interface is controlled by ratio of production to injection in 
a way that avoids the production of gas.  Because the heavy oil is already mobile this 
concept relies less on gravity and is therefore applicable to thinner reservoirs. The role 
of the solvent is to reduce oil viscosity and increase its mobility, but also to fill the void 
left by the produced oil, thereby extending the production drive. 

Currently, the JIVES project in Saskatchewan is exploring the development of a solvent 
based process using a single horizontal well. This approach differs from the well pair 
design of the VAPEX process because Lloydminster reservoirs are generally too thin for 
a well pair. A solvent process injects a solvent, generally propane into the reservoir. The 
solvent dissolves into the heavy oil, swelling it and reducing its viscosity. As a result, oil 
saturation increases, the oil becomes more mobile and the flow of fluids toward the 
wellbore is facilitated. However, a basic solvent process does not necessarily provide a 
pressure drive that pushes fluids toward the producing well. In the classic VAPEX 
process, the force of gravity provides the driving force. 

4.3.9. In Situ Combustion 
Air injection and in-situ combustion are tertiary processes that may have merit in 
Lloydminster. The THAI process is currently being piloted in the Athabasca oil sands. If 
the process is found successful, there may be some useful applications in Lloydminster. 

4.4. Toward an Enhanced Recovery Process for Conventional 
Heavy Oil 

The following sections of this report will explore scenarios for novel tertiary recovery 
technologies that could be applicable to Lloydminster reservoirs. Time will not be spent 
on developing scenarios based on CSS, propane solvent injection and air injection 
because these processes are already being developed or piloted by other parties. The 
focus of this report is on the identification of novel technologies that could become the 
object of future research, development and piloting. 

In Alberta and Saskatchewan, CO2 EOR and acid gas EOR (CO2 and H2S) are being 
piloted and, in some cases, commercially applied to conventional light oil. In most cases, 
these projects are built on the local availability of low cost CO2 or acid gas. The notable 
exception, and the largest commercial CO2 EOR project, is located in Saskatchewan 
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where 5,000 tonnes of CO2 per day are purchased from a coal gasification plant in North 
Dakota and delivered via a 320 km pipeline. CO2 is then injected into the conventional oil 
carbonate formations in Weyburn and Midale. CO2 injection is alternated with water 
injection in a drive configuration from injection wells to producing wells. Alternating water 
and CO2 gas (WAG) has been found to improve sweep efficiency and the rate of 
recovery. 

While there are some very important differences between Weyburn/Midale and 
Lloydminster, some of the relevant lessons learned could be of value if transferred to 
Lloydminster reservoirs. Therefore, the use of CO2 as a stimulant for tertiary recovery 
will form the basis of most recovery technology scenarios that will be proposed for 
Lloydminster in the following sections. 

There are good reasons to focus on CO2. It offers solvent properties that, while not as 
strong as propane, have measurable effects. CO2 can also be less expensive than 
propane and, in some cases, is locally available. CO2 availability opens the possibility of 
using it at pressures and quantities large enough to create a pressure drive, as it is the 
case for Weyburn/Midale.  

In Lloydminster, CO2 could be injected and distributed via the high permeability zones to 
re-pressure the reservoir. The CO2 would also swell the oil and reduce its viscosity. 
Various drive and well configurations could be explored in order to develop recovery 
scenarios. 

A variation on the use of CO2 is flue gas injection. Flue gas depleted of oxygen contains 
approximately 10% CO2 and 90% nitrogen. Based on work done at the Saskatchewan 
Research Council, enriched flue gas (25% CO2 and 75% nitrogen) may offer a desirable 
balance of properties for an EOR process. CO2 provides solvent related benefits while 
nitrogen provides pressure maintenance and possibly gas blocking effects that may 
enhance sweep efficiency (Zhang, Sayegh et al. 2006). 

In the Lloydminster area, CO2 is also available locally from several streams associated 
with the Lloydminster upgrader site, such as several upgrader production units and the 
ethanol plant. 

An EOR recovery process based on CO2 or enriched flue gas may provide an additional 
6% recovery. In Lloydminster, cold production without sand currently yields 5 to 7 % 
recovery and CHOPS recovers up to 12%. On average, an additional 5% recovery is 
available in fields suitable for water flooding which excludes reservoirs produced with 
CHOPS. Therefore, the prize is substantial for an EOR recovery process based on CO2: 
increasing total recovery from the current 5 to 12% by an additional 6%. 

4.5. Overview of CO2 Enhanced Oil Recovery for Light Oil 
CO2 Enhanced Oil Recovery (EOR) in North America is the only EOR process other than 
hydrocarbon gas floods that has consistently increased EOR production of conventional 
oil since 1986.  According to the 1998 Oil and Gas Journal CO2 survey, more than one 
half of the current U.S. gas EOR production and 1/5 of total U. S. EOR production 
comes from CO2 flood projects. According to the 2006 worldwide EOR survey, the 
number of miscible CO2 EOR projects has increased.  In 2006, the list contained 80 
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ongoing projects compared to 70 projects in 2004.  Oil recovered from these projects 
has also increased to 234,000 barrels per day in 2006 from 206,000 barrels per day in 
2004 (Anonymous 2006). 

Currently, CO2 EOR projects are being conducted in at least three other countries 
worldwide: Turkey, Trinidad and Canada. Many more new and old fields throughout the 
world have the potential for CO2 floods that could recover significant incremental oil. 

4.5.1. CO2 EOR Schemes 
There are five basic CO2 injection process designs with various combinations of 
continuous, alternating and chase fluid injection schemes.  The chase fluid is the fluid 
injected into the reservoir immediately following or, in other words, chasing an injected 
CO2 volume (Jarrel, Fox et al. 2002). 

 Continuous CO2 Injection: In a continuous CO2 injection scheme, CO2 is injected 
continuously into reservoir.  No other fluids are injected.  This scheme is generally 
applied to gravity drainage reservoirs or to non water floodable reservoirs immediately 
after primary production.  

 Continuous CO2 Chased with Water: This scheme is similar to continuous CO2 
injection except that water is injected to chase the single volume of injected CO2.  The 
water displaces the mobile miscible CO2 oil bank toward the producing well.  This 
scheme is typically used in reservoirs with low heterogeneity where velocities in the 
different reservoir layers are similar.  A homogeneous reservoir minimizes the 
probability of premature gas breakthrough and retains more of the injected CO2. 

 Conventional Water Alternating Gas (WAG): In this scheme, equal volumes of CO2 
and water are alternatively injected into the reservoir in cycles.  This injection design is 
effective in stratified heterogeneous reservoirs because it reduces CO2 mobility in high 
velocity layers by reducing the fraction of injected CO2 that enters those layers.  In 
other words, this design improves aerial and vertical sweep efficiencies in stratified 
heterogeneous reservoirs. 

 Tapered Water Alternating Gas: This scheme is a variation of the WAG process where 
CO2 and water are injected alternatively but in unequal amounts.  The amount of 
injected water gradually increases with each new cycle.  The advantage of this 
scheme is to reduce the amount of CO2 required by reducing the relative amount of 
CO2 injected to the minimum necessary.  Because CO2 is usually the largest cost for a 
CO2 EOR project, this strategy is used to improve the economics of the project. 

 WAG with Chase Gas: In this scheme, after a conventional WAG scheme, a less 
expensive gas is injected after the total CO2 amount has been injected.  The purpose 
is to maintain miscible placement of the trailing edge of the CO2 volume while not 
consuming additional CO2 but using for that purpose a less expensive gas. 

4.5.2. Technical Requirements 
Technical considerations are important in determining the feasibility of a CO2 flood.  The 
three most important factors are: 
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 Oil properties such as viscosity, mobility, remaining oil saturation, reservoir 
heterogeneity and wettability; 

 The ability to sustain the minimum miscibility pressure (MMP) in the reservoir which 
depends on reservoir pressure, reservoir fracture pressure, injectivity and oil 
properties; and, 

 The ability of CO2 to contact a large portion of the reservoir; in other words, aerial 
and vertical sweep efficiencies which depend on factors such as reservoir 
heterogeneity, permeability, mobility ratio, geometry and placement of injection and 
production wells, and CO2 injection strategy. 

4.5.3. Miscibility 
The properties of CO2 change with temperature and pressure, as shown on Figure 16. At 
high pressure, beyond the critical point, CO2 becomes a supercritical fluid.  In this state, 
CO2 has a density close to that of a liquid but a viscosity close to that of a gas.  Under 
miscible conditions, the density of supercritical CO2 used in EOR applications is typically 
between 0.7 and 0.8 g/cm3, which is not much less than the density of light oil.  
However, the viscosity of CO2 under miscible conditions is between 0.05 and 0.08 
centipoises (cp) which is significantly less than water (0.7 cp) or light oil at reservoir 
conditions (1.0 to 3.0 cp).  This relatively low viscosity of CO2 is detrimental to sweep 
efficiency.  Despite that fact, CO2 EOR remains a useful; strategy for enhancing oil 
recovery in suitable reservoirs. 

 

Figure 16 - CO2 Density and Viscosity vs. Pressure 

 
Temperature: 10°C 

Adapted from (Jarrel, Fox et al. 2002) 
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The process by which CO2 is dissolved in oil is different than the dissolution process for 
two pure substances such as water and methanol.  Oil is not a pure substance but a 
complex mixture of hydrocarbons of varying molecular weights and chemical 
compositions.  As a result, the process for dissolution of CO2 into oil is a gradual one 
and is represented schematically on Figure 17.  First CO2 condenses into the oil, 
swelling the oil and making it lighter.  Often the incorporation of CO2 into oil forces the 
expulsion of solution gas such as methane from the oil.  Other light components of the 
oil are also driven off and they condense into the CO2 rich phase making it denser and 
more like oil.  This process of mass transfer between the CO2 phase and the oil phase 
continues until the two resulting mixtures become similar to each other in term of fluid 
properties.  At that point there is no interface between the CO2 phase and the oil phase 
and they behave as one phase. CO2 has two initial effects on oil: swelling the oil and 
reducing its viscosity.  Swelling will increase oil saturation of the reservoir pore space 
because of the increased volume occupied by the oil phase. Oil saturation will increase 
from the level reached after water flooding, before CO2 injection.  Subsequent 
displacement by water during the WAG process will then reduce oil saturation back to 
the initial level by scrubbing, mobilizing and recovering additional oil.  Oil swelling 
combined with viscosity reduction allow CO2 injection to recover additional oil beyond 
what is possible through a water flood alone. 

 

Figure 17 - CO2 Dissolution into Oil 

 
Adapted from (Jarrel, Fox et al. 2002) 
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must be above the MMP.  Otherwise the flood will be immiscible. The percent of 
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specific and is significantly influenced by the API gravity of the oil and reservoir 
temperature.  Heavier oil requires substantially higher pressures to become miscible.  
The miscibility of CO2 in oil decreases with temperature and higher reservoir 
temperatures also require higher pressures for miscibility to be reached. 

Under MMP conditions, light oil and CO2 can become a single phase with a lower 
viscosity than the original oil and occupying more pore space. Both factors facilitate 
recovery. MMP conditions are generally not reached for heavy oils and bitumen because 
the pressure required would be very high and likely to exceed reservoir fracture 
pressure. Below the MMP, CO2 and heavy oil will form separate phases. However, some 
of the CO2 will dissolve in the heavy oil, cause some volume expansion and reduce oil 
viscosity. For medium-heavy crude typical of the Lloydminster area (14° to 25 API) CO2 
has the potential to reduce oil viscosity by a factor 4 to10 times. For very heavy 10 API 
oils, with original viscosities greater than 10,000 cp, at pressures above 14 MPa, CO2 
may be able to reduce heavy oil viscosity by a factor of up to 100 times. The larger 
relative effect of CO2 on heavier oils is due in part to the extremely high original 
viscosity.  

 

Figure 18 - Recovery vs. CO2 Pressure 
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4.5.4. Immiscible CO2 EOR 
Miscible CO2 floods are usually carried out in conventional oil reservoirs that are more 
than 800 m deep in order to be able to reach the minimum miscibility pressure. 
Generally, oil density must be better than 30° API for miscibility conditions to be reached 
at reservoir conditions. For heavy oil, MMP are generally higher than reservoir fracture 
pressure and only immiscible CO2 EOR processes are possible. 

Under immiscible conditions, CO2 is typically able to increase the volume of oil by 10 to 
20% and reduce its viscosity by a factor of 10.  CO2 may also contribute a solution gas 
drive effect and a reduction of interfacial tension.  In addition, in carbonate formations, 
CO2 may affect the carbonate bicarbonate equilibrium in formation waters which may 
result in a possible increase in pore volume and permeability.  Due to the high mobility of 
CO2, distribution of CO2 into the reservoir and the delay of gas breakthrough are 
challenges.  A denser fracture network allows for increased contact between gas and oil. 

Immiscible CO2 can improve oil recovery by: 
 Reduction of heavy oil  viscosity;  
 Swelling of oil and increasing oil phase saturation in the pore space; and, 
 A solution gas drive effect. 

Generally immiscible CO2 EOR involves the alternating injection of CO2 and water.  
Water injection follows gas injection in order to improve the mobility ratio and the sweep 
efficiency.  In effect, the role of CO2 is to swell the oil and reduce its viscosity.  The role 
of water is equivalent to its role in a water flood which is to displace the oil towards the 
producing well. 

Several immiscible CO2 EOR projects have been implemented in the U.S. in the last 30 
years. While immiscible CO2 EOR of heavy oil is not as efficient as miscible CO2 EOR of 
light oil, it remains attractive because of the fact that heavy oil reservoirs have high oil 
saturation at the onset of the EOR process.  While primary and secondary recovery may 
recover 30 to 40% of conventional light oil, recovery factors are much lower for heavy oil. 
Therefore, the starting oil saturation at the beginning of the EOR process is generally 
higher for heavy oil. 

Immiscible CO2 EOR was extensively studied by the US Department of Energy and pilot 
testing was conducted in the Wilmington Field, one of the major oilfields that make up 
the Los Angeles Basin.  Oil gravity is 14° API with a viscosity of approximately 200 
centipoises. 

Laboratory work and computer simulations concluded that the injection of CO2 or of CO2 
and nitrogen mixtures (flue gas) essentially stripped methane from the oil and formed a 
methane bank ahead of the injected gas.  As a result, during pilot testing methane gas 
first broke through ahead of CO2 gas.  For both pure CO2 and flue gas, the CO2 content 
in heavy oil approached a limiting value in the vicinity of the injection well.  For flue gas a 
limiting value was about 38 mole percent CO2 in the oil phase while it was 46 mole 
percent for pure CO2. . Viscosity was reduced from 200 centipoises originally to 51 
centipoises with flue gas and 36 centipoises with pure CO2 respectively (Miller and 
Jones 1981; Spivak and Chima 1984). 
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The production pilot was conducted between 1981 and 1985 after 30% of the oil in place 
had been recovered by 20 years of cold production and water flooding.  Oil saturation at 
the beginning of the pilot had been reduced to 51% of the pore volume.  The pilot was a 
partial five spot pattern.  CO2 was injected to alter the flow properties of crude oil in the 
reservoirs (viscosity reduction and swelling). Alternating water injection provided the 
driving force to mobilize and displace oil towards the producing well.  Water also 
reduced excessive gas channelling and improved sweep efficiency.   

Pure CO2 was used.  Methane and CO2 produced by the pilot were separated and CO2 
was compressed and re-injected. 

The pilot involved 4 months of CO2 injection during which only minor amounts of gas 
broke through.  A large amount of methane gas was also produced.  Methane content 
was about 30% in the first few months and thereafter declined to about 5%.  Oil 
production was increased.  Starting from a level of 4.5 m³ per day, production steadily 
increased to a peak rate of 32 m³ per day.  Thereafter oil production rate assumed an 
exponential decline of 22% per year.  At the end of the pilot 25,000 m³ of additional oil 
had been produced.  Water production fell dramatically from an initial high of about 191 
m³ per day to only slightly over 64 m³ per day.  The ultimate CO2 efficiency extrapolated 
to between 1,100 and 1,780 m3 CO2 per m3 of oil produced. 

There were no failures of equipment because of corrosion.  No problems were 
encountered with asphaltenes precipitation (Saner and Patton 1986; Sankur, Creek et al. 
1986; Spivak, Garrison et al. 1990) 

4.5.5. CO2 Purity 
In general, miscible CO2 flooding requires high purity (>95%) CO2.  Other gases such as 
methane and nitrogen can significantly increase the minimum pressure required to 
achieve miscibility with oil.  On the other hand, hydrogen sulphide gas and light 
hydrocarbons (such as ethane, propane and butane, but except methane) will have the 
opposite effect, reducing the MMP and the energy required to compress CO2.   

Immiscible CO2 floods are less efficient and result in lower recoveries than miscible 
floods. However, immiscible CO2 floods do not depend as much on high quality CO2 
because MMP does not need to be reached. Immiscible CO2 EOR gravity drainage 
schemes can be successful with CO2 even when the percentage of CO2 is rather low in 
the injected gas.  The ability of immiscible CO2 projects to utilize low purity CO2, and 
possibly enriched flue gas, reduces their cost and may make them economically 
attractive despite the fact that they offer lower oil recovery rates. 

Water content must be avoided because of the potential for injection line corrosion. 

4.5.6. Reservoir Heterogeneity 
Oil reservoirs are not homogeneous structures.  Small-scale reservoir heterogeneities 
mix and distribute CO2 along high permeability channels. CO2 travels along high 
permeability channels in the reservoir and bypasses or contacts to a limited extent low 
permeability zones. This lowers the ability of the CO2 phase to contact all of the zones in 
the reservoir, particularly the lower permeability zones.  The oil in these low permeability 
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zones has less opportunity to be swelled and to become mobile from the presence of 
CO2. Reservoir heterogeneity will negatively impact CO2 EOR.  One method to mitigate 
the effect of reservoir heterogeneity is to alternate CO2 injection with water injection.  
The presence of water will slow down CO2 and reduce its ability to just distribute faster in 
a high mobility layers. 

The solubility of CO2 in water increases with pressure but is reduced with temperature.  
The presence of salinity in formation water also reduces the solubility of CO2. 

Viscous fingering is not believed to be a significant problem in miscible CO2 floods.  
Viscous fingering tends to occur in perfectly homogeneous situation which are not typical 
of actual reservoirs where the possibility of channelling of injected CO2 through a high 
permeability layer is far more important than viscous fingering. 

In the WAG process, CO2 and water are injected alternatively to improve aerial and 
vertical sweep efficiencies.  Because water is more viscous and less mobile than CO2 it 
slows the flow of CO2 in a high permeability layers and helps achieve a more efficient 
use of the CO2.  Water is typically 10 times more viscous than CO2 at reservoir 
conditions 

In a tilted reservoir, gravity can be used to help CO2 performance and may eliminate the 
need for injecting water to control mobility.  In this situation, CO2 is injected continuously 
at the top of the formation just below the gas/oil contact.  Oil is produced from a well 
located at the bottom of the formation just above the water/oil contact.  CO2 is injected at 
rates low enough to allow gravity to stabilize that CO2/oil interface.  CO2 segregate itself 
between oil below it is and the gas cap on top.  Gravity drainage and CO2 pressure drive 
oil production from the top to the bottom of the formation. 

4.5.7. Oil Wet vs. Water Wet 
Before oil migrates into a reservoir trap, the porous rock in the reservoir contains only 
water.  As oil migrates into the reservoir over time, the rock is either wetted by the oil or 
it remains wetted by water.  In oil wet reservoirs, the oil displaces water in the larger 
pores and attaches itself to rock surfaces. The smaller pores remained filled with 
connate water because the capillary pressure is too high for oil to enter into these small 
pores.  When an oil wet reservoir is water flooded, the water flows easily through the 
larger pores and gradually strips off the oil that is attached to the pore walls.   

In a water wet formation, the rock remains preferentially attracted to water and the level 
of connate water is higher.  During oil migration into the reservoir, oil enters the larger 
pores but it does not attach itself to rock surfaces.  The oil is present as globules inside 
the pores. When the reservoir is produced, oil globules small enough to pass through 
pore throats flow toward the producing well. After water flooding a water wet reservoir, 
residual oil is present in the form of globules that are too large to squeeze through the 
small throats of the large pores.  As a result, water wet reservoirs have lower water 
permeability than oil wet reservoirs and higher injection pressures may be required.  
Water wet reservoirs also exhibit lower oil recovery when subjected to alternating CO2 
and water injection. When water and CO2 are injected, the CO2 rich phase may not have 
sufficient capillary pressure to enter all the pores and oil in the smaller pores might not 
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be contacted by CO2 and could remained trapped. 

4.6. CO2 Enhanced Oil Recovery for Lloydminster 
The unconsolidated sand which is the reservoir rock in Lloydminster appears to be an 
excellent medium for water floods and possibly for CO2 WAG EOR. 

In theory, based on laboratory data, water floods should be of limited value for heavy oil. 
Yet, some are very successful in the Lloydminster area. Viscous fingering is less of a 
problem and sweep efficiency is better in practice than predicted by laboratory data. 
Laboratory experiments are conducted under accelerated conditions and may not 
accurately represent the relative permeabilities experienced inside the reservoir. Heavy 
oil is not a Newtonian fluid and its viscosity is dependent on the rate of shear. In other 
words, viscosity is dependent on the speed of flow. On the other hand, water is a 
Newtonian fluid. Its viscosity is independent of the flow rate. As a result, measurements 
conducted at different flow rates will yield different viscosity ratios for oil and water.  

In practice, reservoir heterogeneity plays an important role in accounting for the 
difference between laboratory and reservoir conditions. In general, core flood and 
physical model experiments represent a maximum of EOR recovery achievable because 
they are conducted under small scale conditions. In the field, while some of the reservoir 
volume is contacted by CO2 under conditions similar to laboratory conditions, other 
reservoir volumes are contacted by less CO2 and some of the reservoir is completely 
bypassed by the CO2 plumes. In CO2 EOR, sweep efficiency is a critical factor that is 
reservoir dependent.  

This notion implies that significant value may be gained from better reservoir 
characterization through seismic and tracer studies. These methods will allow mapping 
the network of high permeability channels present in the reservoir which in turn will 
permit more precise placement of original and infill wells in order to maximize sweep 
efficiency and the volume of heavy oil that is contacted by CO2 and eventually produced. 
Significant progress has been made in using seismic techniques to better understand 
steam fronts in Lloydminster (Watson, Lines et al. 2002; Lines, Zou et al. 2005). These 
techniques may be adaptable to other Lloydminster situations. 
The field success of water floods in Lloydminster could indicate that CO2 WAG EOR 
could also perform better in Lloydminster reservoir conditions that in laboratory 
conditions. Immiscible CO2 WAG EOR involves the alternating injection of CO2 and 
water.  The role of CO2 is to swell the oil and reduce its viscosity.  The role of water is 
equivalent to its role in a water flood which is to displace the oil towards the producing 
well. 

The solubility of CO2 in oil and heavy oil is dependent on temperature and pressure. 
Generally CO2 EOR does not involve thermal stimulation and the EOR process is 
conducted isothermally at reservoir temperature. Pressure is, therefore, the only variable 
that can be adjusted to enhance CO2 EOR efficiency. CO2 solubility and its uptake into 
heavy oil increase with increasing pressure. However, this relationship is limited by 
boundary conditions that are reservoir specific. Pressure should not exceed reservoir 
fracture pressure.  The amount and distribution of higher permeability channels are also 
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important considerations because they would allow CO2 to be dispersed quickly in the 
reservoir but may also cause certain sections of the reservoir to be bypassed. 
Wormholes may also cause gas breakthrough to a producing well. Increasing pressure 
will increase the likelihood and speed of CO2 breakthrough. Therefore, in CO2 EOR, 
pressure must be balanced between increasing solubility and avoiding/delaying 
breakthrough. Improved reservoir characterization data would allow an operator to 
determine the ability to pressurize a specific reservoir while avoiding/delaying 
breakthrough. 

Another important factor needing research is caprock integrity. Lloydminster reservoirs 
are relatively shallow and poor caprock integrity may result in CO2 loss to the 
overburden and, eventually into the atmosphere. 

Experiments conducted that the Saskatchewan Research Council indicate that enriched 
flue gas may be more effective than pure CO2 as part of an immiscible CO2 EOR 
process in Lloydminster reservoirs.  The presence of nitrogen does not have a 
detrimental effect on recovery performance.  While pure CO2 results in greater swelling 
and viscosity reduction than flue gas, recovery factors for flue gas are higher.  Therefore 
swelling and viscosity reduction may not be the only contributing effects.  One 
hypothesis that has been proposed is that the build-up of free gas saturation resulting 
from the presence of nitrogen may reduce the relative permeability to water and 
therefore improve the mobility ratio.  More work is required to better understand the 
recovery mechanisms at play when using CO2 or flue gas in Lloydminster sand 
reservoirs (Zhang, Sayegh et al. 2006) 

4.7. Recovery Technology Scenarios  
Scenarios for the conventional heavy oil resources vary greatly depending on the 
reservoir environment and the current state of the reservoir after primary depletion 
and/or water flooding.  Others have been working on solvent and basic water flood 
processes for these various types of reservoirs and it is not intended to report on those 
confidential processes in this report.  The recovery process features, not known to be 
covered by demonstration projects elsewhere in Canadian heavy oil, show some 
promise of extending commercial heavy oil production beyond cold production.  New 
features, which may contribute to lowering GHG intensities, are: 

 Mitigation of Methane Venting – The largest GHG emissions from conventional 
heavy oil sources are methane emissions from wellhead vents.  Alberta has just put 
into effect a new regulation (Directive 60 came into effect in October , 2006) which 
requires all producers to determine the economics of vent or flare reduction, and 
reduce those emissions if there are positive, or even slightly negative, economics.  In 
Saskatchewan there is no similar regulation. However, it is assumed that both 
provinces will be focusing on methane vent reductions.  Concepts which extend 
production or move production into well groupings or “pads” will facilitate collection of 
the produced methane. 

 Water Flood Based Processes – Some heavy oil formations are already produced 
with water floods, and many formations naturally contain or develop water production 
as the reservoir is produced so water is a natural medium for enhanced recovery.  
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Water can also serve as a means of sequestering CO2 used in EOR even if the oil 
reservoir is not suitable for sequestration of supercritical CO2, due to shallow depths. 

 CO2 Immiscible Recovery – In the Weyburn-Midale miscible CO2 project, the 
injected CO2 is at high pressure and will become miscible in light oil, resulting in 
significantly enhanced recovery performance.  In heavy oil reservoirs, the pressures 
will be lower because of shallower depths and the heavy oil will not absorb the CO2 
as easily.  The reservoir itself will not be suitable for long-term sequestration due 
again to the shallow depths and low allowable reservoir pressures. 

 SuperSump – This concept represents a very new concept in heavy oil production 
and was judged to be a system, which might result in the largest gains in energy 
efficiency, reduced GHG emissions and ultimate oil recovery.  It also deserves 
attention as it has potential in a number of other applications in the oil and gas 
industry, where a large number of individual, low-rate wells are required. 

 Adding Energy to Encourage Mixing – Heavy oil does not mix easily with injected 
materials.  Flow rates in the reservoir are low. Fluids are likely highly segregated 
when a less viscous fluid comes into contact with the heavy oil.  Adding energy, 
through higher velocity gas flow, pressure pulsing and even modest heating can 
greatly impact the ability of the heavy oil to mix with injectants which might be utilized 
for enhanced oil recovery. 

4.7.1. Scenario 1: Immiscible CO2 Injection with Active Bottom Water 
Scenario Description - CO2 gas will migrate to the top of the formation where it will 
displace the oil toward the middle of the formation where the producing well is located.  
At the bottom of the formation, the active aquifer provides pressure support. In effect, the 
oil is sandwiched between gas pressure on the top and water pressure at the bottom. 
 

Figure 19 – Scenario 1: Immiscible CO2 Injection with 
Active Bottom Water 
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Well Configuration – This application would use existing wells, with wells selected for 
injection or production based on their location, and an assessment of the reservoir after 
primary and secondary water flood production.  Production tubulars might be replaced 
with fibreglass or other options to minimize corrosion. 

Start-up and Operation - Precise control will be required to optimize CO2 injection while 
minimizing gas “breakthrough” to the producing wells.  4-D seismic might be used to 
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monitor CO2 and/or gas movement in the reservoir.  Ideally the injection point should be 
flexible as changing the injection patterns and rates will improve sweep efficiency.  
Portable CO2 or flue gas injection systems might be used. 

Energy, Carbon and Fresh Water Intensities – Additional energy inputs would be 
required to capture, transport and inject CO2, however, these may be less than for light 
oil EOR schemes as injection pressures will be lower.  In Weyburn-Midale, 170 m3 (6 
MCF) of CO2 is used per additional barrel recovered. In Lloydminster, it is estimated that 
5% of that amount would be used and stored due to the immiscible nature of the process 
and due to the possible use of flue gas. 

Resource Recovery - For medium-heavy crude typical of the Lloydminster area (14° to 
25  API) CO2 has the potential to reduce oil viscosity by a factor 4 to10 times. For very 
heavy 10  API oils, with original viscosities greater than 10,000 cp, at pressures above 
14 MPa, CO2 may be able to reduce heavy oil viscosity by a factor of up to 100 times. 
The larger relative effect of CO2 on heavier oils is due in part to the extremely high 
original viscosity.  CO2 EOR has the potential to increase recovery by an additional 5 to 
10% (15 to 20% additional recovery in core flood experiments at SRC). 

Possible Variations: 

 Other Gases - While other non compressible gases, such as methane and nitrogen, 
could be used, CO2 offers the benefit of a solvent effect. CO2 can dissolve into the oil 
which increases the volume of the oil phase and reduces its viscosity. CO2 is four 
times more soluble in oil than methane, which, in turn, is 4 times more soluble that 
nitrogen.  

 Enriched Flue Gas - An interesting option is enriched flue gas, (15 to 50% CO2 and 
50 to 85% nitrogen). The CO2 provides a solvent effect while the nitrogen, being non-
condensing and non-soluble provides a free gas and pressure maintenance effect for 
displacing oil and blocking water influx.  The oil reservoir could be used to create 
enriched flue gas, to avoid or reduce the need for a membrane separation unit. 
Produced gases would be vented at production pressure. This vent gas will be lean 
in CO2 because CO2 would have dissolved in the oil. At a second separation step, 
the oil would be flashed to atmospheric pressure, thereby releasing a more 
concentrated CO2 stream, which would be recycled to enrich the inflowing flue gas.  
CO2 and flue gas are also likely to be less costly than solvents such as propane.  
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Figure 20 – Flue Gas Enrichment 
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 Solvent Addition - CO2 or enriched flue gas can be augmented with solvent. 
Solvents require lower pressures than CO2 to achieve a solvent effect and therefore 
offer energy savings. The flue gas acts as a carrier gas for the solvent.  One goal in 
formulating a gas mixture is to achieve a dew point at reservoir conditions.  

 Post-Production Storage - In reservoirs with active bottom water, it might be 
possible to store additional CO2 in the aquifer after the end of the EOR period.  

4.7.2. Scenario 2: Immiscible CO2 Injection for Thin Areal Sands 
Scenario Description – Immiscible CO2 is injected as a bank into a thin areal sand and 
pushed towards the oil producing wells with a chase bank of water. 
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Well Configuration – The existing wells are used with the key to success being a 
flexible operation where any well could be a water or gas injector, or an oil producer.  
With thin deposits it will not be economic to install permanent single purpose facilities.  A 
single set of steel lines could be used for oil production and water injection or a parallel 
set of low pressure, ploughed in high-density polyethylene lines might be used for water 
distribution.  Portable CO2 or flue gas injection systems would be used to minimize 
capital costs at gas injector wells. 

 

Figure 21 – Scenario 2: Immiscible CO2 Injection for Thin 
Areal Sands 

 
 

Start-up and Operation – These reservoirs are thin and cannot offer a gravity drive. 
The process has to provide a horizontal drive.  This scenario requires cooperation 
between operators across the field.  CO2 or flue gas injection could be started at one 
corner of a field.  4-D seismic could be used to track the progress of the gas to allow 
adjustment of injection volumes at each injector to alter the sweep front to maximize 
sweep efficiency.  With flexible facilities the patterns can be adapted to match what is 
happening in the reservoir and adjust to any heterogeneity. 

Energy, Carbon and Fresh Water Intensities – Energy intensities will increase over 
primary recovery operations as energy will be required for pumping water, as well as 
transporting and compressing the injected CO2 or flue gas.  However, if vent gas is 
available in the area, it would provide a low cost energy source, and its use for EOR 
would be more beneficial than expending large amounts of energy to treat the vent gas 
and compress it for sale.  The target reservoirs are too shallow and at pressures too low 



 

Low Carbon Futures – March 31, 2007 112 

to be considered for sequestration. Therefore, CO2 emissions may increase, even 
though total greenhouse gas emissions may be reduced because of the capture and use 
of vent gas.  The water used would be subsurface brine, which is readily available 
across the region. Re-injection of produced brine may lead to some CO2 sequestration 
into the disposal zones. 

Resource Recovery – Recovery will be highly dependent on the gravity of the heavy oil 
in the reservoir and the effectiveness of CO2 to swell the oil and reduce its viscosity.  It is 
assumed to result in at least a 5% increase in recovery in suitable reservoirs. 

Possible Variations: 

 WAG may be used to improve sweep efficiency. 

 Hot flue gases may be injected into thermally completed wells, which may help to 
enhance performance. 

4.7.3. Scenario 3: CHOPS with SuperSump 
Scenario Description – C-FER Technologies Inc., of Edmonton Alberta, has developed 
a concept they have dubbed “SuperSump”, which was assessed in a separate report 
available from C-FER Technologies (Wagg and Fang 2007). 

 

Figure 22 – Current CHOPS Operations 
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Source: (Wagg and Fang 2007) 
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Figure 23 – CHOPS Operations with SuperSump 
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Well Configuration – Rather than single producing wells, a set of “drain wells” are 
drilled down to a cavern created by washing salt in an underlying salt formation.  Sand 
separates in the cavern allowing water and oil to be produced, leaving the sand behind.  
Only the main cavern well requires a pumping system and the other wells can have a 
minimal surface footprint. 

Start-up and Operation – A small initial cavern is generated that will grow as produced 
water washes out more of the lower part of the initial cavern.  Production is similar to 
existing CHOPS production except that oil, water and sand flow down to a lower salt 
cavern.  The lower operating costs associated with the SuperSump concept, due to 
reduced trucking, ability to pipeline produced fluids and reduction in surface equipment 
appear to lead to rapid payout.  There cannot be active water zones that could invade 
the sump. 
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Figure 24 – Prairie Evaporites Underlying Heavy Oil and 
Bitumen 

 
 

Energy, Carbon and Fresh Water Intensities – CHOPS is currently one of the least 
energy intensive oil production operations. This scenario improves on CHOPS with 
fewer pumped wells and facilities and there will be considerable efficiencies in producing 
and handling the produced fluids.  In particular, the large numbers of trucks currently 
utilized to move produced oil, water and sand to central separation facilities would be 
eliminated, with significant reductions in engine emissions and particulates from road 
dust.  Reduced fuel use will reduce overall GHG emissions, and pad wells would 
facilitate collection of methane vents from the drain wells.  Produced water would all be 
saline and would be disposed of to a saline formation. 

Resource Recovery – Eliminating trucking and multi-well pumping and treating systems 
would greatly reduce operating costs over current CHOPS operations.  C-FER has 
estimated at least a 50% reduction using producer information for a potential target field.  
Lower operating costs would allow wells to produce longer and therefore produce more 



 

Low Carbon Futures – March 31, 2007 115 

oil before requiring additional enhancement with a follow-up EOR process. 

Possible Variations: 

 Cavern could be equipped with a downhole oil water separation system so that water 
could be sent directly to disposal into an intermediate depth water zone without 
coming to surface. 

 Water from downhole separation could be used for water flooding other formations. 

4.7.4. Scenario 4: SuperSump and Immiscible CO2 Injection 
Scenario Description – With a SuperSump already in place for primary, enhanced 
CHOPS production, the Super Sump could also be used for later follow-up EOR 
methods such as immiscible CO2.  Injection could be continuous at low rates through the 
drain wells from surface or in a “huff-puff” mode utilizing the central cavern for injection 
and production. 

Well Configuration – On a field-wide basis there would be a number of “pads” or 
groupings of wells draining into a common SuperSump.  Wells would be set-up to allow 
transfer of gases between the pad locations. 

 

Figure 25 – Scenario 4: SuperSump and Immiscible CO2 
Injection 

SuperSump Version

Drain Wells Huffing

Drain Wells Puffing
Source of Gas for Injection

SuperSump Version

Drain Wells Huffing

Drain Wells Puffing
Source of Gas for Injection

 
 

Start-up and Operation – The drain well groups could be operated similar to single 
wells through a “huff-puff” CO2 injection process.  The caverns and associated drain 
wells are alternately pressured up with CO2, or enriched flue gas, and then blow down to 
the salt caverns.  As with Cyclic Steam Stimulation, this will not only provide CO2 to swell 
and reduce the viscosity of the heavy oil as CO2 goes into solution, but will also provide 



 

Low Carbon Futures – March 31, 2007 116 

some flow drive energy to move the oil to the drain wells and to the salt cavern.  Gas 
being produced from one cavern well could be sent by pipeline as feed for another set of 
drain wells.  CO2 would loosen or re-energize the dead oil surrounding the wormhole and 
unlock the virgin oil present at some distance from the wormhole. 

Energy, Carbon and Fresh Water Intensities – Pressurizing the formations is more 
energy intensive than simple drainage, but would still be more efficient than thermal 
processes.  Some CO2 injected would also likely be absorbed by any produced water 
and sent to disposal and sequestration, especially if the separation is done downhole 
under some pressure.  Fresh water zones would be unaffected, normally but could be 
monitored for CO2 content during operations. 

Resource Recovery – Many CHOPS wells stop producing due to a loss in energy as 
solution gas in the oil is depleted.  Injecting CO2 or flue gas would allow the contacted 
heavy oil to be re-energized and allow it to flow to the drain wells.  Increased recovery of 
at least 5% is likely. 

Possible Variations: 

 A mixture of 15 to 50% CO2 with nitrogen may work best for immiscible CO2 heavy 
oil EOR based on work done by SRC and others. This mixture can be by enriched 
flue gas: a separation process is used to remove approximately half of the nitrogen 
present in flue gas and a catalytic converter is used to convert residual oxygen to 
CO2. The maximum O2 concentration for safe flue gas injection is estimated at 0.5%.  

 CO2 or enriched flue gas can be augmented with solvent if the wormholes are 
strengthened by a chemical treatment. Solvents require less pressure than CO2 to 
achieve a solvent effect and therefore offer energy savings.  

 The gas mixture containing CO2 is injected into a post-CHOPS formation using an 
existing well.  CO2 is distributed through the formation primarily via the high 
permeability zones network. CO2 does not collapse high permeability zones as 
quickly as steam or solvent because it is below the minimum miscibility pressure and 
it is a poorer solvent than propane. It could also be possible to stabilize and 
strengthen to wormholes with chemical treatments that bind the grains of sand, 
maintain permeability, but avoid structural collapse.  

 If sufficient and appropriate communication is established with nearby producing 
wells, a CO2 flood strategy could be adopted. However, this is unlikely because the 
wormholes will provide channels for the CO2 or gas to early breakthrough between 
wells.  Volumes of injected CO2 followed by volumes of water, according to a Water 
Gas Alternating (WAG) scheme may slow down CO2 mobility and maximize CO2 
productivity. 

 Produced CO2 and solvent can be re-circulated from the sump. Some solvent may 
be lost with the produced oil. Some CO2 will be stored permanently in the formation 
and in the salt cavern at the end of production.  

 Additives could be researched to increase the viscosity of liquid CO2 in order to 
reduce fingering and improve sweep efficiency (analogous to polymers in water 
floods).  
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4.7.5. Scenario 5: SuperSump, CO2 Injection and Pressure Pulse 
Scenario Description – It is believed that sending pulses of various wavelengths into a 
heavy oil reservoir assists with mixing of injectants and in overcoming resistance to flow 
from the reservoir.  It may also lead to some breakdown of previously stable wormholes 
allowing more sand to move to drain wells. 

Well Configuration – Same as for Scenario 4. 

Start-up and Operation – Similar to other SuperSump scenarios except pressure pulse 
technology (Wavefront, Powerwave) is used to enhance the progression of CO2 and 
water volumes inside the reservoir. 

Energy, Carbon and Fresh Water Intensities – Potentially a slight increase in energy 
input and GHG emissions from a power source, however, may lower energy and GHG 
intensities if it improves the utilization of injected gases, solvents or water. 

Resource Recovery – Pressure pulse technology improves the sweep efficiency of the 
injected fluids and reduces their channelling into the high permeability zones 
(wormholes). 

Possible Variations: 

 Near well and reservoir scale pulsing could be utilized in various combinations. 

4.8. Research and Development Directions 
While conventional heavy oil wells have been under production since the 1950’s, and 
innovations such as CHOPS and progressing cavity pumps have allowed production 
rates to increase dramatically, the industry’s understanding of the recovery processes is 
still very incomplete.  Some areas for potential development are: 

 Low-cost Reservoir Monitoring - Permanent sparse arrays are being installed in 
Weyburn-Midale and could be a tool for reservoir surveillance.  Cross-well seismic 
with well spacing of 400 m could provide a resolution down to 10 cm. 

 Reservoir Fluid Characterization Post-CHOPS - The GOR of heavy oil left behind 
after cold production should be measured to determine if this oil still contains gas.  
Also need to study behaviour of post-CHOPS reservoir fluids in comparison to initial 
production.  A major barrier is to develop standardized methods of fluid 
characterization for heavy oils. 

 Reservoir Characterization Data Gathering – There is a serious lack of reservoir 
characterization data for Lloydminster.  Most studies quote the same data.  SAGD 
projects in Athabasca have done more reservoir characterization work in less time 
than what has been done in Lloydminster.  For example, there are few tracer studies 
and no data on sand production. Different operators use different vent gas 
measurement methods and data cannot be compared. 

 Begin Field Testing of Basic SuperSump Concepts – Basic design principles of 
the novel concept proposed by C-FER could be tested starting with simple two well 
systems. 
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 Improve Understanding of Heavy Oil Water Flooding – Success being 
experienced in heavy oil water flooding, defies common reservoir theory, but must be 
better understood to allow further improvements and enhancements with other 
injectants. 

 Demonstration of Low Cost, Portable CO2 and Flue Gas Delivery Systems – 
Capital cost estimation and optimization, for more flexible and portable production 
and injection facilities to match the dispersed character of the deposits. 

 Core Flood Studies - Additional core floods to more precisely understand the 
potential for additional recovery from different gas mixtures, including compositional 
analysis of produced gases and liquids. 

 Interactive Models - Reservoir modelling based on core flood data for various 
reservoir types and situations and comparison to improved quality of field 
measurement and feedback.  The information feedback mechanism that allows an 
industry to learn appears to be weak for Lloydminster heavy oil.  
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5. Scenario Modeling 

5.1. Model Objectives and Use 
In conventional oil production, the concept of applying more than one recovery 
technology, one after the other, to a reservoir is well established.  Conventional oil is 
generally first produced using primary production techniques.  When primary production 
declines and become less economic, producers investigate the opportunity to water 
flood the reservoir as a secondary recovery technology.  Finally, tertiary methods may 
be applied when water floods yield diminishing returns.  Heavy oil and oil sands have a 
shorter history and generally reservoirs have only been subject to only one recovery 
technology.  In the case of oil sands, primary and secondary recovery technologies, as 
defined for conventional oil, are not applicable because bitumen is not mobile at 
reservoir conditions.  Therefore, oil sands developments generally start with a thermal 
recovery technology which would be considered a tertiary method or enhanced recovery 
method for conventional oil.  However, as the development of heavy oil and oil sands 
matures, the concept of applying more than one recovery technology in a specific order 
is likely to also be applied to heavy oil and bitumen reservoirs.  In particular, in the 
Lloydminster area, researchers and producers have already been investigating for 
several years the concept of follow-up recovery technologies once primary production is 
no longer economic. 

The purpose of the PTAC recovery technology computer model is to assist the strategic 
development of R&D for future recovery technologies.  Reservoir models already exist 
but their purpose is the identification and calculation of the engineering parameters for a 
specific reservoir and recovery technology combination.  By contrast, the PTAC recovery 
technology model focuses on the strategic issues that should guide future R&D such as: 

 To maximize total resource recovery;  
 To reduce overall energy intensity; 
 To reduce greenhouse gas emissions intensity; 
 To reduce water intensity; and, 
 To reduce overall operating costs. 

The model introduces the very important concept that future recovery technologies may 
not all be designed for virgin reservoirs because, in the next decades, the Western 
Canada Sedimentary Basin will host a very large number of reservoirs partially depleted 
by existing commercial technologies such as cold production, CHOPS, CSS and SAGD 
which all leave behind a significant quantity of heavy oil and bitumen. 

The value of developing a computer model is to automate and facilitate the process of 
applying recovery technologies one after the other in the same reservoir.  Based on data 
input for each recovery technology, the model is able to calculate the performance of the 
recovery technology and the status of the reservoir after the application of each recovery 
technology and after the application in sequence of up to three recovery technologies.  
In particular, the model will calculate resource recovery, energy intensity, greenhouse 
gas emissions intensity, water intensity and unit operating costs as a function of the 
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selected sequence of recovery technologies.  This is a unique capability that will allow 
R&D developers to understand the trade-offs between recovery, energy, greenhouse 
gases, water and costs that are implied in the choice of any recovery technology. 

5.2. Input Parameters 
As part of this project, the PTAC recovery technology model was developed for bitumen 
in carbonate formations and Lloydminster conventional heavy oil reservoirs.  Recovery 
technologies that are already commercial for these reservoirs were written into the 
model as available choices.  In addition, the recovery technologies and options 
discussed earlier in this report were also incorporated in the model.  Finally, in order 
broaden the applicability of the model, the capability was added to allow the user to 
specify up to three new user defined recovery technologies.  The ability of the model to 
accept user defined recovery technologies is a strength that will allow the model to 
continue to be used by researchers and developers as new technologies are conceived, 
developed and refined by laboratory and field experiments. 

This project did more than consider recovery technologies at a high level.  It recognized 
that for several recovery technologies, major options exist for their implementation.  In 
particular, the scenarios analyzed earlier in the report identified the following major 
options: 

 Choices for steam generation technology; 
 Choices for fuel source; and, 
 Choices for water source. 

In keeping with this analysis, the model was developed to allow these choices.  In 
addition, the model allows choices for the source of electricity used to power the 
recovery technology.  The model also allows the user to define a new fuel, a new water 
source, a new electricity source and a new reservoir.  Therefore, the model allows 
significant flexibility to the user to analyze future scenarios that may come about from 
the development of new technologies which would broaden choices for fuel, water and 
power. 

In order to use the basic features of the model, the user makes choices for recovery 
technology, steam generator, make-up water source, fuel, and electricity source by 
making selections from lists available in the relevant pull down menus.  The entry screen 
is reproduced in Figure 26.   

Advanced users may decide to specify up to three user defined processes and one each 
of user defined fuel, user defined water, user defined electricity and user defined 
reservoir.  The relevant entry screens are reproduced in Figures 27, 28, and 29.  All 
inputs and outputs of the model are based on metric units. 

The major assumptions for the existing commercial recovery technologies that were 
written into the model are shown in Appendix 1. 
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Figure 26 - Selection of Model 
Options 

Option Name Option Selection 

Reservoir <Reservoir Selection> 

First Process <First Process Selection> 

Steam Generator 
<First Steam Generator Selection> 

Make Up Water 
Source <First Make Up Water Selection> 

Fuel <First Fuel Selection> 

Electricity Source 
<First Electricity Selection> 

Second Process <Second Process Selection> 

Steam Generator <Second Steam Generator 
Selection> 

Make Up Water 
Source 

<Second Make Up Water 
Selection> 

Fuel <Second Fuel Selection> 

Electricity Source <Second Electricity Selection> 

Third Process <Third Process Selection> 

Steam Generator <Third Steam Generator Selection> 

Make Up Water 
Source <Third Make Up Water Selection> 

Fuel <Third Fuel Selection> 

Electricity Source <Third Electricity Selection> 

 
  
 

  

 

Clear Form  
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Figure 27 – User Defined Process Entry Screen 
User Defined Process 1 

Parameter Units Value Source 
Recovery Factor %    
Uses Steam and Fuel Yes or No    

Uses Make Up Water Yes or No    

Cumulative SOR at End of 
Process 

m3 steam (CWE) per 
m3 of bitumen 

produced  

   

Energy Requirement for 
Steam Production 

m3 natural gas per 
m3 of steam 

   

Steam Energy Required GJ per m3 oil/bitumen 
produced 

   

Natural Gas Used on Lease 
(Except for Steam) 

GJ per m3 oil/bitumen 
produced 

   

Electrical Energy Required GJ per m3 oil/bitumen 
produced 

   

Energy Required for Trucks GJ per m3 oil/bitumen 
produced 

   

Make Up Water 
Requirement 

% of injected water 
volume 

   

Make Up Water 
Requirement 

m3 water per m3 
oil/bitumen produced 

   

Methane Venting m3 methane per m3 
oil/bitumen produced 
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Figure 28 – Entry Screens for User Defined Fuel and Water 
User Defined Fuel 

Parameter Units Value Source 

Energy Content per Volume  GJ/m3    

Density kg/m3    

Water Content in 
Combustion Gases 

kg H2O per kg fuel    

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel    

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel    

Cost CA$ per GJ    

User Defined Water 
Parameter Units Value Source 

Creates Demand on Fresh 
Water Supply 

Yes or No  Yes = 1; No = 0 

Cost CA$ per m3    
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Figure 29 – Entry Screens for User Defined Electricity and Reservoir 
User Defined Electricity 

Parameter Units Value Source 

CO2 Emissions kg CO2 per MWh    

Cost CA$ per kWh     

User Defined Reservoir 

Parameter Units Value Source 

Average Depth m    

Average Porosity %    

Average Pressure MPa    

Average Temperature °C    

Average Oil Saturation % pore volume     



 

Low Carbon Futures – March 31, 2007 125 

5.3. Spreadsheet Calculations 
The model automatically makes all necessary unit conversions and calculates the 
following: 

 Oil recovery from the process and remaining oil saturation in the reservoir;  

 Energy required by the process for the following types of energy, where relevant:  
o Fuel for steam production;  
o Natural gas used on lease; 
o Electrical energy; 
o Energy required for trucks; and, 
o Total energy intensity per volume of oil recovered; 

 Water required by the process including requirements for steam production, water 
floods and water injection in Water Alternating Gas (WAG) processes; the model 
calculates net water intensity defined as the requirement for make up water net of 
recycling per volume of oil recovered; 

 Greenhouse gas produced by the process including, where applicable, methane vent 
gas, CO2 from fuel combustion to produce steam, CO2 from usage of electricity and 
CO2 from trucks; the model calculates total GHG intensity per volume of oil 
recovered;  

 Overall operating costs including costs for fuel, electricity, trucks, water and CO2 
emissions; the model calculates overall costs per volume of oil recovered; and, 

 The model performs all of the above calculations for each of up to three recovery 
processes in series and presents results for each of the process and for the total 
sequence of all three processes. 

5.4. Output Results 
As discussed above, the outputs of the model are the strategic considerations that 
should broadly guide the development of new recovery technologies: 

 Resource recovery; 
 Energy intensity; 
 Water intensity; 
 GHG intensity; and,  
 Overall costs. 

The model screen that presents high-level outputs is reproduced in Figure 30.  The 
balance of output screens are presented in Appendix 1. 
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Figure 30 - Presentation of GHG and Recovery Summary 
Results 

Parameter Units Values 

Reservoir   Lloydminster 
First Process     
Process Name   Cold Production 

without Sand 
Recovery % OOIP 5% 
Cumulative Recovery % OOIP 5% 
Total Energy Intensity GJ per m3 of oil/bitumen produced  0.79 
Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  Not applicable 
Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  134 
Total Cost CA$ per m3 of oil/bitumen produced $7.51 
Second Process     
Process Name   Water Flood 
Recovery % OOIP 6% 
Cumulative Recovery % OOIP 11% 
Total Energy Intensity GJ per m3 of oil/bitumen produced  0.87 
Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  1.00 
Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  134 
Total Cost CA$ per m3 of oil/bitumen produced $11.85 
Third Process     
Process Name   Immiscible CO2 EOR 
Recovery % OOIP 6% 
Cumulative Recovery % OOIP 17% 
Total Energy Intensity GJ per m3 of oil/bitumen produced  1.31 
Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  0.00 
Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  65 
Total Cost CA$ per m3 of oil/bitumen produced $10.14 
Total after Three 
Processes 

    

Cumulative Recovery % OOIP 17% 
Total Energy Intensity GJ per m3 of oil/bitumen produced  1.00 
Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  0.35 
Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  110 
Total Cost CA$ per m3 of oil/bitumen produced $9.97 
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5.5. Initial Output Results for Grosmont Scenarios 
As discussed earlier in this report, recovery technology scenarios were developed for the 
bitumen in Grosmont carbonate formation.  The PTAC recovery technology computer 
model was used to analyze and quantify the impact of the technology scenarios. The 
scenarios described earlier in the report were only concerned with the application of the 
first recovery technology to the Grosmont formation.  In order to demonstrate the 
capability of the model, in situ combustion was added as a second recovery technology. 
Electricity was sourced from a co-generation source for all scenarios. Results are 
summarized in Table 11. 

The first scenario represents a base case of applying CSS to the Grosmont formation 
because this recovery technology was applied with some success during past 
technology demonstration pilots.  The major options associated with Scenario 1 are the 
use of a conventional Once Through Steam Generator (OTSG) with natural gas as the 
fuel and fresh surface or ground water as the water source.  After the application of the 
first recovery technology, this scenario results in the following outputs per m3 of 
produced bitumen:  

 Energy intensity of 9.21GJ,  
 Water intensity of 0.8m3,  
 GHG intensity of 438 kg CO2; and, 
 A total cost of $76.19.  

With the application of in situ combustion as the second process, all values are 
improved.  However, it must be remembered that while on paper in situ combustion is a 
very efficient process, it has yet to be commercially demonstrated in oil sands 
applications. 

The second scenario is built on the first one but substitutes a Direct Contact Steam 
Generator (DCSG).  The benefits associated with the use of the DCSG in the first 
process are: 

 An improved energy intensity because the heat content of combustion gases is 
applied to the reservoir; 

 An improved fresh water intensity because water present in combustion gases is 
injected into the reservoir and displaces a portion of the required fresh water makeup; 

 An improved GHG intensity resulting from the improved energy efficiency and from a 
small CO2 sequestration benefit arising from some of the CO2 in combustion gases 
dissolving in formation waters; and, 

 A reduced total operating costs resulting from reduced fuel purchases caused by the 
improved energy efficiency. 

The third scenario built on the second and substitutes bitumen as the fuel.  The impact 
of using bitumen as the fuel is as follows: 

 The energy intensity is unchanged; 
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 Fresh water intensity is slightly worse because burning bitumen results in less water 
in combustion gases than burning natural gas; as a result water in combustion gases 
backs out less fresh water makeup; 

 GHG intensity is worse because bitumen results in 55% more CO2 emissions per unit 
of energy than natural gas; and, 

 A reduced operating costs due to the lower cost of bitumen. 

The fourth and final scenario used water from a deep saline aquifer instead of fresh 
water.  This is made possible by the use of a DCSG.  The following observations can be 
made: 

 Energy intensity and GHG intensity are unchanged; 
 Fresh water intensity is reduced to zero because the saline aquifer provides water 
makeup; 

 Cost is slightly reduced because saline water would cost less than freshwater. 

The use of the computer model to analyze the scenarios provides an excellent 
illustration that different choices for recovery technology lead to different outcomes.  
Scenario 2 is the scenario with the lowest GHG intensity while scenario 4 has the lowest 
fresh water intensity and the lowest cost. 
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Table 11 – Modelling Results for Grosmont Scenarios 
 Scenario 1 Scenario 2 Scenario 3 Scenario 4 
 CSS with 

OTSG, 
Natural 
Gas and 
Fresh 
Water 

Total After 
In Situ 
Combustion 

CSS with 
DCSG, 
Natural 
Gas and 
Fresh 
Water 

Total After 
In Situ 
Combustion 

CSS with 
DCSG, 
Bitumen 
and Fresh 
Water 

Total After 
In Situ 
Combustion 

CSS with 
DCSG, 
Bitumen 
and 
Saline 
Aquifer 

Total After 
In Situ 
Combustion 

Recovery (%) 30% 86% 30% 86% 30% 86% 30% 86% 

Energy Intensity 
(GJ per m3 of 
oil/bitumen 
produced) 

9.21 5.73 7.44 5.12 7.44 5.12 7.44 5.12 

Fresh Water 
Intensity (m3 water  
per m3 of 
oil/bitumen 
produced) 

0.80 0.28 0.44 0.15 0.59 0.21 0.00 0.00 

GHG Intensity (kg 
CO2 per m3 of 
oil/bitumen 
produced) 

438 213 346 181 534 247 534 247 

Total Operating 
Costs (CA$ per m3 
of oil/bitumen 
produced) 

$76.19 $49.84 $61.33 $44.65 $42.59 $38.11 $40.72 $37.46 
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5.6. Initial Output Results for Conventional Heavy Oil 
Scenarios 

Compared to the Grosmont formation, the scenarios prepared for the Lloydminster area 
are somewhat more complex due to the greater variety of recovery technologies that 
may be applicable.  This is due in part to the longer history of developments in the area. 
The computer model was used to analyze and quantify the scenarios described earlier in 
this report.  Electricity was sourced from the Alberta grid for all scenarios. Results are 
presented in Table 12. 

The first scenario is applicable to Lloydminster reservoirs that are not amenable to sand 
production.  The first process is cold production without sand.  For some of these 
reservoirs, water floods are possible and this was modeled as the second process.  The 
first and second processes under this scenario are typical of some of the situations 
encountered today in the Lloydminster area.  The third process is immiscible CO2 EOR 
applied in the presence of an active aquifer that provides pressure support underneath 
the pay zone.  Observations from the first scenario are as follows: 

 Recovery is of similar magnitude for cold production, water floods and CO2 EOR; 

 For all three processes, the principal source of energy is natural gas on lease; 
electrical power is used to pump water; CO2 EOR uses more energy because of the 
need for compression of CO2; 

 Only water floods require makeup water; CO2 EOR also requires water but the 
process is able to satisfy its needs with produced water; 

 Cold production and water floods exhibit a higher GHG intensity that CO2 EOR 
because of associated methane venting; 

 Costs are higher for the water flood process because of the costs associated with 
water acquisition and pumping. 

The second scenario is not directly comparable to the first one because it is relevant to 
Lloydminster reservoirs that are amenable to sand production.  The first production 
process is CHOPS which is followed by immiscible CO2 EOR.  In this scenario, there is 
no third process.  Analysis of the second scenario leads to the following points: 

 CHOPS has the highest energy intensity, GHG intensity and costs of the processes 
considered under the initial two scenarios; the principal reason is the energy, GHG 
and costs associated with trucking; 

 When comparing the final outcome of Scenario 1 to Scenario 2, comparable 
recoveries can be obtained from reservoirs with no sand production as compared to 
those that allow sand production; however, GHG intensity and costs are higher when 
sand is produced because of the need to use trucks; a factor not captured in the 
model is the rate of production which is significantly higher with CHOPS and results in 
higher cash flows and greater return on investment. 
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The third scenario introduces the SuperSump process as an improvement to an existing 
CHOPS reservoir.  It can be observed that applying SuperSump results in a net 
improvement as compared to CHOPS with respect to recovery, energy intensity, GHG 
intensity and overall costs. 

The fourth scenario builds on the third one by adding immiscible CO2 EOR after the 
SuperSump process.  While the addition of CO2 EOR results in a slight increase in 
energy intensity, it results in improvements in recovery, GHG intensity and overall costs. 

Many additional scenarios could be designed for reservoirs in the Lloydminster area 
because of the variety of recovery processes that are applicable.  Application of the 
model to the scenarios developed in this project are a mere snapshot of what could be 
done by analyzing the numerous permutation of commercial recovery technologies, 
developmental technologies and processes that are currently at the conceptual stage. 
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Table 12 – Modelling Results for Lloydminster Scenarios 
 Scenario 1 Scenario 2 
 Cold 

Production 
without 
Sand 

Water 
Flood 

Immiscible 
CO2 EOR 

Overall 
after 3 
Processes 

CHOPS Immiscible 
CO2 EOR 

Overall 
after 2 
Processes 

Recovery (%) 5% 6% 6% 16% 12% 6% 17% 

Energy Intensity 
(GJ per m3 of 
oil/bitumen 
produced) 

0.79 0.87 1.31 1.06 1.39 1.31 1.42 

Fresh Water 
Intensity (m3 
water  per m3 of 
oil/bitumen 
produced) 

Not 
applicable 

1.00 0.00 0.37 Not 
applicable 

0.00 0.00 

GHG Intensity (kg 
CO2 per m3 of 
oil/bitumen 
produced) 

134 134 65 116 257 65 201 

Total Operating 
Costs (CA$ per 
m3 of oil/bitumen 
produced) 

$4.76 $9.10 $5.56 $6.96 $21.87 $5.56 $17.11 
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Table 12 – Modelling Results for Lloydminster Scenarios (Cont’d) 
 Scenario 3 Scenario 4 
 CHOPS SuperSump Overall 

after 2 
Processes 

CHOPS SuperSump Immiscible 
CO2 EOR 

Overall 
after 2 
Processes 

Recovery (%) 12% 2% 14% 12% 2% 6% 19% 

Energy Intensity 
(GJ per m3 of 
oil/bitumen 
produced) 

1.39 0.79 1.32 1.39 0.79 1.31 1.38 

Fresh Water 
Intensity (m3 
water  per m3 of 
oil/bitumen 
produced) 

Not 
applicable 

Not 
applicable 

0.00 Not 
applicable 

Not 
applicable 

0.00 0.00 

GHG Intensity (kg 
CO2 per m3 of 
oil/bitumen 
produced) 

257 134 244 257 134 65 198 

Total Operating 
Costs (CA$ per 
m3 of oil/bitumen 
produced) 

$21.87 $4.76 $19.76 $21.87 $4.76 $5.56 $16.12 
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5.7. On-going Model Adjustment and Enhancement 
The PTAC recovery technology model developed during the course of this project is fully 
operational and was used to analyze and quantify the scenarios outlined earlier in this 
report.  The capability for users to define new recovery technologies, fuels, water 
sources, electricity sources and reservoirs is a strength that should allow the model to 
find application in many different circumstances.  However, this model should only be 
considered as an initial effort that could benefit from future improvements. While the 
capability for user defined parameters allows the user to manually work around some of 
the current limitations of the model, the following points provide directions for future 
enhancements: 

 Pre-defined or user defined adjustments to the performance of recovery technologies 
depending on whether they are applied first, second or third in a specific reservoir.  
Generally, one would expect that performance would decline when a technology is 
applied in the later stages of development because beginning oil saturation is lower.  
However some technologies, for example in situ combustion, may benefit from 
reservoir permeability enhancements that can be brought upon by the prior 
application of other recovery technologies. 

 Additional recovery technologies such as surface mining, solvent processes and 
variations in SAGD, and additional reservoirs such as Athabasca oil sands could be 
written into the model. 

 Relationships between key reservoir parameters (such as thicknesses, initial oil 
saturation and porosity) and performance parameters of recovery technologies (such 
as percent recovery, SOR and water cut) could be quantified and inserted into the 
model.  This would significantly broaden the applicability of the model beyond generic 
reservoir categories and high-level definitions of recovery technologies.  Work with a 
reservoir model is likely to permit the establishment of general relationships between 
reservoir parameters and the performance parameters of recovery technologies. 

 Capital costs could be estimated and added to the model. 

 The provision of a facility in the model to conduct more than one sequence of 
recovery technologies simultaneously on a chosen reservoir in order to immediately 
compare the merits of different sequences in a tabular or graphical output. 
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6. Potential for Geothermal Energy in Support of 
Production 

6.1. Resource Characterization 

6.1.1. Geothermal Energy 
The heat energy contained in the upper 10 km of the earth's crust has been 
conservatively estimated to be 292 times greater that the energy contained all of the 
world’s fossil fuel resources combined (Geddes and Curlett 2005). Heat energy in the 
earth’s crust is a combination of the original heat resulting from the formation of the earth 
and heat generated from the decay of radioactive isotopes. 

The types of geothermal systems can be classified as follows (Jessop 1998): 

 Hot Dry Rock: Hot dry rock refers to solid rock at a very high temperature, generally 
deep in the earth crust, but without the water needed to transport geothermal energy 
to the surface.  Enhanced Geothermal Systems (EGS) are designed to inject water 
into hot dry rock to produce steam, therefore artificially creating a geothermal 
resource. These systems are under development in some areas of the world. 

 Dry Steam Resources: These reservoirs consist of steam contained under pressure 
in porous rock formations sealed by an impermeable caprock.  Steam generally 
overlies a hot water reservoir.  They are generally found within the upper 1000 m of 
the earth’s crust and have temperatures of around 235° C and the pressure of about 
3 MPa.  Wells drilled into a dry steam reservoir produce steam which is used to drive 
turbines for the generation of electrical power.  They are the most efficient 
geothermal resources but unfortunately they are relatively uncommon and found in 
zones of active volcanoes or recent tectonic disturbance. Dry steam reservoirs have 
not yet been found in Canada.   

 Hot Water Resources: Water in these reservoirs is generally above 180° C. When 
water at this temperature is produced to the surface, the pressure drop in the well 
during transportation to the surface allows part of the water to evaporate into steam. 
The produced fluid is a mixture of saturated steam and water that is used to produce 
electricity using a turbine.  Most reservoirs exploited to date are in the range of 180° 
C to 300° C. A hot water reservoir demonstration project existed in British Columbia. 

 Warm Water Resources:  Warm water reservoirs range from 50° C to approximately 
180° C.  The most extensive warm water reservoirs are located in large sedimentary 
Basin such as the Western Canada Sedimentary Basin (WCSB).  In sedimentary 
basins, water is contained in porous formations with thicknesses in the tens of 
meters and lateral extent in the hundreds of kilometres.  Warm water reservoirs can 
also be of volcanic origin and they are used extensively in Iceland for space heating. 

 Low Temperature Resources: At shallow depth, saline aquifers and fresh ground 
water between 10 and 50°C can be used by ground heat pumps for space heating 
and cooling.   
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6.1.2. Western Canada Sedimentary Basin 
Active volcanic centers are not present in the Western Canada Sedimentary Basin 
(WCSB) and tectonic activity is limited.  Therefore, the heat flow from the Earth's upper 
crust beneath the Basin is considered to be at steady or quasi steady-state.  The two 
main sources of heat in the WCSB are mantle heat flow and the heat generated 
internally by the decay of radioactive elements in the crust.  Two mechanisms are 
generally responsible for heat transfer and distribution in sedimentary basins: conduction 
and convection by moving fluids such as formation waters.  Research during the 1980s 
proposed that, in the WCSB, hydrogeological effects played the leading role in 
distribution of heat and resulting formation temperatures and geothermal gradients 
(Hitchon 1984).  However subsequent work in the early 1990s using a larger database 
concluded that the transport of heat in the WCSB is controlled almost entirely by 
conduction with local hydrogeological effects (Bachu 1993; Bachu 1999).   

The temperature of geological formations increases with depth.  In the WCSB, mapping 
of geothermal gradients shows a gradual increase from the southeast where is can be 
as low as 20° C/km to the northwest where values of 40° C/km are observed. 
Abnormally high geothermal gradients of 70 to 75° C/km are found around Lake 
Winnipeg and Great Slave Lake and are explained by hydrogeologically induced 
perturbations (Bachu 1993; Bachu 1999). 

The Geological Survey of Canada considers that the WCSB is the largest accessible 
warm water resource in the country.  Several of the geological formations are aquifers 
and have the porosity and permeability required for hosting and transporting substantial 
quantities of formation waters.   

For example, the Viking formation, depending on the area, may be mostly saturated with 
oil, gas or water.  The burial depth increases from east to west, from between ~1000 m 
to ~3000 m. As a result, the temperature of the fluids contained in the formation increase 
from east to west from ~ 33° C to ~99° C (Eaton 2006). 

The heat energy present in the WCSB was estimated to be 3 orders of magnitude larger 
that the energy contained in Canada’s conventional oil and gas reserves (Jessop 1998). 
Considering that only formation waters with temperatures greater than 60° C. are 
economically useful for geothermal systems and assuming a return temperature of 40° 
C., the heat energy contained in formation waters of the WCSB are estimated at 13 X 
1021 joules.  If only 1% of this energy could be recovered because of economic and 
practical limitations, the warm water energy resource of the WCSB would still be larger 
than the energy contained in Canadian conventional oil and gas reserves. 

6.1.3. Alberta Geothermal Resources 
Generally, when drilling oil and gas wells a maximum reading thermometer is attached to 
the logging tool to measure the temperature at the bottom of the hole.  Logging 
operations normally begin soon after cessation of drilling and raw BHT data are less 
than the real formation temperature because of the cooling effect of the drilling mud. 
Raw BHT data underestimate formation temperatures by approximately 10% and need 
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to be corrected based on circulation time and the time period between logging and 
cessation of drilling (Lam and Jones 1982). 

From 1981 to 1983 researchers from the University of Alberta investigated the province’s 
geothermal potential.  Well drilling logs of 28,260 oil and gas wells were examined, and 
from them 55,246 bottom hole temperatures (BHT) and corresponding depths values 
were extracted (Alberta Energy 1983).  The information was used to estimate water 
temperatures at increasing depths.  Geothermal gradients were calculated and mapped 
for all regions of Alberta except Wood Buffalo National Park.  Overall, geothermal 
gradients for Alberta were found to be similar to values found in other parts of the world, 
the world average being 26°C per kilometre of depth.  High gradient areas were 
determined in four general locations: the Hinton and Edson region, the Steen River area, 
Fort McMurray and an area in the northwest corner of the province.   

The WCSB is a wedge shaped basin that starts in eastern Saskatchewan and thickens 
toward the west. The WCSB reaches a maximum thickness of over 5 km near the 
Rockies which constitute its western boundary.  . Geological formations containing water 
are only found in the sedimentary column. Therefore, the maximum depth at which 
aquifers may exist in the WCSB increases from east to west. While a high geothermal 
gradient was identified in Fort McMurray, the geothermal potential is limited because the 
WCSB is relatively shallow in this area.  In fact, the best geothermal reservoirs in Alberta 
are toward the west where the sedimentary basin thickens and were identified as being 
deep carbonate formations of Mississippian and Upper Devonian periods buried 
between 2 and 3.5 km below the surface.  In these formations water temperature is 
expected to be above 70° C and perhaps as high as 150° C.   

For example, in the Hinton area, a large number of BHT were charted from low values 
such as 14°C at 200 m depth to high values of 150°C at a depth of 5.6 km.  The 
temperature gradient was estimated at to be 36°C per kilometre.  Porous Mississippian 
and Upper Devonian rocks were identified at depths greater than 3,000 m containing 
water at approximately 113° C (Jones, Lam et al. 1982). Energy production estimates 
calculated for 5 wells provided the following range of values: 

 Average production rate: from 1.2 m3/h to 14 m3/h 

 Average heat extraction rate: from 26 kW to 22 kW 

 Maximum production rate: from 70 m3/h to 5,268 m3/h 

 Maximum heat extraction rate: from 1.8 MW to 18.6 MW 

Near Edson, water production at 100 m³ per hour was estimated to be achievable 
without excessive pumping. 

6.1.4. Produced Water from Conventional Oil Production 
The Alberta geothermal potential survey described above was undertaken in the context 
of a classic approach to geothermal energy where warm water aquifers are tapped on 
purpose to extract energy. However, because of the considerable conventional oil and 
gas developments that have occurred during the past decades in Alberta, significant 
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quantities of warm water are already being produced to the surface, separated, and re-
injected using disposal wells. 

Over time, an oil well produces less oil as the formation is depleted. Generally, water 
invades the formation, filling the pore space vacated by the oil. Eventually, water 
reaches the well and is co-produced with the oil. Over time, an oil well will see declining 
oil production but increasing water production. This produced water is a nuisance and an 
economic cost because it must be safely separated and re-injected into a deep disposal 
zone to avoid surface and ground water contamination. However, when oil is produced 
from a deep enough formation, the produced water will be warm enough to offer a 
renewable geothermal energy potential. 

Generally, moderate temperature geothermal projects are not economical because of 
the high costs associated with drilling of the wells required to source and dispose of 
geothermal waters.  However, in the WCSB, over 200,000 wells have already been 
drilled for the purpose of exploiting its oil and gas resources.  A significant number of 
these wells already produce undesired but warm produced water. In other words, the 
well and gathering pipeline infrastructure required for geothermal exploitation already 
exists in the WCSB. The geothermal energy present in warm produced water is a huge 
resource that is currently untapped.   

In order to understand the potential for geothermal energy using the existing oil & gas 
infrastructure, Epic Consulting Services reviewed publicly available data for all oil pools 
in Alberta (Epic Consulting Services 2007). The Alberta Energy Utilities Board (EUB) 
collects and warehouses data on more than 10,000 oil pools in Alberta. Using the 
GeoScout database search tool, Epic Consulting extracted produced water rates for two 
periods: the daily rate average for the months of January 1995 and September 2006. 
Data was extracted for each well and then aggregated on the basis of the pool that a 
well belongs to. Water production from all oil pools in Alberta in January 1995 was 
approximately 934,000 m3/day, while in September 2006 water production daily rate was 
approximately 1,433,000 m3/day.  More mature filed tend to produce more water and, as 
a consequence, the water production rate has increased over time. Therefore, the 
geothermal energy potential from produced water is expected to be greater in the future 
than today.  

The EUB database also contains the reservoir temperature for every single oil pool. This 
information was used to estimate the temperature of the produced water on a pool basis. 
In the case of the higher reservoir temperatures, this approach would overestimate 
produced water temperature by up to 5° C because of heat losses in the well. Formation 
temperatures for Alberta oil pools ranged from 21° C to 113° C. 

The amount of geothermal energy brought to the surface by produced water was 
calculated on a pool basis using the volume of water and its estimated temperature. 
Produced water with temperatures less than 40° C was assumed to have little useful 
value. Therefore, the useful potential geothermal energy was taken as the energy that 
would be released by cooling warm water to 40° C. The heat capacity of water (4.18 kJ 
per kg per ° C) was used and a brine density of 1.1 kg per l was assumed.  
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The calculation is summarized as follows: 

Potential geothermal energy = produced water rate * (formation temperature less 
40° C) *heat capacity of water * brine density 

On this basis, 496 Alberta oil pools currently produce to the surface water with an 
estimated temperature above 40° C and, in total, account for 68,800 GJ per day of 
potentially useful geothermal energy. As an approximation, 1 GJ per day represents the 
energy required to heat a typical house on a cold winter day. The top 25 oil pools with 
geothermal potential are shown in Table 12 and the complete list of the 496 oil pools is 
provided in Appendix 2. 

Geothermal energy can be converted to electrical energy. Using typical binary skid 
mounted plants used in geothermal applications, minimum temperature and water rate of 
80° C and 5,000 m3 per day (approximately 30,000 barrels per day) are required. The 
conversion efficiency is typically 5%. As shown on Table 13, only 8 oil pools exhibit a 
potential for electrical energy. In total, these 8 oil pools could produce 27 MW of 
electrical power. 

The top oil pools with geothermal potential are located on a map in Figure 31. The pools 
shown in red have potential for electrical energy. It can be observed that the best 
geothermal potential from existing oil and gas activities in located northwest of 
Edmonton in a region that includes cities such as Grande Prairie, Valleyview and Swan 
Hills.  
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Table 13 – Top 25 Alberta Oil Pools with Geothermal Potential 
Field Name Pool Name Formation 

Temperature 
(°C) 

September-2006 
Produced Water 

Rate (m3/day) 

January-1995 
Produced 

Water Rate 
(m3/day) 

Energy 
Content 
(GJ/day) 

Electricity 
Potential 

(MW) 

Swan Hills Beaverhill Lake A&B 104 54,039  35,716  15,902  9.2  
Judy Creek Beaverhill Lake A 96 33,642  27,788  8,662  5.0  
Swan Hills South Beaverhill Lake A&B 107 24,356  27,275  7,503  4.3  
Virginia Hills Beaverhill Lake 102 13,470  12,554  3,840  2.2  
Carson Creek N. Beaverhill Lake A&B 88 14,519  8,248  3,204  1.9  
Sturgeon Lake S. D-3 88 13,631  4,683  3,008  1.7  
Kaybob Beaverhill Lake A 113 7,025  5,503  2,358  1.4  
Judy Creek Beaverhill Lake B 97 7,679  8,087  2,013  1.2  
Goose River Beaverhill Lake A 110 4,104  2,856  1,321  0.0  
Nipisi Gilwood A 49 28,511  27,932  1,180  0.0  
Virginia Hills Belloy A 70 7,965  2,217  1,099  0.0  
Meekwap D-2 A 80 3,566  2,658  656  0.0  
Leduc-Woodbend D-3 A 66 5,336  1,289  638  0.0  
Pembina Cardium 46 22,791  19,122  629  0.0  
Snipe Lake Beaverhill Lake 88 2,763  1,082  610  0.0  
Wimborne D-3 A 79 2,910  2,273  522  0.0  
Windfall D-3 A 104 1,751  1,582  515  0.0  
Mitsue Gilwood A 60 5,390  9,624  496  0.0  
Innisfail D-3 92 1,682  1,424  402  0.0  
Simonette Beaverhill Lake A 112 1,163  1  385  0.0  
Kaybob South Triassic A 86 1,770  1,326  374  0.0  
Fenn-Big Valley D-2 A 58 4,337  5,898  359  0.0  
Rainbow Keg River B 85 1,701  1,836  352  0.0  
Harmattan East Rundle 85 1,511  3,930  313  0.0  
Caroline Rundle A 91 1,252  2,182  294  0.0  
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Figure 31 – Top Alberta Oil Pools with Geothermal 
Potential 

 
Adapted from: (Epic Consulting Services 2007) 

6.1.5.  U.S. Gulf Coast 
A situation similar to the WCSB exists on the US Gulf Coast.  The states of Texas, 
Louisiana, Mississippi, Alabama and Arkansas have thousands of wells reaching depth 
where formation temperatures range from 120 to 200°C.  In addition to the existing well 
infrastructure, the complementary infrastructure of power lines, roads and pipelines also 
exists.  Finally, several oil fields are under water flood enhanced oil recovery which 
requires electricity to drive pumps providing on-site demand for geothermal electricity.  A 
well engineered system could lower production costs per barrel of oil and therefore 
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extend the economic life of oil fields, therefore resulting in increased domestic oil 
production and reserve addition. 

As discussed, two critical factors for developing geothermal energy from warm produced 
water are formation temperature and the pre-existence of part of the required 
infrastructure. Another factor is sufficiently high formation permeability to provide fluid 
flow rates equal to or greater than 30,000 barrels per day.  This analysis indicates that at 
least 30 wells per field would be required to generate a sufficient produced water flow 
rate to support a binary geothermal electrical plant (McKenna, Blackwell et al. 2005).  

In some US Gulf Coast fields, particularly in north eastern Texas, southwest Arkansas 
and coastal Alabama and Mississippi, produced water oil cuts average 95%.  In some of 
these fields, over 50,000 barrels per day of fluids are produced.  Collecting and directing 
these fluids through a standard binary electrical plant would be relatively straightforward 
engineering since most of the produced fluids are already aggregated in a central 
collection facility for oil separation and water disposal.  Therefore, a geothermal energy 
scheme could leverage the existing oil industry infrastructure benefiting from the 
existence of wells, gathering lines and disposal facilities.   

A flow rate of 30,000 barrels per day with produced water at 150°C would generate 1.5 
megawatts of electricity using a conventional isopentane binary plant.  This power 
generation capacity takes into account plant parasitic losses but not the energy required 
for pumping fluids from the subsurface because fluids need to be brought to the surface 
in order to produce oil.  If the produced water temperature is down to 100° C, only 0.5 
megawatts are produced. Even though most of the infrastructure already exists, the 
payout period for the additional electricity generation equipment is estimated to be 
between 3 and 4 years. (McKenna, Blackwell et al. 2005).   

For the State of Texas, geothermal electricity from warm produced water would result in 
the generation of at least 250,000 megawatts of electrical power.   

6.1.6. Produced Water from Thermal Recovery Technologies 
Thermal processes are frequently used methods for recovery of bitumen and heavy oil 
from oil sands deposits.  Steamed Assisted Gravity Drainage (SAGD) and Cyclic Steam 
Stimulation (CSS) involve the injection of high temperature steam into in situ reservoirs 
in order to heat the bitumen and reduce its viscosity.  The injected steam transfers part 
of its heat energy to the reservoir and condenses while doing so.  Most of the condensed 
steam is then produced as warm water in conjunction with bitumen by the production 
process.  The temperature of this produced water is in the order of 130° C to 150° C and 
its flow rate is approximately three times the bitumen production volume.  In other words, 
a 30,000 barrels per day SAGD project would produce approximately 90,000 barrels per 
day of warm water. 

Useful applications for this warm water already exist on an oil sands site, such as 
preheating boiler feed water or using the latent heat in a falling film evaporator for water 
recycling purposes.  Nevertheless, SAGD and CSS warm produced water could also be 
used to produce electricity using conventional geothermal technology. 
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6.2. Technologies for Warm Water Geothermal 
Warm water geothermal energy is a low quality geothermal source. Generally, it would 
not be considered as a stand-alone energy source for many applications. In particular, it 
would not be considered as an attractive an investment opportunity by oil and gas 
producers.  Some of this energy might be utilized locally for power generation or for 
space heating, and might also be supplemented with higher quality waste heat sources 
in the area, such as waste heat from gas plants or compressor stations. 

6.2.1. Electrical Energy from Geothermal Energy 

6.2.1.1. Binary Plants (Organic Rankine Cycle) 
In binary plants, there are two fluid systems, hence the name. Hot or warm water from 
the geothermal reservoir flows through the plant where it transfers its heat energy to a 
secondary fluid by means of a heat exchanger. Cooled geothermal water is then re-
injected into a disposal zone. Geothermal water does not come in contact with the 
turbine/generator unit.  Instead, the secondary fluid, with a lower boiling point than water, 
flashes to vapour upon receiving heat energy from geothermal water.  The secondary 
fluid expands and then drives a turbine/generator unit to produce electricity. After exiting 
the turbine, the fluid is condensed and recycled to the heat exchanger. The secondary 
fluid operates in a Rankine cycle; it is usually an organic compound, hence the name 
Organic Rankine Cycle. Because both loops are closed-loop systems, virtually nothing is 
emitted to the atmosphere. 

The secondary fluid cycle allows binary plants to extract energy from geothermal water 
when temperatures are too low for the production of steam with a pressure high enough 
to efficiently drive a turbine. The secondary fluid is chosen by its boiling point which must 
be sufficiently below the temperature of the geothermal water to generate enough 
vapour pressure to efficiently power a turbine/generator unit. Hydrocarbons such as 
propane, isobutane and isopentane as well as refrigerants are common choices for the 
secondary fluid. 

Another benefit of binary plants is that they can handle geofluids mixtures with high 
dissolved gases or high corrosion or scaling potential because the geofluid is not 
exposed to the atmosphere and does not contact moving equipment. When necessary, 
down well pumps are used to maintain the geofluid at a high enough pressure to avoid 
the formation of vapours in the wells and surface piping. 

Binary plants are generally built as modular, skid-mounted units in the 1 to 3 MW range. 
For larger installations, small units are clustered together.  

Exergy is a concept related to the by the second law of thermodynamics that 
approximates the “quality of energy”. The efficiency with which thermal energy can be 
converted to work depends on its temperature. Broadly, energy at a high temperature 
(vs. ambient temperature) has a higher quality and is able to do more useful work than 
the same amount of energy at a low temperature. This is exemplified in the equation for 
Carnot efficiency: 
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η = 1 – (TC/TH) 

where:  η = upper limit of conversion efficiency 

  TC = system lower temperature (ambient temperature or cold sink) 

  TH = higher temperature (temperature of the energy carrier) 

Low temperature sources of heat energy, such as geothermal warm water and waste 
heat have a lower ability to be converted into useful work that high temperature sources 
such as steam. For example, dry steam geothermal plants will extract between 50% and 
70% of the energy contained in the geothermal fluid while binary plants will extract only 
5% to 15% of the energy contained in warm water (DiPippo 1999). 

An example of a binary plant extracting electrical energy from warm water is the Amedee 
plant in Wendel California. Commissioned in 1988, it is composed of two 1 MW units 
with a combined net power output to the grid of 1.6MW. The working fluid is a refrigerant 
(R-114; C2Cl2F4). Geothermal water at 103˚ C flows through the plant at a rate of 205 
kg/s (104,655 barrels per day) and is re-injected at a return temperature of 71˚ C. The 
plant converts approximately 5% of the geothermal energy into electricity (DiPippo 
1999).  

The capital cost of a geothermal binary plant was estimated at US$3,000 to $4,000 per 
kW in 1993, excluding drilling and completion costs (DiPippo 1999). In 2007, it is likely 
that a 0.5 MW oil filed binary plant would cost between $2 and 3 million. 

A second example is the Birdsville, Australia geothermal power plant with an electrical 
output of approximately 80 kW. The binary plant operates with isopentane using 28.4 l/s 
(15,433 barrels per day) of 97.5˚ C geothermal water. The return temperature is 83˚ C. 
The efficiency of conversion of heat energy to electrical energy is 4.8% (Peachey and 
Miller 2003).  

A study of the application of geothermal technology to the Swan Hills oil field concluded 
that the thermal energy contained in the 250,000 barrels per day of 80˚ C produced 
water could be converted to approximately 1.84 MW of electrical power by using 
propane as the working fluid (Peachey and Miller 2003). 

6.2.1.2. Encore Clean Energy “Heat Seeker” 
Encore Energy is developing technology to produce electricity from warm water and 
waste heat. The core technology is a series of specialized tanks and valves that can 
provide a mechanism to accomplish liquid transfer at equalized pressure, without the 
need for a pump. The technology is applied to the conversion of low or high temperature 
waste heat to electricity in a product called “Heat Seeker” (Encore Clean Energy 2007). 

In this process, waste heat or warm water is used to boil a working fluid by means of a 
heat exchanger to produce a high pressure vapour bubble in a pressure vessel that 
displaces and pushes out of the vessel a controllable flow of high pressure hydraulic 
fluid.  The resulting high pressure hydraulic fluid utilizes the multiplication effect of 
hydraulics which can be used to power a high-torque hydraulic motor, a generator or 
rotate pumps, gears or wheels.  
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6.2.2. Mechanical Energy from Geothermal Energy 
Conventional oilfield operations require mechanical energy to drive pumps and 
compressors.  This energy is usually provided by electrical motors or natural gas 
engines.  As discussed above, geothermal energy can be harnessed to produce 
electricity to supply the needs of an oilfield operation.   

However, it may be more efficient to go directly from geothermal energy to mechanical 
energy and avoid the efficiency losses inherent in the conversion to and from electrical 
energy. For example, binary plants convert geothermal energy into the rotating 
momentum of a turbine, which is then used to drive an electrical generator.  It would be 
possible to use the turbine's rotating momentum to directly drive pumps and 
compressors as it is done in natural gas liquids extraction plants. 

Another example of conversion of geothermal energy to mechanical energy is the 
Natural Energy Engine described below. 

6.2.2.1. Natural Energy Engine 
Developed by Deluge Inc, the Natural Energy Engine is a thermal hydraulic engine 
composed of a piston containing a fluid. The fluid expands when heated and contracts 
when cooled. Expansion of the fluid pushes on the piston creating mechanical energy. 
Warm water is the source of energy. The first step in the cycle is the application of warm 
water to the piston, thereby expanding the fluid, pushing the piston and generating 
mechanical energy. A cold fluid, usually cold water is then applied to the piston in 
second step, contracting the fluid and returning the piston to its original position. The 
system includes a means to alternate the application of cold and heat to the piston in 
order to operate the cycle continually (Deluge Inc 2007).  

The Natural Energy Engine was tested and validated by the U.S. Department of 
Energy's (US DOE) at its Rocky Mountain Oil Testing Center (RMOTC) where the 
technology was used to pump oil from a well at the Naval Petroleum Reserve near 
Casper, Wyoming, using geothermal water as the sole source of energy. The prototype 
piloted by US DOE was designed with two separate pipes connected to the engine, one 
supplying 80˚ C water from a nearby aquifer, and the second supplying 20˚ C water from 
a storage tank. The working fluid inside the piston was CO2. Each pipe had a valve 
which was turned on and off by an electronic timer. In a first step, warm water entered 
the heat exchanger where it heated the working fluid. The liquid CO2 became a gas, 
expanded and pushed up the engine’s piston. The timer then opened the cold water 
valve to cool the CO2, contracting and condensing the gas back to a liquid and lowering 
the piston. The pipe then drained the water from the engine. The piston actuated a pump 
for lifting oil in the well, and transporting it to a storage tank (United States Department 
of Energy 2007). 

The company is targeting marginal stripper oil wells by reducing the need for electricity. 
The oil well pump would be powered using the heat contained in the warm produced 
water exiting the well. Another energy source could be the entrained methane solution 
gas produced by the well which could be captured and burned to heat the water required 
to operate the Natural Energy Engine. 
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The technology is adaptable to all sources of low grade heat, including solar thermal, 
geothermal, ocean thermal, industrial waste, and biomass, to heat the water that drives 
the engine. The Natural Energy Engine was given the 2005 Outstanding Technology 
Development Award from the Federal Laboratories Consortium. 

6.2.3. Reservoir Heating 
Thermal recovery technologies heat bitumen and heavy oil to reduced their viscosity and 
facilitate their movement to the producing well.  Steam is generally used for this purpose.  
Steam is generally produced by boiling water with natural gas as the fuel.  Geothermal 
energy could be used to preheat boiler feed water and reduce the amount of natural gas 
fuel required for steam production, thereby improving energy efficiency.   

Warm geothermal or produced water could also be used directly as feed water in direct 
contact steam generators whether located downhole or on the surface.  In a direct 
contact steam generator, water is generally swirled on the inside surface of a cylinder 
with a burner located at one end of the cylinder.  Combustion products such as air, 
carbon dioxide, water and smoke are all injected with steam into the reservoir.  Direct 
contact steam generators allow the use of less than pure water for the production of 
steam and may allow the direct use of produced or saline geothermal water directly for 
the steam production thereby reducing the amount of fuel and fresh surface or ground 
water required for steam production. 

Water floods are a frequently used method of enhanced oil recovery for light and heavy 
oil.  Water is injected into the formation for pressure maintenance purposes and to 
displace oil toward the producing wells.  Available warm water would likely be more 
effective than cold water because the heat energy of warm water would heat the oil and 
make it more mobile.  Warm geothermal water from subsurface aquifers could be used 
for water floods providing some energy efficiency through reservoir heating but also 
reducing the need of fresh surface or ground water for this purpose. 

6.2.4. Saskatchewan - Regina Geothermal Project 
Space heating is an obvious application for warm water geothermal energy. An example 
is the Regina Geothermal Project. 

Between 1979 and 1984 a geothermal energy program was developed at the University 
of Regina in Saskatchewan.  A well was drilled in 1979 with the intention of generating 
sufficient geothermal energy to heat for a large sports facility.  However the project was 
not taken to completion (Allen, Ghomshei et al. 2000). 

The geothermal well was drilled on the campus of the University of Regina.  The well 
punctured a sandstone formation with good porosity (11% to 19%) and permeability of 
70 mD to 220 mD. The well accessed formation water at depths between 2,046 m to 
2,200 m. Water temperatures ranged from 58.3 to 61.4° C or, 60° C after mixing (Jessop 
and Vigrass 1984).  Heat losses in the well during transportation to the surface cooled 
the water by approximately 2 to 3° C (Vigrass and Jessop 1984). Water temperature at 
the wellhead was approximately 58° C.  Formation pressure was sufficient to provide a 
static water level in the well 17 m below ground surface.  The salinity was approximately 
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100,000 ppm composed mostly of sodium chloride.  The practical production rate was 
estimated at 100 m3 per hour of brine through a 178 mm casing. 

The geothermal facility was designed for space heating. The heat exchanger would 
extract heat from the geothermal warm water, reducing its temperature from 58° C to  
33° C.  . The cooled geothermal water would then be re injected through a second well 
at a distance of approximately 1 km.  Locating the injection well 1 km apart from the 
production well was specified in order to delay thermal breakthrough to approximately 30 
years after start-up when the cooled waters of the injection well would start to affect the 
temperature at the production well (Hutchence, Vigrass et al. 1984). 

The system space heating system was designed to provide a peak capacity 
approximately 3 MW of thermal energy (Vigrass 1984). However, pumping requirements 
to overcome a head loss of 430 m were estimated at 155 kW. Heat distribution losses of 
15% and seasonal space heating operations further reduced the net annual energy gain 
to 42% of capacity. The economic payback for the geothermal system was estimated at 
15 years. 

6.3. Potential Impacts on GHG and Sustainability 
The impacts of geothermal energy use on GHG and sustainability could be significant by 
utilizing a reliable, renewable and relatively constant source of low quality energy to back 
out energy from centralized or local power generation equipment.  On a full cycle basis, 
coal fired plants are approximately 30% efficient as up to 70% of the input energy is 
converted to heat rather than electricity. Power plant waste heat is usually dissipated by 
water evaporation, thus consuming water as well as fuel.  In addition, approximately 
10% of the electricity generated will be lost during transmission and distribution.  
Geothermal energy in the WCSB, while of low quality, is widely available from existing oil 
production assets.  If these assets can be effectively utilized, the reductions in energy 
costs may lead to enhanced oil recoveries, as well as reductions in energy losses, GHG 
emissions, and water consumption at centralized power generation sites.  Once the 
power generation system is in place it could be transferred to the control of local 
communities to use for power and/or community space heating. 

6.4. Geothermal Technology Scenarios 

6.4.1. Scenario 1: Eliminate Energy Input to Pressurize Binary Fluid 
Scenario Description – Differential heads of liquid and vapour states of the power fluid 
could be used to generate vapours at high pressures, by moving the heat exchange step 
into the geothermal source well and utilizing the elevation difference available in the 
wellbore.  This eliminates the need to pressurize the binary fluid and would be relatively 
easy to install in an existing oil well. 

Well Configuration – A separate closed-loop tubing string is inserted into the producing 
well (strapped to the production tubing string similar to glycol heating strings used to 
avoid hydrates in gas wells) to a depth sufficient to generate enough differential pressure 
to energize the power recovery system, which could be an electrical generator or 
mechanical pumping device.  Liquid power fluid flows in at surface, is vaporized by 
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absorbing energy downhole and arrives at surface at an elevated pressure.  The 
differential pressure powers a surface device and then sufficient energy is removed to 
re-condense the power fluid to complete the cycle.   

 

Figure 32 - Diagram of Producing Well with a Binary 
Fluid Vaporization Loop 
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Start-up and Operation – As the binary fluid loop is closed it would be simply have to 
be charged with an appropriate binary fluid (such as propane or alternate refrigerant 
fluid).  The power available will increase as the produced fluid rate increases, but should 
always be positive as long as the average well temperature is above ambient cooling 
conditions.  In winter more power would be available than in summer as the ambient 
temperatures would be lower.  Once charged the loop would flow naturally and a back-
pressure control valve could be used to set the desired surface pressure. 

Energy, Carbon and Fresh Water Intensities – Energy produced, electrical or 
mechanical, could be used to back-out purchased power for well pumping, lowering the 
overall energy intensity of production.  Potentially little or no outside energy would be 
required, there would be no direct GHG emissions, but indirect emissions will be 
reduced based on the reduction in outside power requirement.  There would be no fresh 
water impact unless it was decided to use evaporative water cooling to condense the 
binary fluid. 
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Resource Recovery – Once installed this system would require very little maintenance, 
mainly associated with the power conversion equipment, and pulling, re-running and 
recharging the tubing string if the production tubing must be removed.   

Possible Variations: 

 Energy Output Use – The differential pressure energy could be used to generate 
electrical power or drive a differential pressure mechanical device (pump, air 
compressor) on the site.  Energy from condensing the binary fluid could be used for 
building heating, heat tracing or other heating uses, with only surplus energy 
dissipated to the atmosphere. 

 Use in Gas Wells – This type of system, on a small scale might be utilized to provide 
a reliable power source for remote gas wells. 

6.4.2. Scenario 2: Pumping/Transferring the Geothermal Source 
Fluid 

Scenario Description – In long horizontal wells after oil production has stopped, natural 
thermal circulation of water in the reservoir could be used to avoid pumping the water to 
surface, if the energy required to get water to the surface and re-inject it is greater than 
the energy that can be recovered.  Eliminating pumping of the geothermal fluid would 
increase the net energy exported from the system.  This could be used for scavenging 
energy from a completed SAGD, CSS or air injection project. 

Well Configuration – The system would use horizontal well (500-1,000m in length) after 
oil production has been discontinued.  Closed loop tubing string(s) run to the end of the 
well to maximize heat transfer area. 

Start-up and Operation – The system would operate in a manner similar to Scenario 1.  
Operation would be limited by natural circulation in the reservoir. Therefore, this system 
would likely be more effective in carbonate formations with large fractures, vugs or 
caverns. 

Energy, Carbon and Fresh Water Intensities – Recovering the energy that was added 
to the reservoir during steaming of thermal wells would reduce the overall net energy 
intensity of the oil recovery project.  A large amount of the energy injected simply heats 
the rock and water in the formation and could represent 20-30% of the energy input 
during the life of the thermal project.  For deeper conventional oil wells, the energy 
recovered would be true geothermal energy rather than recovery of stored energy. 
However, the higher temperatures at shallower depths may favour recovery from thermal 
operations.  GHG emissions would be reduced based on the source of the energy that 
the system backs out.   

Resource Recovery – This system will increase the net energy recovery from a thermal 
operation and increases the net energy (heat and hydrocarbon) available from a given 
well before it is abandoned.  Energy from early phase development wells could provide 
some of the power for later phases. 
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Figure 33 - Geothermal Energy Extraction with Thermal 
Reservoir Circulation 
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Possible Variations: 

 A low head pump, driven by the circulating power fluid, could be installed in the well 
to enhance water circulation and heat transfer in the well. 

 A system could be installed with a wet oxidation follow-up process where injected 
oxygen is used to convert hydrocarbons remaining in the formation to heat energy at 
relatively low rates.  This would create a parasitic load for air or oxygen compression 
but would significantly increase downhole temperatures to increase energy recovered 
and efficiency.  Injecting a small amount of gas would require less energy than 
circulating a large amount of fluid. 

 A U-shaped well configuration would allow for more efficient heat transfer downhole 
and would be relatively inexpensive in a shallow oil sands or heavy oil formations. 

6.4.3. Scenario 3:  Downhole Separation with Geothermal Energy 
Recovery 

Scenario Description – Downhole oil/water separation (DHOWS) systems have been 
developed by C-FER Technologies Inc. which could be used to separate oil from 
produced fluids so that only the oil requires pumping to surface.  The water flowing to the 
disposal zone would be used to provide geothermal energy.  These systems work best 
in carbonate formations to minimize sand going through the equipment. 

Well Configuration – Ideally a U-shaped well would be used to allow one leg of the “U” 
to conduct the geothermal energy to surface while the other leg contains the oil 
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production and DHOWS equipment.  This avoids the additional complexity of removing 
the geothermal system every time the oil production equipment requires replacement or 
adjustments and avoids complications with the isolation packer normally installed 
between the production and injection intervals of the well.  Wells could be arranged so 
that adjacent U-wells pump fluid in opposite directions to improve the well sweep and 
access to the oil and geothermal energy in the formation. 

 

Figure 34 - Combined Production of Geothermal and 
Hydrocarbon Energy 
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Start-up and Operation – This system is similar to the previous scenarios for the 
geothermal energy recovery system but combines oil and geothermal energy production.  
The oil production system might start up with outside power and then switch to 
geothermal energy once sufficient flow has been established. 

Energy, Carbon and Fresh Water Intensities – In high volume, high Water to Oil Ratio 
wells DHOWS systems have been shown to reduce net fluid transfer horsepower by up 
to 30% over pumping all the oil and water to surface for separation.  As oil is less dense 
than water, less energy is required per volume lifted to surface.  Geothermal power 
would add to energy savings allowing high water producing wells to operate at low cost.  
Not bringing the produced water to surface also reduces the potential for brine leaks to 
surface or subsurface potable water aquifers. 

Resource Recovery – Often oil wells will level out at a high water oil ratio and continue 
to produce oil for a very long period of time.  The Redwater field has achieved 66% 
recovery of original oil in place at water to oil ratios as high as 100-300 m3 of water per 
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m3 of oil.  The main operating cost is purchased power to circulate water.  Pump 
systems in high water content wells often have long run times and lower maintenance 
costs than systems with low water content. 

Possible Variations: 

 Water from downhole separation could be used for water flooding other formations. 

 A cross-flooding configuration could be used where one well produces from zone A 
and injects into zone B while an offsetting well produces from zone B and injects into 
zone A. 

 The system could be installed in a standard horizontal well with a slightly more 
complex completion depending on the location of the production and injection zones.  
E.g.: in some wells, injection could be to a formation above the producing zone. 

 C-FER has developed a downhole sand separation concept to allow oil and sand to 
be brought to surface while water is sent to an injection zone. 

6.4.4. Scenario 4: Geothermal with CO2 Sequestration 
Scenario Description – Similar to previous scenarios but with CO2 injection into the 
geothermal zone by mixing CO2 with the returning water to improve mixing and 
dispersion of CO2 in the formation. 

Well Configuration – This system is similar to any of the previous scenarios in deep 
formations with super critical CO2 injected into the returning water stream.  CO2 could 
serve as an insulating medium in geothermal system and could even potentially be used 
as the binary power fluid in the closed geothermal system.  Equipment and tubulars 
exposed to CO2 and water would have to be of corrosion resistant materials. 

Start-up and Operation – The system would originally operate in a geothermal or 
geothermal/oil energy production mode with CO2 injection from an external source 
starting at an optimum time to potentially enhance reservoir heat circulation, oil recovery 
(miscible or immiscible) and potential chemical effects on carbonate rock.  Injecting CO2 
with the water helps to minimize pooling of liquid CO2 in the reservoir and should 
improve mixing and contact to maximize dispersion of CO2 in the water and any potential 
chemical sequestration with minerals in the formation. 

Energy, Carbon and Fresh Water Intensities – Injecting CO2 for sequestration is 
energy intensive. However, energy input may be partially offset by geothermal and 
hydrocarbon energy recovery.  Injecting CO2 into wells which have already been paid for 
reduces the sequestration costs and would reduce net project GHG emissions, while 
also minimizing the risk of CO2 seepage from liquid CO2 pools. 

Resource Recovery – This system may help to increase oil recovery through 
immiscible and miscible recovery.  CO2 “imbibition” into residual oil from carbonated 
water has been proposed as a potential method for improving sweep and minimizing gas 
breakthrough to the producing wells. 

Possible Variations: 
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 A geothermal system could be used to reduce energy input for sequestration and 
could also recover energy from waste heat energy from other waste heat sources 
available in the area. 

 Additives could be researched to increase the viscosity of liquid CO2 in order to 
reduce fingering and improve sweep efficiency (analogous to polymers in water 
floods).  

6.5. Research and Development Directions 
While warm water geothermal energy has been considered by others, the assessments 
to date have been limited to incremental application of proven systems for higher quality 
geothermal sources.  Improvements suggested for warm water (e.g. elimination of binary 
fluid pumping) systems may also enhance the economics of other geothermal systems 
around the world.  Replacing outside energy sources with a reliable low cost source 
already available at the hydrocarbon producing site should be a major benefit and worth 
more extensive investigation. To make WCSB geothermal systems economic will require 
addressing some of the main cost and efficiency factors, which have been observed in 
past applications.  The key hurdles are: 

 Pressurizing the Binary Fluid –In typical binary plants, a pump is used to pressurize 
the secondary fluid prior to its vaporization by using a waste heat source.  In low 
temperature systems, this unit may consume as much as 30-50% of the gross energy 
output.  Eliminating this parasitic load would increase the net power output of the 
system, generating a significant improvement in overall efficiency. 

 Pumping/Transferring the Geothermal Source Fluid – Normally in geothermal 
systems the geothermal fluid (water or steam) is produced from a well and then 
returned to a source formation.  With geothermal water, pumping is required for both 
production and re-injection operations.  Often the water must be moved to an 
elevation well above the hydrostatic head that the formation itself can develop.  
Reducing the head difference required to transfer water to a heat exchanger would 
reduce another parasitic load that consumes some of the produced energy. 

 Co-production of Geothermal Energy and Oil – Most oil wells are shut-in not 
because they can no longer produce oil, but because the oil does not generate 
enough revenue to cover the costs of handling the associated produced water.  As 
high Water-Oil-Ratio (WOR) oil wells are a source of geothermal energy, and have a 
demonstrated ability to produce at high water flow rates, if the geothermal energy can 
be harvested to operate the system, greater oil recoveries could be achievable. 

 Engineering Assessments - The main focus is to develop a range of engineering 
assessments of geothermal processes in novel configurations in known high WOR oil 
production wells, with minimum levels of parasitic loads associated with fluid pumping 
and transfer.  Well configurations already used for oil production operations could be 
assessed to determine the potential costs of converting to concurrent or sequential 
production of geothermal energy to meet the needs of local electrical, mechanical or 
heating loads. 
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 Reservoir Thermal Circulation Models – Reservoir properties have a large impact 
on thermally driven fluid circulation.  Reservoirs with macro flow channels (vertical 
fractures and cavern features) may be more likely to support energy circulation. 

 Selection of Binary Power Fluids – Propane or CO2 are suggested as the potential 
binary fluid of choice due to their availability from operations associated with oil and 
gas production.  Other, more specialized fluids (i.e. manufactured refrigerants or 
ammonia/water systems) may be more effective in specific situations despite their 
higher supply cost. 

 In-situ CO2 Dispersion with Water Co-injection/Circulation – Pooling of CO2 in 
reservoirs leaves the potential for a well failure to release sequestered CO2 back into 
the atmosphere.  Research directed at in-situ mixing to avoid this type of release 
should be combined with potential methods of using geothermal energy to provide the 
mixing energy. 
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7. Alternate Fuel Sources in Support of Production 
There are currently a number of studies underway by PTAC and others looking at the 
potential for use of alternate fuel or energy sources for the oil sands, to replace natural 
gas use.  The intent of this section is to briefly mention the alternatives and how those 
alternatives might be impacted by the scenarios considered earlier in the report. 

7.1. On-the-books vs. Off-the-books Fuel Costs 
In PTAC’s report on “Energy Efficiency in the Upstream Oil and Gas Industry” it was 
pointed out that primary energy producers have access to energy streams for which no 
direct cost is assigned as the fuel used is raw production and is not directly purchased 
by the producer (Peachey 2006).  The use of product as fuel usually does not attract a 
royalty, and is only reported as “shrinkage” or “surface losses” in oil and gas reserves 
calculations.  It is important to distinguish between these types of sources in assessing 
the economic decisions determining preferred fuel sources for a given producer and 
operation.  For example, a producer with their own gas supply will be able to obtain fuel 
at a much lower cost than a producer who does not have their own supply, and must 
purchase fuel gas at market prices. 

Off-the-books fuels could include, solution gas, vent/flare gas, raw bitumen, by-products 
of coking processes, gasified bitumen, sulphur, liquid fuel streams from upgraders for 
vehicles for use on-site, etc.  On-the-books fuels would include commercially purchased 
natural gas, petroleum products from downstream refineries, coal or uranium purchased 
from others.  From a cash flow point of view use of off-the-books fuels provides an 
economic advantage for producers who have access to those streams. 

7.2. Vent Gas Use to Reduce GHG Emissions and Fuel Costs 
In conventional heavy oil, and in primary cold bitumen production, some relatively pure 
methane is produced with the oil and vented from well production casings to avoid gas 
locking of pumps.  Typically, gas volumes might range anywhere from 10-40 m3 of gas 
per m3 of oil production.  Historically much of this gas was vented to atmosphere, 
because gas gathering systems required to conserve the gas were not economic to 
construct.  In 1999, vented methane from these sources was estimated to represent 
almost 12% of the conventional oil and gas industry’s upstream emissions on a CO2 
equivalent basis, and was over 77% of reported methane venting.  In recent years, 
venting of gas to the atmosphere has been considerably reduced as producers have 
responded to higher natural gas prices and regulatory changes, which make 
conservation investments more economic (Peachey 2006).  It is anticipated that the new 
AEUB Directive 60 on Flaring and Venting will further increase conservation in Alberta, 
and improve producer practices in Saskatchewan. 

Currently as much as 60-70% of the vent gas recovered is used on site for fuelling 
artificial lift systems and tank heating, thus reducing the consumption of externally 
supplied fuels like propane, commercial natural gas, diesel or electrical power.  The 
remaining gas is gradually being collected through new or existing gas gathering lines 
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and compressed for sale.  While selling the produced gas is an improvement over 
venting, utilizing the low pressure gas to provide energy for enhance oil recovery would 
be an even more economic option, as the value of the gas is multiplied by the increased 
oil revenues and the savings in not having to purchase outside energy for EOR.  Locally 
available vent gas from conventional heavy oil and cold bitumen wells could be used as 
fuel for portable flue gas injection equipment. 

7.3. Bitumen as an Alternative to Natural Gas 
In the early days of thermal oil sands production, bitumen was burned as fuel since it 
was of low value and the easiest fuel source to access.  However, unlike natural gas it is 
not a clean burning fuel as it generally contains between 4-5% sulphur and other 
contaminants.  With more stringent emissions standards, the capital costs associated 
with burning bitumen increased substantially. This led most heavy oil operators to switch 
to natural gas.  The options for burning bitumen based fuels center around methods to 
upgrade the quality of the fuel to a state with fewer contaminants, or to capture 
contaminants by treating the stack gases after combustion.  These options significantly 
increase the cost and complexity of steam generation equipment and also reduce the 
on-line availability of the steam plants, due to increased maintenance. 

A process commonly used for stack gas clean-up is to wash the flue gases and to 
capture the sulphur dioxide emissions.  While these options are expensive if they require 
dedicated surface equipment, there is potential to avoid these costs and emissions 
through direct contact steam generation as proposed in section 3.  The stack gas would 
be washed by injected steam and water and the sulphur components would be absorbed 
in-situ. 

Processes have been developed to incorporate water into the bitumen fuel to improve 
the combustion properties of the fuel, and these could be easily applied to direct contact 
generators to improve performance and reduce fuel handling problems associated with 
raw bitumen. 

7.4. Coal as an Alternative to Natural Gas 
Coal is similar to bitumen in that it contains contaminants such as sulphur and mercury.  
As for bitumen, the contaminants can be removed before combustion or can be cleaned 
up post combustion.  The major economic difference between coal and bitumen, as a 
source fuel, is that the coal would have to be purchased externally making it an “on-the-
books” operating cost.  Therefore, while coal at CA$1-2/GJ may appear to be a better 
choice than bitumen at CA$4-5/GJ, it could reduce cash flow. In addition, the use of coal 
would create a dependence on third party suppliers with long rail supply systems to bring 
the coal to the oil sands. 

The Grosmont formation is closer to surface mineable coal resources in the Judy Creek 
and Swan Hills areas. These coal resources may be available for bitumen producers to 
produce on their own.  Imperial Oil’s original Cold Lake Commercial Project in the early 
1980’s, was initially based on the concept of unit coal trains from Imperial controlled coal 
assets in the Judy Creek area. 



 

Low Carbon Futures – March 31, 2007 157 

For direct contact steam generation applied to bitumen in carbonate formations, coal 
could be gasified or possibly slurried with fluid bitumen or other liquid fuels. 

7.5. Nuclear as an Alternative to Natural Gas 
Nuclear energy has been proposed as an alternative to the use of natural gas for steam 
generation and for the production of power and hydrogen.  A study is currently underway 
investigating alternative energy options, including nuclear.  The main barriers to the use 
of nuclear energy are the need to transport steam over long distances from a very large 
central reactor, long lead times and capital cost for nuclear reactor approvals and 
construction, and the relatively higher volumes of water required for steam condensers 
in power generation and as a feedstock for hydrogen production.  The main advantages 
of nuclear energy are reductions in the use of hydrocarbon fuels and in GHG emissions. 

7.6. Research and Development Directions 
Alternate fuel technologies are available, and are being promoted or developed by 
energy producers and suppliers for conventional applications.  The main new R&D 
direction suggested for alternate fuels is in assessing various types of fossil fuels, which 
could be used in direct contact steam generation systems.  Considerable R&D will be 
needed to assess the impact of fuels on injected combustion gases and how those 
gases react with potential water sources, and how the resulting combustion gases and 
steam react with various types of carbonate or oil sands formations. 
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8. Potential Synergistic CO2 Sequestration Opportunities 
Due to the shallow depths of the Grosmont and Lloydminster reservoirs, there is little 
direct opportunity for carbon dioxide sequestration in these formations.  As a result, most 
of the GHG reduction opportunities identified in this report have been focused on energy 
efficiency in the recovery scenarios.  However, there may be potential synergistic 
opportunities to sequester CO2 that could build off infrastructure and assets used for 
increasing recovery. 

8.1. Regional Carbonate Opportunities 
Enhanced Hydrocarbon Recovery - For bitumen in carbonate formations, there are 
greater opportunities for the sequestration of CO2 than there are for Athabasca oil sands. 
The Fort McMurray area is lacking opportunities for conventional enhanced oil recovery, 
deep enhanced gas recovery and enhanced coal bed methane.  By contrast, bitumen in 
carbonate formations are closer, both geographically and by existing road, power and 
pipeline infrastructure to oil pools such as Judy Creek and Swan Hills which have been 
targeted for CO2 EOR pilots.  Potential CBM resources are also located in the same area 
which could absorb CO2 from oil sands operations and release trapped methane.  Closer 
to the foothills are deeper gas pools, which might be considered for enhanced gas 
recovery. 

Sequestration in Depleted Gas Pools or Aquifers - The region also borders on areas 
where there are prolific deep gas pools and aquifers, which might be utilized for CO2 
sequestration.  Since there are surface mineable coal resources relatively nearby and 
large coal-fired generation plants are located further south, there is potential as well for 
sequestration operations to be pooled. These opportunities are all to the northwest of the 
Edmonton region and pooled operations would reduce concerns with CO2 pipelines 
crossing through densely populated urban or rural regions, thus increasing the safety of 
the sequestration process. 

Sequestration with Geothermal Water – The oil fields in the Judy Creek, Swan Hills 
and Nipisi areas show some of the highest geothermal potentials in northern Alberta.  
While pipelining hot geothermal water to the carbonates is likely not feasible, the hot and 
prolific aquifers could be used to sequester CO2 with the water circulation assisting long-
term sequestration by ensuring that the CO2 becomes dissolved in the water or stored in 
minerals in the reservoirs rather than forming pools of liquid CO2.  Existing large gas 
plants and compression facilities in the Grosmont area, currently compressing natural 
gas for sale, may eventually serve as CO2 compression sites to move flue gas or purified 
CO2 to injection or sequestration.  If geothermal water is also used for steam generation, 
then some of the produced CO2 will dissolve in the produced water and be sequestered 
without the need for separation and compression facilities. 

8.2. Regional Conventional Heavy Oil Opportunities 
Cavern Storage – While there are few deep gas or oil formations in the Lloydminster 
region, there are many salt formations throughout the area, as already described in 
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support of the SuperSump scenarios.  Cavern storage of CO2 has been considered by 
Bachu and others, but would be very expensive as a stand-alone sequestration project 
for area upgraders.  However, if the caverns could be constructed at lower cost as an 
add on to heavy oil water disposal activities, enough cavern capacity may be developed 
to serve as CO2 storage for later immiscible CO2 EOR projects or even for permanent 
sequestration.  Produced water from heavy oil operations with active bottom water, and 
other produced water could be passed through a salt cavern before being pumped again 
into a deep disposal aquifer.  Since the energy has already been invested for producing 
the water to surface and additional energy is needed to dispose of the water, the cavern 
construction might be economic for a relatively small incremental cost which might be 
covered by emissions credits.  Assuming CO2 distribution lines will be needed for 
immiscible CO2 projects then these lines could continue to deliver CO2 to the caverns 
that would be in the same or similar locations.  CO2 would be sourced from Lloydminster 
upgraders and ethanol plants. 

Sequestration with Produced Water – As in the case of geothermal water in the 
bitumen in carbonate formations, the produced water from heavy oil operations will be 
colder and may be able to absorb some CO2 during immiscible operations, for 
sequestration in the deep disposal aquifers. 

8.3. Research and Development Directions 
The above opportunities suggest that a number of integrated development studies could 
be undertaken in each area. 

Bitumen in Carbonate Formations –All potential CO2 sources and sinks in the western 
margins of the carbonate triangle should be identified and studied. Assessments should 
be made of the economics of transferring separated CO2, enriched flue gas or flue gas 
generated in thermal recovery operations to value-added sinks in the region.  This 
analysis may favour the development of one part of the bitumen resource over another.  
For example, bitumen carbonates formations close to the oil fields could be developed 
first. Then other developments such as coal power generation or gasification operations 
could move into the area to take advantage of surface coal deposits. 

Lloydminster Heavy Oil Area – A follow-up study has already been proposed to 
NRCan to further assess the immiscible gas scenarios contained in this report.  As in the 
case of carbonate formations other synergistic opportunities to utilize CO2 in the region 
could also be assessed on a regional basis. This may provide an indication of what part 
of the widespread heavy oil resource should be developed first to optimize the benefits 
of development and the opportunities to sequester additional CO2. 
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9. Next Steps for Core R&D Directions 
As a result of the analysis of the various scenarios there are some key R&D directions, 
which seem to require early attention to progress the processes proposed in the 
scenarios, as well as meeting the need of expediting development of the hydrocarbon 
assets.  This section attempts to outline what the next steps might be on moving forward 
in each key area. 

9.1. Reservoir Characterization Studies 
Bitumen Carbonate Formations – Due to the size of the resource contained in these 
unique deposits, considerable effort needs to be put into better characterizing the 
reservoirs.  As much of the light oil produced in Alberta and other regions around the 
world is found in carbonate deposits, and carbonate formation outcrops are found in 
surface locations around the world there should be a considerable volume of existing 
knowledge to draw on. 

 Leadership in Characterization – AERI and ARC, the Alberta Geological Survey 
and other researchers are already working with a group of producers on planning 
research programs to begin work on learning more about the Grosmont formation 
properties and bitumen characteristics. 

 Accessing International Expertise - Dr. Apostolos Kantzas has suggested that the 
Society of Core Analysts and a new Digital Rock Consortium have developed 
knowledge, experience and are working on tools to assist in assessing in carbonate 
formations from around the world and could make significant contributions to 
understanding the nature of the porosity and fractures in the bitumen carbonate 
formations. 

 Understanding Karst and Shallow Carbonate Features – Dr. Rick Chalaturnyk has 
pointed out that civil engineers around world have amassed considerable experience 
in dealing with shallow Karst features in assessing foundations being placed on 
carbonate rock strata.  Even modern cave explorers are developing tools to assist in 
detecting and mapping underground karst and cavern development patterns. 

 Geochemical Analysis of Bitumen Carbonate Strata – The various bitumen 
carbonate strata are known to vary significantly with depth and location relative to the 
edges of the formation.  Key geochemical attributes, related to the proposed recovery 
scenarios need to be assessed and mapped using available existing cores as well as 
cores from areas that may be targeted for initial development. 

 Information from Grosmont Gas Pools – As in the oil sands in the Fort McMurray 
area, much of the Carbonate Triangle, particularly the Upper Grosmont 3 formation, 
contains considerable volumes of shallow gas that is already being produced for sale.  
As containment of thermal and other injectants will be a major factor in assessing 
recovery processes and initial development locations, as much information as 
possible should be gleaned from historical gas reservoir information.  Potentially new 
testing methods might be developed to assess where these gas zones are 
continuously connected and how often they penetrate into the Upper Grosmont 2, or 



 

Low Carbon Futures – March 31, 2007 161 

other bitumen carbonate units, and even whether the gas has been trapped by the 
overlying oil sands or by tight shale barriers. 

Conventional Heavy Oil – While initial, conventional geologic assessments have been 
conducted on much of the conventional heavy oil resource base, reservoir 
characteristics have been significantly modified in areas where CHOPS has been the 
primary production method.  The greatest barrier to EOR in the conventional heavy oil 
deposit will be in achieving a better understanding of how these induced 
communications paths can be managed to support and enhance follow-up recovery 
processes. 

 Leadership in Characterization – Efforts already underway at PTRC, SRC and ARC 
to try to understand “wormholes” and methods of modeling, stabilizing, collapsing, 
tracking, detecting and assessing the wormhole response to oil recovery fluids or 
gases must continue to be a primary focus. 

 Learning from Field Work – While laboratory assessments can help understand 
mechanisms, the actual performance will be governed by in-situ conditions including 
geomechanical stress environments, oil and sand quality variations through the pay 
zone, and if water is present or how water might later enter the producing formation. 

 Sand Production Measurement – Many wells have reportedly produced over 1,000 
m3 of sand.  However, there is no consistent reporting method for assessing sand 
production across the deposit.  As sand production is a strong indicator of the degree 
of change in the formation, greater efforts should be put into this measurement, and 
what factors affect sand production, before all CHOPS areas have been developed. 

 Gas Over Heavy Oil – In some areas, gas pockets have been found in the heavy oil 
zones and anecdotally it is believed that producing this gas reduces heavy oil 
production.  As in the case of bitumen in carbonate formations learning more about 
the gas resources co-located with heavy oil may provide insights into cold production 
in these areas and indicate new approaches for follow-up processes and to make use 
of the gas caps. 

9.2. Direct Contact Steam Generation 
For bitumen in carbonate development, direct contact steam generation appears to offer 
considerable resource recovery advantages, due to the sensitivity of the carbonate 
formation to acidic injectants.  However, the major GHG and economic benefit is simply 
a result of increasing the percentage of the total fuel energy that is transferred to the 
formation.  Similar benefits might be realized in bitumen in sand deposits if the direct 
contact generation can be integrated with SAGD and other shallow, low pressure 
recovery processes.  The potential for high unit portability also make this technology 
widely attractive in all shallow or thin oil sands deposits and even in conventional heavy 
oil, as the increased efficiency of energy input will help to compensate for higher thermal 
losses in thin reservoirs, and fuel and water quality flexibility will reduce the costs of 
utilizing them in a more geographically dispersed resource.  This flexibility should 
facilitate the further development of the technology and field demonstrations even before 
bitumen in carbonates development begins. 
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Leadership in Application Definition – A key initial step in this effort should be a 
broadly based, high-level assessment to develop a range of potential configurations and 
applications of direct contact steam generation equipment, in a wide range of potential 
applications, as for example: surface portable, use for stimulation vs. long-term injection, 
surface large volume, subsurface mineshaft location, subsurface large diameter well 
location, and various novel well architectures such as in conjunction with C-FER’s 
SuperSump concept.  Leadership might be provided through ARC, C-FER and others to 
assess well, mined-access, shaft and tunnel, and other variables for accessing 
reservoirs of various types and geological settings. 

Leadership in Re-Engineering – A great deal of knowledge already exists on 
combustion technologies and considerable efforts were made in the 1970’s to develop 
downhole steam generation systems for deep heavy oil deposits which should be 
revisited.  For the shallower, lower pressure oil sands applications surface direct contact 
generators are much less constrained by the design parameters required in earlier 
designs.  Some manufacturers have already expressed an interest in manufacturing 
units.  Once preferred applications have been defined, manufacturers could be provided 
with information on the basic needs and proceed with prototype design development. 

Alternate Fuels Assessment – While natural gas will likely be the basis for initial units, 
the advantages of burning lower quality fuels should be recognized early and 
development plans should be based on evolving the units to accept bitumen or other 
fuels. 

Alternate Feed Water Quality Information – A survey or catalogue of potential sources 
of feed water which might be accessed across the oil sands region could be developed.  
This would be an on-going task, which might be addressed through the Alberta 
Geological Survey.  This information is needed to assess the impacts and trade-offs of 
minimizing water treatment for the direct steam generation vs. the impacts of any scale 
or mineral deposition which may occur downstream. 

9.3. Steam/Flue Gas Reactions in Carbonates 
While some initial indications are that steam and flue gas could positively impact 
production of bitumen from carbonate formations, this work needs to be revitalized and 
expanded to consider the impacts of other combustion products on recovery and on the 
materials found in the reservoirs.  Degradation of carbonate rock will tend to enhance 
access and recovery. However, degradation of intervening shale barriers could either 
enhance or detract from recovery depending on the process and the properties of the 
adjacent zones. 

Combustion Product, Water and Geochemical Interactions – Injection of combustion 
products from a wide range of fuels, water from a wide range of sources and degrees of 
pre-treatment, and injection into bitumen in sand and various types of carbonate 
formations, will result in a very complex reservoir chemistry.  Laboratory work is required 
to begin to determine how various combinations of conditions will translate into positive 
results, such as increased recovery or sequestration of contaminants, and assess any 
negative results such as scaling, corrosion, adverse side reactions or degradation of 
production.  Impacts on other in-situ materials adjacent to the target pay zone will also 
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have to be assessed such as impacts of acids, water and heat on shale beds within and 
above or below the carbonate formations, and impacts of gases and steam. 

Combustion Gases and Gas Zones – As there appear to be extensive gas zones in 
the Upper Grosmont, some consideration will have to be given to the impact of potential 
contamination of the natural gas resource with nitrogen, carbon dioxide or other flue 
gases.  This may impact timing of development to ensure that the gas resource, which 
often is not owned by the oil sands rights owner is not contaminated or lost. 

9.4. C-FER SuperSump Concept 
C-FER Technologies Inc. developed the SuperSump concept and, was provided with 
some seed funding to produce an initial technical and economic assessment, in 
collaboration with an interested producer.  Their initial report supports the assumption 
that this technology may have an important potential to significantly lower conventional 
heavy oil operating costs.  Lowering operating costs alone increase recoveries that 
might be realized from this resource.  However, further work is needed to:  

 Verify the technical and economic assumptions in the initial study; and,  

 Further develop the concept based on the scenarios proposed in this report which 
were not integrated into the initial assessment. 

Drainage Well Field Pilot – C-FER has proposed that the first step in further 
development of this concept would be to test the drainage well concept with a small two 
well test in an existing operation.  An initial cavern would be developed for the two wells 
and if results proved promising then additional drainage wells could be added.  As most 
of the concept is built around merging proven concepts already in use in the region, this 
will likely be the most critical step for advancing the concept. 

Verification of Economic Benefits – While C-FER based their study on actual field 
cost experience obtained from a producer active in both heavy oil production and cavern 
development, some of the benefits could not be assessed in detail.  The business case 
for this technology will become more robust after one or two field pilots have been 
completed. 

Integration of SuperSump with Heavy Oil EOR Concepts – Due to timing constraints 
for this study, C-FER was unable to have the opportunity to assess how the SuperSump 
concept might be integrated with enhanced recovery processes such as immiscible CO2 
and pressure pulsing schemes, proposed in the scenarios in Section 4 of this report.  
There also has not been time to assess other potential combinations of SuperSump with 
other recovery processes such as VAPEX, periodic steam soak treatments, using 
portable direct contact steam generators, or mining assisted options such as borehole 
mining.  It is assumed that processes selected will generally be low temperature 
processes to allow better control of salt cavern development. 

Other SuperSump Applications – SuperSump may also be of use for other 
hydrocarbon resources which overly salt zones and suffer from low well productivity and 
a need to reduce capital costs and environmental footprints. 
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9.5. Immiscible CO2 Mass Transport Properties in Heavy Oil 
Cores 

Considerable efforts are currently underway to assess opportunities for miscible 
recovery of light oils with CO2 from clean coal, oil sands upgraders, or other sources.  
This activity is also supported by active CO2 and acid gas EOR projects underway in 
western North America and around the world.  There have been some immiscible CO2 
projects undertaken for shallower light oil reservoirs, but to date there has been little 
work on shallow heavy oil resources.  It is anticipated that the mass transport properties 
of heavy oil and CO2 or other solvent and inert gas mixtures, will play a key role in 
immiscible CO2 recovery for this resource. 

Leadership in Assessing Recovery Potential – PTRC and SRC, supported by other 
researchers in Western Canada, have been working to develop new concepts in how 
CO2, in combination with other potential injectants, might interact with heavy oil in-situ.  
Their involvement in the Weyburn-Midale Miscible CO2 project and field piloting through 
the JIVE vapour extraction JIP project has allowed them to develop tools, expertise and 
insights, many of which may be transferable to immiscible CO2 heavy oil applications.  
They have also given consideration to the physics of heavy oil water flooding and have 
assessed field results of water floods to identify key success parameters. 

Surface Development Scenarios – As the conventional heavy oil resource is very 
dispersed due to the relatively thin nature of conventional heavy oil deposits, 
development of low cost, portable, and easily integrated enhanced recovery facilities will 
be a key success criteria for any EOR process.  These constraints will require innovation 
in the sourcing of low cost CO2 or other solvents, and methods to contain, capture and 
recover those solvents and solution gas methane to minimize air emissions and 
minimize development footprints in a primarily agricultural region.  PTRC’s and SRC’s 
initial suggestion that enriched flue gas serve as the basis for CO2 EOR needs to be 
further developed as it is unlikely that widespread long distance transport of pure CO2 
would be a viable option for these relatively low quality and dispersed resources.  As 
heavy oil production rates are low, the demand for CO2 at any recovery site will be highly 
dependent on how fast CO2 is taken up by the heavy oil in the reservoir. 
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10. Conclusions and Recommendations 

10.1. Carbonate Focused R&D 

10.1.1. Reservoir Characterization 
Very little is known about the Grosmont and other carbonate formations containing 
bitumen. Therefore, the early focus must be on learning more about the geology and 
geomechanics of the formations and learning how to deal with the highly variable 
properties of these formations.  Recommended development programs specific to 
bitumen in carbonate formations are: 

 Geosurveying 
 Geological Data Gathering from Wells 
 Monitoring. 

10.1.2. AERI, ARC and Industry R&D Program 
Bitumen in carbonate formations are a considerable resource in Alberta.  AERI, ARC 
and industry are currently designing a joint R&D program to undertake the laboratory 
and field work required to progress the sustainable development of this resource.  This 
joint development program should be supported. 

10.1.3. Direct Contact Steam Generator Development 
The Direct Contact Steam Generator is a key technology for improving energy efficiency, 
reducing cost, reducing water intensity and reducing GHG intensity.  Development of the 
technology occurred some 20 years ago for the purpose of generating steam in deep 
formations to avoid the considerable heat losses on the way down to the formation.  
However, the current need for heavy oil and bitumen is different because in the WCSB, 
formations are relatively shallow.  This opens the possibility to locate the DCSG on the 
surface which would increase design flexibility and reduce maintenance complexity.  The 
key areas for future research are corrosion resistance, operational reliability and impact 
on the reservoir and the recovery process. 

The first step in re-energizing research on DCSG is to conduct a conceptual study of 
direct contact steam production, documenting past development and outlining key 
design criteria for options such as surface location, downhole location and portable units.  
Future steps would include laboratory work using prototypes to improve equipment 
design and better understand the thermal and chemical characteristics of the combined 
combustion gas and steam effluent.  Finally, technology demonstration in the field 
location will eventually be necessary. 

10.1.4. Geochemistry and Geochemical 
The geochemistry and reactions of steam and combustion gases with the formations will 
be complex and varied depending on the state of the carbonate deposit, and the degree 
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of dolomitization and karstification in any given region.  These interactions need to be 
investigated before development begins in earnest. 

10.1.5. Assessing Information from Gas Zones 
Shallow gas production from Upper Grosmont formations has been significant.  Gas over 
bitumen issues are possible in the Carbonate Triangle.  More needs to be done to 
document gas pools that potentially exist over bitumen in carbonate formations.  This 
needs to be done early to avoid possible conflicts and the possibility of creating 
difficulties for recovery that may result from the depletion of overlying gas pools. 

10.1.6. Breaking Barriers 
Development of geomechanical methods to break the shale layers between the 
Grosmont units may be useful in order to treat the formation as a single reservoir. 

10.2. Conventional Heavy Oil Focused R&D 
While conventional heavy oil wells have been under production since the 1950’s, and 
innovations such as CHOPS and progressive cavity pumps have allowed production 
rates to increase dramatically, the industry’s understanding of the recovery mechanism 
is still very incomplete.  Some areas for potential development are: 

10.2.1. Begin Field Testing of Basic SuperSump Concepts 
The SuperSump concept developed by C-FER is a promising recovery technology that 
should be supported.  Basic design principles of the novel concept proposed by C-FER 
could be tested starting with simple two well systems. A proof-of-concept test would 
allow key engineering and economic parameters to be estimated.  This would permit the 
determination of the need for a full-scale technology demonstration pilot. 

10.2.2. Immiscible CO2 EOR 
Immiscible CO2 EOR is a promising concept for additional recovery of heavy oil in the 
Lloydminster area.  Preliminary laboratory work has been done by the Saskatchewan 
Research Council.  Additional experiments are required to better understand the 
recovery process and the role of nitrogen in possibly improving sweep efficiency.  These 
studies would allow researchers to more precisely understand the potential for additional 
recovery from different gas mixtures, including compositional analysis of produced gases 
and liquids. 

Optimization studies between pure CO2 and various enriched flue gas mixtures would 
further develop the concept and pave the way to field experiments and technology 
piloting. 

Low cost, portable CO2 and flue gas delivery systems may be required to cost effectively 
implement immiscible CO2 EOR in the dispersed Lloydminster resource. Capital cost 
should be estimated and optimized for more flexible and portable production and 
injection facilities to match the dispersed character of the deposits. 
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10.2.3. Low-cost Reservoir Monitoring  
Permanent sparse arrays are being installed in Weyburn-Midale and could be a tool for 
reservoir surveillance.  Cross-well seismic with well spacing of 400 m could provide a 
resolution down to 10 cm. 

10.2.4. Reservoir Characterization  
There is a lack of reservoir characterization data for Lloydminster.  Most studies quote 
the same data.  SAGD projects in Athabasca have done more reservoir characterization 
work in less time than what has been done in Lloydminster.  For example, there are few 
tracer studies and no data on sand production. Different operators use different vent gas 
measurement methods and data cannot be compared. 

The GOR of heavy oil left behind after cold production should be measured to determine 
if this oil still contains gas.  There is also a need to study the behaviour of post-CHOPS 
reservoir fluids in comparison to initial production.  A major barrier is to develop 
standardized methods of fluid characterization for heavy oils. 

10.2.5. Improved Understanding of Heavy Oil Water Flooding 
The success being experienced in heavy oil water flooding defies common reservoir 
theory, but must be better understood to allow further improvements and enhancements 
with other injectants. The current parametric study conducted by the Saskatchewan 
Research Council should continue to be supported. 

10.3. Geothermal Opportunities 
Geothermal opportunities from warm produced water that is already flowing to the 
surface as a result of existing oil and gas operations exist in the area northwest of 
Edmonton between Swan Hills and Grande Prairie.  This is a regional opportunity for the 
development of renewable energy using existing infrastructure.  Applications include the 
generation of over 20 megawatts of electrical power and substantial space heating 
applications for community buildings and possibly for agricultural processes such as 
greenhouses and other specialized crops.  This opportunity warrants a focused regional 
study to identify specific opportunities that would build on existing infrastructure and local 
electrical and thermal loads. 

10.4. GHG Technology Focused R&D 
This project identified several opportunities for greenhouse gas emissions reduction as 
follows: 

10.4.1. Vent Gas Reductions 
Continued reductions in methane venting will provide a significant GHG emissions 
reduction in the Lloydminster area.  While producers continue to increase efforts to 
capture vent gas, the development of new technologies such as the SuperSump may 
provide a step change improvement in capturing vent gas. 
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10.4.2. Direct Contact Steam Generator 
The application of Direct Contact Steam Generator would improve energy efficiency by 
approximately 20% for thermal recovery technologies resulting in a GHG emissions 
reduction of similar magnitude.  In addition, injecting CO2 present in combustion gases 
with steam offers the opportunity to sequester a small amount of CO2 in formation 
waters. 

10.4.3. Geothermal Energy 
The development of geothermal energy potential from warm produced water could lead 
to the development of over 20 MW of renewable electrical energy and a larger amount of 
renewable thermal energy. 

10.4.4. Immiscible CO2 EOR 
The development of immiscible CO2 EOR recovery technology for the Lloydminster area 
would avoid the adaptation of existing thermal technologies for these reservoirs and 
result in the avoidance of the large GHG emissions associated with thermal 
technologies. 

10.5. Sustainability Technology Focused R&D 
This project also identified opportunities for reducing the water intensity and land 
footprint associated with heavy oil and bitumen recovery. 

10.5.1. Direct Contact Steam Generator 
The development and use of DCSG allows the use of untreated water which would have 
a direct beneficial impact on requirements for fresh water from thermal recovery 
technologies.  The DCSG also contributes water from combustion gases to the formation 
and this contribution reduces the need for fresh makeup water. 

10.5.2. Immiscible CO2 EOR 
The development of EOR methods based on immiscible CO2 would avoid the 
implementation of thermal methods in the Lloydminster area thereby reducing demand 
for fresh water. 

10.5.3. SuperSump 
The implementation of the SuperSump technology would also result in a smaller land 
footprint for developments in the Lloydminster area.  The implementation of SuperSump 
allows drilling to be conducted from pads which reduces land disturbance as compared 
to the drilling of individual wells. 

10.6. Supporting R&D Efforts 
Reservoir characterization is at key technology development area that is relevant to both 
bitumen in carbonate formations and conventional heavy oil in the Lloydminster area.  
Improve seismic and logging tool methods and tracer studies offering greater resolution 
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and lower costs would have a dramatic positive impact on resource recovery and the 
optimization of the recovery process through reservoir surveillance.  The need to 
develop tools that allow characterization of large-scale porosity such as fractures, vugs, 
caverns and wormholes would provide considerable support to developments in both the 
Grosmont and Lloydminster areas. 

10.7. Additional Exploratory Studies for Other Deposits 
While this report focused on two areas in need of additional technology to improve 
recovery and environmental performance, there are other reservoir categories where 
increased attention would likely pay significant dividends in terms of increase recovery 
and reduced environmental impact.  In particular: 

10.7.1. Athabasca Thin Oil Sand Reservoirs 
Athabasca thin oil sand reservoirs are a considerable resource accounting for 
approximately one quarter of all oil sand resources. This resource is of the same 
magnitude as bitumen in carbonate formations.  Technology concepts for this reservoir 
category need to be explored and modeled.  The methods and tools developed in this 
project could easily be applied to this challenge and used to identify directions for future 
R&D and technology developments. 

10.7.2. Athabasca Shallow Oil Sand Reservoirs 
Shallow oil sand reservoirs are oil sand deposits that are too deep to mine but to shallow 
for classic SAGD. They may eventually be developed using low pressure SAGD 
including hybrid methods that incorporates solvent with steam.  However these 
technology developments are in very early stages. Exploration of novel technology 
concepts would be beneficial and may lead to the identification of major challenge for 
R&D.  In particular, challenges are likely to exist with respect to barriers that would 
contain steam and solvents and avoid breakthrough of steam and solvents into overlying 
groundwater and the surface. 
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Appendix1 – PTAC Recovery Technology Model 
 

Selection of Model Options 

Option Name Option Selection 

Reservoir <Reservoir Selection> 

First Process <First Process Selection> 

Steam Generator 
<First Steam Generator Selection> 

Make Up Water 
Source <First Make Up Water Selection> 

Fuel <First Fuel Selection> 

Electricity Source 
<First Electricity Selection> 

Second Process <Second Process Selection> 

Steam Generator <Second Steam Generator 
Selection> 

Make Up Water 
Source 

<Second Make Up Water 
Selection> 

Fuel <Second Fuel Selection> 

Electricity Source <Second Electricity Selection> 

Third Process <Third Process Selection> 

Steam Generator <Third Steam Generator Selection> 

Make Up Water 
Source <Third Make Up Water Selection> 

Fuel <Third Fuel Selection> 

Electricity Source <Third Electricity Selection> 

 
  
 

  

 

Clear Form  
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Presentation of GHG and Recovery Summary Results 

Parameter Units Values 

Reservoir   No reservoir selected 

First Process     

Process Name   <First Process 
Selection> 

Recovery % OOIP No process selected 

Cumulative Recovery % OOIP No process selected 

Total Energy Intensity GJ per m3 of oil/bitumen produced  <First Process 
Selection> 

Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  No process selected 

Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  No process selected 

Total Operating Costs CA$ per m3 of oil/bitumen produced No process selected 

Second Process     

Process Name   <Second Process 
Selection> 

Recovery % OOIP No process selected 

Cumulative Recovery % OOIP No process selected 

Total Energy Intensity GJ per m3 of oil/bitumen produced  <Second Process 
Selection> 

Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  No process selected 

Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  No process selected 

Total Operating Costs CA$ per m3 of oil/bitumen produced No process selected 

Third Process     

Process Name   <Third Process 
Selection> 

Recovery % OOIP No process selected 

Cumulative Recovery % OOIP No process selected 



 

Low Carbon Futures – March 31, 2007 180 

Total Energy Intensity GJ per m3 of oil/bitumen produced  <Third Process 
Selection> 

Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  No process selected 

Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  No process selected 

Total Operating Costs CA$ per m3 of oil/bitumen produced No process selected 

Total after Three 
Processes 

    

Cumulative Recovery % OOIP No process selected 

Total Energy Intensity GJ per m3 of oil/bitumen produced  No process selected 

Total Fresh Water Intensity m3 water per m3 of oil/bitumen produced  No process selected 

Total GHG Intensity kg CO2 per m3 of oil/bitumen produced  No process selected 

Total Operating Costs CA$ per m3 of oil/bitumen produced No process selected 
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User Defined Process 3 
Parameter Units Value Source 
Recovery Factor %    
Uses Steam and Fuel Yes or No    

Uses Make Up Water Yes or No    

Cumulative SOR at End of 
Process 

m3 steam (CWE) per 
m3 of bitumen 

produced  

   

Energy Requirement for 
Steam Production 

m3 natural gas per 
m3 of steam 

   

Steam Energy Required GJ per m3 oil/bitumen 
produced 

   

Natural Gas Used on Lease 
(Except for Steam) 

GJ per m3 oil/bitumen 
produced 

   

Electrical Energy Required GJ per m3 oil/bitumen 
produced 

   

Energy Required for Trucks GJ per m3 oil/bitumen 
produced 

   

Make Up Water 
Requirement 

% of injected water 
volume 

   

Make Up Water 
Requirement 

m3 water per m3 
oil/bitumen produced 

   

Methane Venting m3 methane per m3 
oil/bitumen produced 

    

User Defined Fuel 
Parameter Units Value Source 

Energy Content per Volume  GJ/m3    
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Density kg/m3    

Water Content in 
Combustion Gases 

kg H2O per kg fuel    

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel    

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel    

Cost CA$ per GJ    

User Defined Water 
Parameter Units Value Source 

Creates Demand on Fresh 
Water Supply 

Yes or No  Yes = 1; No = 0 

Cost CA$ per m3    
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User Defined Electricity 

Parameter Units Value Source 

CO2 Emissions kg CO2 per MWh    

Cost CA$ per kWh     

User Defined Reservoir 

Parameter Units Value Source 

Average Depth m    

Average Porosity %    

Average Pressure MPa    

Average Temperature °C    

Average Oil Saturation % pore volume     
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Detailed Results for First Process 

First Process Detailed Information Reservoir Characterization 
  Units Values   Units Original 

Reservoir 
Conditions  

Reservoir 
Conditions after 

First Process  
Basic Process 
Information 

    Reservoir Name   No reservoir 
selected 

No reservoir 
selected 

Process Name   <First Process 
Selection> 

Average Oil 
Saturation 

% pore 
volume 

No reservoir 
selected 

No process 
selected 

Recovery Factor of 
First Process 

% OOIP No process 
selected 

    

Cumulative Recovery  % OOIP No process 
selected 

    

Energy Information         

Cumulative SOR at 
End of Process 

  No process 
selected 

    

Steam Energy 
Required 

GJ per m3 of 
oil/bitumen produced  

No process 
selected 

    

Natural Gas Used on 
Lease (Except for 
Steam) 

GJ per m3 of 
oil/bitumen produced  

No process 
selected 

    

Electrical Energy 
Required 

GJ per m3 of 
oil/bitumen produced  

No process 
selected 

    

Energy Required for 
Trucks 

GJ per m3 of 
oil/bitumen produced  

No process 
selected 

    

Steam Generator   <First Steam 
Generator 
Selection> 
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Steam Energy Saved 
by DCST 

percent of steam 
energy produced 

No steam 
generator selected 

    

Steam Energy Saved 
by DCST 

GJ per m3 of 
oil/bitumen produced  

No steam 
generator selected 

    

Total Energy Intensity GJ per m3 of 
oil/bitumen produced  

<First Process 
Selection> 

    

Water Information         

Make Up Water 
Requirement 

m3 water per m3 of 
oil/bitumen produced  

<First Process 
Selection> 

    

Water Provided by 
Combustion Gas 

m3 water per m3 of 
oil/bitumen produced  

No steam 
generator selected 

    

Water Source   <First Make Up 
Water Selection> 

    

Fresh Make Up Water 
Requirement 

m3 water per m3 of 
oil/bitumen produced  

No process 
selected 

    

GHG         

Fuel   <First Fuel 
Selection> 

    

Vent Gas m3 methane per m3 
oil/bitumen produced 

No process 
selected 

    

CO2 Emissions from 
Steam Production 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

CO2 Emissions from 
Natural Gas Used on 
Lease (Except for 
Steam) 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    



 

Low Carbon Futures – March 31, 2007 186 

CO2 Emissions from 
Electricity Usage 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

CO2 Emissions from 
Trucks 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

CO2 Emissions from 
Vent Gas 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

Gross GHG 
Emissions 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

GHG Stored in 
Formation 

kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

Total GHG Intensity kg CO2 per m3 of 
oil/bitumen produced 

No process 
selected 

    

Economics         
Cost of Steam Energy CA$ per m3 of 

oil/bitumen produced 
No process 

selected 
    

Cost of Natural Gas 
Used on Lease 
(Except for Steam) 

CA$ per m3 of 
oil/bitumen produced 

No process 
selected 

    

Cost of Electrical 
energy 

CA$ per m3 of 
oil/bitumen produced 

No process 
selected 

    

Cost of Energy for 
Trucks 

CA$ per m3 of 
oil/bitumen produced 

No process 
selected 

    

Cost of Make Up 
Fresh Water 

CA$ per m3 of 
oil/bitumen produced 

No process 
selected 

    

Cost of CO2 
Emissions 

CA$ per m3 of 
oil/bitumen produced 

No process 
selected 
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Total Cost CA$ per m3 of 
oil/bitumen produced 

No process 
selected 
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Natural Gas 

Parameter Units Value Source 

Energy Content per Volume  GJ/m3 0.0374 Alberta Energy and Utilities Board (2006). Alberta's Energy Reserves 
2005 and Supply/Demand Outlook 2005-2015. ST98-2006. Calgary, 
Alberta.  

Density kg/m3 0.675   

Water Content in 
Combustion Gases 

kg H2O per kg fuel 2.250 Calculation 

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel 2.75 Calculation 

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel 49.63 Calculation 

Cost CA$ per GJ $7.00 Assumption 

Bitumen 

Parameter Units Value Source 

Energy Content per Volume  GJ/m3 42.8 Alberta Energy and Utilities Board (2006). Alberta's Energy Reserves 
2005 and Supply/Demand Outlook 2005-2015. ST98-2006. Calgary, 
Alberta.  

Density kg/m3 1000   
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Water Content in 
Combustion Gases 

kg H2O per kg fuel 1.000 Calculation 

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel 3.26 Calculation 

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel 76.15 Calculation 

Cost CA$ per GJ $3.88 Assumption (WTI = US$ 60 per barrel; bitumen = 40% WTI; US$ = 1.1 
CA$; based on CAPP information) 

Heavy Oil 

Parameter Units Value Source 

Energy Content per Volume  GJ/m3 41.4 Alberta Energy and Utilities Board (2006). Alberta's Energy Reserves 
2005 and Supply/Demand Outlook 2005-2015. ST98-2006. Calgary, 
Alberta.  

Density kg/m3 980   

Water Content in 
Combustion Gases 

kg H2O per kg fuel 1.286 Calculation 

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel 3.14 Calculation 

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel 74.40 Calculation 

Cost CA$ per GJ $7.02 Assumption (WTI = US$ 60 per barrel; heavy oil = 70% WTI; US$ = 1.1 
CA$; based on CAPP information) 

User Defined Fuel 



 

Low Carbon Futures – March 31, 2007 190 

Parameter Units Value Source 

Energy Content per Volume  GJ/m3 0   

Density kg/m3 0   

Water Content in 
Combustion Gases 

kg H2O per kg fuel 0.000   

CO2 Emissions from 
Combustion (per mass fuel) 

kg CO2 per kg fuel 0.00   

CO2 Emissions from 
Combustion (per energy 
content of fuel) 

kg CO2 per GJ of fuel 0.00   

Cost CA$ per GJ $0.00   
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Reservoir Data Sheets 

Hyperlinks Grosmont Lloydminster User Defined Reservoir 

Grosmont 

Parameter Units Value Source 

Average Depth m 300   

Average Porosity % 20   

Average Pressure MPa 1.03   

Average Temperature °C 10   

Average Oil Saturation % pore volume 79%   

Lloydminster 

Parameter Units Value Source 

Average Depth m 450   

Average Porosity % 30   
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Average Pressure MPa 2.40   

Average Temperature °C 15   

Average Oil Saturation % pore volume 88%   

User Defined Reservoir 

Parameter Units Value Source 

Average Depth m 0   

Average Porosity % 0   

Average Pressure MPa 0.00   

Average Temperature °C 0   

Average Oil Saturation % pore volume 0%   
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Other Data Sheets 

Hyperlinks Electricity - Alberta 
Grid 

Electricity - 
Cogeneration 

User Defined Electricity 

Direct Contact Steam 
Generator 

Once Through Steam 
Generator 

Surface or 
Ground 
Water 

Saline Aquifer 

User Defined Water Carbon Dioxide     

Electricity - Alberta Grid 

Parameter Units Value Source 

CO2 Emissions kg CO2 per MWh 800 EDC Associates (2004). Electricity Price, Energy Production and 
Emissions Impact. Calgary, Alberta, Clean Air Strategic Alliance. (66% * 
1048 + 28% * 362) 

Cost CA$ per kWh $0.05 Assumption 

Electricity - Cogeneration 

Parameter Units Value Source 

CO2 Emissions kg CO2 per MWh 250 National Energy Board (2006). Emerging Technologies in Electricity 
Generation. Calgary, Alberta. (with thermal side displacing a 80% 
efficiency boiler) 

Cost CA$ per kWh $0.05 Assumption 
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User Defined Electricity 

Parameter Units Value Source 

CO2 Emissions kg CO2 per MWh 0   

Cost CA$ per kWh $0.00   

Direct Contact Steam Generator 

Parameter Units Value Source 

Combustion Gases Injected 
with Steam 

Yes or No 1 Yes = 1; No = 0 

Energy Loss Avoided % 20% Assumption 

Once Through Steam Generator 

Parameter Units Value Source 

Combustion Gases Injected 
with Steam 

Yes or No 0 Yes = 1; No = 0 

Energy Loss Avoided % 0% Assumption 

Surface or Ground Water 

Parameter Units Value Source 
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Creates Demand on Fresh 
Water Supply 

Yes or No 1 Yes = 1; No = 0 

Cost CA$ per m3 $3.15 Assumption 

Saline Aquifer 

Parameter Units Value Source 

Creates Demand on Fresh 
Water Supply 

Yes or No 0 Yes = 1; No = 0 

Cost CA$ per m3 $0.12 Assumption 

User Defined Water 

Parameter Units Value Source 

Creates Demand on Fresh 
Water Supply 

Yes or No 0 Yes = 1; No = 0 

Cost CA$ per m3 $0.00   

Carbon Dioxide 

Parameter Units Value Source 

CO2 Emissions from Diesel kg CO2 per GJ of fuel 78.06 Calculation (3.07 kg CO2 per kg diesel; 0.89 kg per m3; 35 GJ per m3) 

CO2 Emissions from Vent 
Gas 

kg CO2 per m3 14.18 Calculation 
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Cost of CO2 Emissions CA$ per tonne $15.00 Assumption 

Cost of Purchased CO2 CA$ per tonne $15.00 Assumption 

Cost of Diesel CA$ per GJ $25.43 Assumption ($1.00 per l; 35 GJ per m3) 
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Appendix 2 – Alberta Oil Pools with Geothermal 
Potential 
 

Field Name Pool Name Formation 
Temperature 

(C) 

September-
2006 

Produced 
Water Rate 

(m3/day) 

January-
1995 

Produced 
Water 
Rate 

(m3/day) 

Energy 
Content 
(GJ per 

day) 

Swan Hills Beaverhill 
Lake A&B 

104 54,039  35,716  15,902  

Judy Creek Beaverhill 
Lake A 

96 33,642  27,788  8,662  

Swan Hills 
South 

Beaverhill 
Lake A&B 

107 24,356  27,275  7,503  

Virginia Hills Beaverhill 
Lake 

102 13,470  12,554  3,840  

Carson Creek 
North 

Beaverhill 
Lake A & B 

88 14,519  8,248  3,204  

Sturgeon 
Lake South 

D-3 88 13,631  4,683  3,008  

Kaybob Beaverhill 
Lake A 

113 7,025  5,503  2,358  

Judy Creek Beaverhill 
Lake B 

97 7,679  8,087  2,013  

Goose River Beaverhill 
Lake A 

110 4,104  2,856  1,321  

Nipisi Gilwood A 49 28,511  27,932  1,180  
Virginia Hills Belloy A 70 7,965  2,217  1,099  
Meekwap D-2 A 80 3,566  2,658  656  
Leduc-
Woodbend 

D-3 A 66 5,336  1,289  638  

Pembina Cardium 46 22,791  19,122  629  
Snipe Lake Beaverhill 

Lake 
88 2,763  1,082  610  

Wimborne D-3 A 79 2,910  2,273  522  
Windfall D-3 A 104 1,751  1,582  515  
Mitsue Gilwood A 60 5,390  9,624  496  
Innisfail D-3 92 1,682  1,424  402  
Simonette Beaverhill 

Lake A 
112 1,163  1  385  

Kaybob South Triassic A 86 1,770  1,326  374  
Fenn-Big 
Valley 

D-2 A 58 4,337  5,898  359  

Rainbow Keg River B 85 1,701  1,836  352  
Harmattan 
East 

Rundle 85 1,511  3,930  313  
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Caroline Rundle A 91 1,252  2,182  294  
Wembley Halfway B 83 1,247  11  247  
Windfall D-2 A 96 924  0  238  
Wayne-
Rosedale 

Nisku A 54 3,075  0  198  

Rainbow Keg River F 85 877  2,636  182  
Sylvan Lake Pekisko B 69 1,298  1,020  173  
Westerose 
South 

D-3 A 77 973  14  166  

Fox Creek Beaverhill 
Lake A 

110 511  375  164  

Spirit River Charlie Lk K 
& Hfwy F 

59 1,802  280  157  

Seal Slave Point 
A 

68 1,169  367  150  

Harmattan-
Elkton 

Rundle C 94 584  1,284  145  

Sturgeon 
Lake 

D-3 88 648  534  143  

Bashaw D-2 L 70 1,003  2  138  
Simonette D-3 105 456  3,315  136  
Utikuma Lake Keg River 

Sand A 
49 3,281  2,642  136  

Homeglen-
Rimbey 

D-3 83 666  202  132  

Clive D-3 A 66 1,085  1,060  130  
Pembina Nisku II 85 577  0  119  
Rainbow Keg River 

EE 
86 561  1,769  119  

Sturgeon 
Lake South 

D-3 C 88 527  0  116  

Fox Creek Beaverhill 
Lake C 

112 339  0  112  

Hays Sawtooth F 58 1,346  2,006  111  
Rainbow Muskeg C 84 537  188  109  
Rainbow Muskeg S 82 556  350  107  
Rainbow Keg River U 88 464  327  102  
Turner Valley Rundle 60 1,096  1,116  101  
Bigoray Cardium B 49 2,407  643  100  
Rycroft Halfway C 55 1,391  587  96  
Normandville Beaverhill 

Lake C 
79 525  0  94  

Pembina Nisku F 83 474  318  94  
Stettler D-3 A 63 876  784  93  
Cyn-Pem Cardium D 54 1,371  615  88  
Rainbow Keg River I 79 486  130  87  
Drumheller D-2 C 55 1,251  13  86  
Slave Slave Point 50 1,845  306  85  
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H 
Caroline Cardium E 73 545  448  83  
Pembina Nisku TT 85 399  0  83  
Little Horse Gilwood P 64 746  36  82  
Shadow Gilwood E 78 434  39  76  
Drumheller D-2 B 54 1,171  2,955  75  
Girouxville 
East 

Gilwood B 78 426  45  74  

Pembina Nisku C 84 360  366  73  
Swalwell D-2 C 62 699  51  71  
Gilby Jurassic B 71 493  775  70  
Halkirk Upper 

Mannville R 
48 1,868  115  69  

Ante Creek Beaverhill 
Lake 

110 208  712  67  

Cherhill Banff A 48 1,808  922  67  
Rainbow Keg River JJ 90 286  0  66  
Rainbow Keg River N 84 321  204  65  
Rainbow 
South 

Keg River B 84 319  72  64  

Excelsior D-2 48 1,718  2,304  63  
Rainbow Keg River 

B3B 
88 279  210  62  

Sturgeon 
Lake South 

D-3 D 89 271  64  61  

Pembina Nisku N 88 269  176  59  
Drumheller D-2 A 55 856  806  59  
Simonette D-3 D 106 193  27  59  
Dawson Slave Point 

N 
65 508  8  58  

Fenn West D-2 A 61 594  481  57  
Rainbow Mskg II & 

Keg River K 
88 259  169  57  

Bashaw D-2 G 51 1,128  63  57  
Brazeau River Nisku L 105 189  0  57  
Bigoray Nisku H 73 369  132  56  
Cranberry Slave Point 

D 
92 227  0  54  

Slave Slave Point 
S 

50 1,121  230  52  

Joffre Viking 51 1,011  707  51  
Rainbow 
South 

Keg River C 88 227  151  50  

Normandville Beaverhill 
Lake I 

79 278  0  50  

Shekilie Keg River 
UUU 

70 351  3  48  

Fenn-Big D-3 F 61 500  293  48  



 

Low Carbon Futures – March 31, 2007 200 

Valley 
Sylvan Lake Pekisko C 72 319  574  47  
Bashaw D-2 A & D-3 

A 
57 582  99  46  

Glenevis Banff 43 3,292  1,371  45  
Utikuma Lake Keg River 

Sand N 
49 1,091  762  45  

Pembina Nisku GG 76 270  0  45  
High Prairie Gilwood F 86 206  23  44  
Rainbow Keg River 

QQQ 
90 187  1  43  

Sylvan Lake Pekisko D 76 259  387  43  
Shadow Gilwood BB 86 202  0  43  
Sakwatamau Belloy A 72 289  19  42  
Medicine 
River 

Pekisko I 71 293  99  42  

Nipisi Keg River 
Sand E 

50 902  382  41  

Samson Blairmore A 60 442  0  41  
Hotchkiss Gilwood C 77 239  20  41  
Gift Slave Point 

A 
64 361  150  40  

Windfall D-3 L 102 138  0  39  
Sturgeon 
Lake South 

Beaverhill 
Lake A 

90 167  0  38  

Rainbow Keg River 
DD 

87 174  0  38  

Rainbow 
South 

Muskeg H 77 221  69  38  

Rainbow 
South 

Keg River A 81 199  6  37  

High Prairie Gilwood B 81 198  89  37  
Glen Park D-3 A 74 238  562  37  
Wayne-
Rosedale 

Nisku E 62 363  0  37  

Red Earth Sl Pt A;Grwh 
A & VV 

48 996  681  37  

Clive D-2 A 69 269  482  36  
Willesden 
Green 

Br;Card A & 
Vik Mu#1 

60 389  302  36  

Herronton Turner Valley 
K 

66 299  7  36  

Haynes D-2 A & D-3 
A 

61 369  105  36  

Taber North Taber K 54 553  233  36  
Crystal Viking A 76 215  184  36  
Bigoray Nisku K 69 266  77  36  
Strathmore Lower 

Mannville B 
53 587  386  35  
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Widewater Gilwood A 62 343  114  35  
Grand Forks Sawtooth PP 83 175  57  35  
Brazeau River Nisku X 106 111  52  34  
Stettler D-2 A 62 332  248  34  
Medicine 
River 

Jurassic C 63 313  231  33  

Morinville D-3 B 60 359  133  33  
Rainbow 
South 

Keg River E 90 143  36  33  

Hotchkiss Gilwood D 77 192  10  33  
Bigoray Nisku D 80 178  368  33  
Wood River D-2 E 72 217  76  32  
Rainbow Keg River 

WWW 
87 146  0  32  

St Albert-Big 
Lake 

D-3 A 58 380  86  31  

Little Horse Gilwood N 64 285  2  31  
Fenn-Big 
Valley 

D-3 E 58 376  4  31  

Pouce Coupe 
South 

Boundary B 75 188  39  30  

Greencourt Jur A;Pek A 
& F 

58 366  76  30  

Rainbow Keg River ZZ 87 139  8  30  
Chinchaga 
North 

Slave Point 
A 

96 116  0  30  

Utikuma Lake Keg River 
Sand MM 

50 649  160  30  

Rainbow 
South 

Keg River D 92 124  10  30  

Simonette Beaverhill 
Lake B 

112 88  0  29  

Shekilie Mskg P & Kr 
I2I 

82 150  0  29  

Normandville Beaverhill 
Lake D 

81 154  0  29  

Shekilie Keg River Y 82 149  0  29  
Gilwood Gilwood F 86 135  18  28  
Ferrier Br 

Q;Cardium G 
& L 

70 206  155  28  

Rainbow Sulphur 
Point B 

72 190  99  28  

Leduc-
Woodbend 

D-3 B 66 231  159  28  

Pembina Ostracod E 57 352  204  28  
Leaman Pekisko C 61 285  0  27  
Rainbow Keg River 

M4M 
87 127  0  27  
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Carrot Creek Cardium F 56 367  414  27  
Rainbow Keg River 

UUU 
83 136  16  27  

Sylvan Lake D-3 B 85 129  37  27  
Lathom Upper 

Mannville C 
45 1,161  353  27  

Dawson Slave Point 
Y 

56 359  0  26  

Bigoray Pekisko A 64 238  14  26  
Black Keg River A 91 112  104  26  
Rainbow Keg River A 84 129  90  26  
Wizard Lake D-3 A 72 177  3,199  26  
Grouard Gilwood A 86 123  82  26  
Rainbow Keg River 

C2C 
84 127  59  26  

Sousa Keg River 
OO 

77 151  0  26  

Pembina Nisku I 94 103  6  26  
Sousa Keg River A 74 162  0  25  
Cyn-Pem Cardium L 56 342  377  25  
Zama Keg River 

L4L 
70 177  289  24  

Morinville D-3 H 58 295  0  24  
Acheson D-3 A 60 263  569  24  
Kelsey Lower 

Mannville K 
44 1,293  0  24  

Medicine 
River 

D-3 A 88 106  37  23  

Wood River D-2 C 62 231  152  23  
Joffre D-2 77 132  175  22  
Gift Gilwood K 63 208  17  22  
Mikwan D-3 B 76 132  65  22  
Rainbow Keg River 

OO 
85 105  616  22  

Bashaw D-2 B 62 213  156  22  
Chamberlain Blairmore 46 764  0  21  
Red Willow Camrose F 53 352  13  21  
Rainbow 
South 

Keg River F 88 94  0  21  

West 
Drumheller 

D-2 A 56 282  685  21  

Seal Slave Point L 54 321  0  21  
Golden Spike D-3 C 67 166  106  21  
Elnora Nisku A 71 143  0  20  
Ewing Lake D-2 D 66 169  130  20  
Cyn-Pem Cardium A 56 270  1,096  20  
High Prairie Gilwood A 81 105  24  20  
Sylvan Lake Pekisko G 89 86  3  19  
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Gilby Upper 
Mannville J 

66 158  0  19  

Medicine 
River 

Jurassic D & 
GG 

68 145  64  19  

Girouxville 
East 

Bvhl Lk B & 
Glwd D 

79 103  0  18  

Windfall D-3 C 103 63  16  18  
Rainbow Keg River II 89 81  427  18  
Sturgeon 
Lake South 

D-3 E 87 83  0  18  

Nevis Devonian & 
D-2 C 

58 215  109  18  

Calais D-3 A 91 76  282  18  
Rainbow Keg River S 85 83  198  17  
Crossfield Rundle E 71 117  89  17  
Boundary 
Lake South 

Triassic E 47 512  469  16  

Taber North Taber V 54 254  135  16  
Sturgeon 
Lake South 

Triassic B 54 254  227  16  

Pembina Nisku HH 76 97  0  16  
Zama Keg River 

PP 
80 87  17  16  

Shadow Gilwood NN 86 76  0  16  
Tangent D-1 M 59 182  0  16  
Rycroft Charlie Lake 

A 
54 246  230  16  

Sousa Keg River 
DD 

75 97  0  16  

Zama Keg River 
A2A 

71 108  19  15  

Sturgeon 
Lake South 

Blueridge A 82 80  0  15  

Medicine 
River 

Glc D;Ost A 
& Bq NN 

67 124  56  15  

Sousa Keg River F 80 83  6  15  
Taber South Mannville B 41 3,300  2,380  15  
Erskine D-3 61 156  847  15  
Amber Keg River 

HH 
82 78  0  15  

Zama Keg River H 74 96  72  15  
Halkirk Upper 

Mannville D 
45 650  290  15  

Rainbow Keg River T 86 70  20  15  
Rainbow Muskeg A 86 70  0  15  
Buffalo Lake D-3 59 168  44  15  
Two Creek Jurassic A 65 127  0  15  
Rainbow Keg River 

H2H 
87 68  6  15  
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Chigwell 
North 

D-3 B 72 96  1  14  

Sousa Keg River 
UU 

88 64  0  14  

Cyn-Pem Nisku A 90 61  20  14  
Seal Slave Point 

N 
58 169  0  14  

Rainbow 
South 

Keg River Y 88 63  40  14  

Medicine 
River 

Jurassic A 63 131  107  14  

Black Keg River E 86 65  0  14  
Pembina Nisku S 84 68  20  14  
Pembina Card;Mann & 

Jur Mu#1 
60 148  5  14  

Rainbow Muskeg J 88 61  0  13  
Armisie Blairmore 49 324  82  13  
Bigoray Nisku G 74 85  132  13  
Pembina Nisku T 84 65  17  13  
Progress Boundary C 71 90  0  13  
Shekilie Keg River 

M2M 
80 69  7  13  

Girouxville 
East 

Beaverhill 
Lake F 

83 64  0  13  

Pembina Nisku Z 92 53  0  13  
Gift Gilwood M 60 138  167  13  
Rainbow Keg River 

MM 
84 62  95  13  

Kakut Charlie Lake 
B 

63 119  175  13  

Swalwell D-2 H 79 70  0  13  
Clair Halfway D 73 82  0  12  
Bigoray Nisku E 80 67  61  12  
Rainbow Keg River LL 86 58  0  12  
Fenn West D-2 G 62 119  1  12  
Swalwell D-2 A 69 91  7  12  
Sousa Keg River 

RR 
88 54  0  12  

Dawson Slave Point 
WW 

56 162  0  12  

Shadow Gilwood O 86 56  0  12  
Progress Boundary B 74 75  0  12  
Gift Gilwood E 71 82  23  12  
Otter Granite 

Wash A 
43 842  446  12  

Zama Keg River FF 78 66  38  12  
Evi Gilwood H 49 277  124  11  
Zama Keg River E 79 63  0  11  
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Zama Keg River M 71 79  3  11  
Shadow Gilwood F 78 64  28  11  
Seal Slave Point 

G 
54 173  15  11  

Black Keg River I 87 51  0  11  
Girouxville 
East 

Granite 
Wash A 

76 67  55  11  

Acheson D-2 A 57 140  75  11  
Dawson Slave Point 

AAA 
56 147  0  11  

Swalwell D-1 A 85 52  0  11  
Bashaw D-2 E 70 78  86  11  
Zama Keg River 

D9D 
71 75  0  11  

Buffalo Lake D-3 B 57 136  52  11  
Bashaw D-2 F 70 76  22  11  
Utikuma Lake Keg River 

Sand M 
52 190  210  11  

Sousa Keg River 
HH 

75 65  0  10  

Grande 
Prairie 

Halfway Y 76 63  0  10  

Twining Umn O;Lmn 
A & Run A 

61 107  124  10  

Morinville D-3 E 61 107  75  10  
Sunset Triassic A 60 112  127  10  
Normandville Beaverhill 

Lake G 
81 54  0  10  

Turin Livingstone 
A 

42 1,107  256  10  

Seal Slave Point 
K 

54 158  0  10  

Grande 
Prairie 

Halfway X 70 73  0  10  

Rainbow Sulphur 
Point O 

81 54  17  10  

Dawson Slave Point 
U 

56 137  0  10  

Amber Keg River 
AA 

82 52  54  10  

Youngstown Arcs 42 1,090  641  10  
Pembina Basal Belly 

River Q 
49 241  32  10  

Bonanza Boundary A 54 155  11  10  
Zama Keg River 

A5A 
69 74  3  10  

Medicine 
River 

Pekisko E 71 69  132  10  

High Prairie Gilwood G 85 47  39  10  
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Virgo Keg River 
AA 

72 66  0  10  

Grand Forks Sawtooth A 42 1,056  619  10  
Dunvegan Debolt & 

Elkton Mu#1 
52 172  50  9  

Culp Wabamun I 60 103  10  9  
Bashaw D-2 D 70 68  29  9  
Shekilie Keg River 

P2P 
82 48  0  9  

Normandville D-3 C 69 69  11  9  
Cyn-Pem Viking B 61 95  0  9  
Fenn West D-2 E & D-3 

E 
62 89  230  9  

Black Muskeg F 82 47  0  9  
Medicine 
River 

Basal Quartz 
B 

70 65  18  9  

Rainbow 
South 

Keg River N 69 67  15  9  

West 
Drumheller 

D-3 A 57 114  107  9  

Tangent D-1 Y 60 97  0  9  
Ante Creek 
North 

Triassic E 64 80  0  9  

Garrington Leduc G 92 37  0  9  
Pembina Ellerslie A 69 66  0  9  
Hotchkiss Gilwood B 77 52  1  9  
Normandville Slave Point 

A 
81 47  0  9  

Bashaw D-2 C 70 63  72  9  
Mikwan D-2 K & D-3 

E 
59 99  0  9  

Fenn-Big 
Valley 

D-3 A 58 105  35  9  

Redwater Basal 
Mannville I 

43 628  0  9  

Sousa Keg River D 80 47  0  9  
Utikuma Lake Keg River 

Sand T 
49 208  81  9  

Joffre D-3 C 74 55  0  9  
Nelson Lower 

Mannville B 
47 266  0  9  

Morinville D-3 L 57 108  0  8  
Gilby Basal 

Mannville B 
69 63  169  8  

Ewing Lake D-2 C 66 70  35  8  
Red Willow Camrose H 53 140  0  8  
Joffre D-2 D 66 70  0  8  
Sturgeon 
Lake South 

Triassic F 61 84  0  8  
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Randell Gilwood K 69 61  0  8  
Virgo Keg River Y 69 61  6  8  
Zama Muskeg AAA 79 44  0  8  
Grand Forks Sawtooth VV 42 866  579  8  
Seal Slave Point 

H 
54 123  104  8  

Normandville Beaverhill 
Lake F 

81 42  0  8  

Fire Keg River C 77 46  0  8  
Alexis Banff A 43 567  122  8  
Zama Keg River 

B2B 
68 61  9  8  

Larne Keg River 
OOO 

65 68  0  8  

Fire Keg River D 68 60  0  8  
Tangent D-1 WW 60 84  16  8  
Rainbow Keg River X 87 35  8  8  
Carrot Creek Cardium K 68 59  21  8  
Nipisi Gilwood G 56 103  0  8  
Mcleans 
Creek 

Gilwood F 86 36  48  8  

Sousa Keg River II 75 47  0  8  
Rainbow Keg River 

N4N 
84 37  0  8  

Shekilie Keg River 
S2S 

70 54  0  7  

Garrington Card;Vik & 
Mann Mu#1 

64 67  34  7  

Fenn-Big 
Valley 

D-3 B 59 85  30  7  

Fenn-Big 
Valley 

D-3 H 57 94  37  7  

Little Horse Gilwood FF 64 67  0  7  
Niton Bsl Qtz A & 

Rock Ck F 
76 44  23  7  

Highvale Banff A 60 79  57  7  
Utikuma Lake Keg River 

Sand I 
49 174  51  7  

Carrot Creek Cardium D 52 129  114  7  
Rainbow Keg River 

JJJ 
86 34  8  7  

Westerose 
South 

Banff C 66 60  0  7  

Sousa Keg River III 64 64  0  7  
Manir Charlie Lake 

A 
50 154  85  7  

Randell Gilwood G 58 85  0  7  
Evi Gilwood JJ 49 170  0  7  
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Halkirk Upper 
Mannville J 

48 190  138  7  

Rainbow Keg River 
CCC 

80 38  21  7  

Judy Creek 
South 

Beaverhill 
Lake 

85 34  15  7  

Sousa Keg River 
FFF 

75 43  0  7  

Shekilie Keg River 
Y2Y 

78 40  0  7  

Rainbow Keg River 
Z3Z 

88 31  0  7  

Zama Keg River O 71 48  2  7  
Shadow Gilwood II 86 32  0  7  
Valhalla Boundary M 66 57  0  7  
Shekilie Keg River V 83 34  3  7  
Fairydell-Bon 
Accord 

D-3 A 47 210  188  7  

Zama Keg River 
R6R 

71 47  0  7  

Morinville D-3 A 56 91  0  7  
Pembina Nisku EE 92 28  0  7  
Mcleans 
Creek 

Gilwood N 86 32  0  7  

Virgo Keg River 
X4X 

63 63  15  7  

Seal Slave Point 
O 

54 102  0  7  

Morinville D-3 C 52 119  72  7  
Cyn-Pem Cardium C 57 84  27  7  
Duhamel D-2 A 54 101  353  7  
Grande 
Prairie 

Halfway V 76 39  0  7  

Normandville D-3 B 66 54  50  6  
Shadow Gilwood Y 86 31  11  6  
Amber Keg River 

FFF 
78 37  0  6  

Zama Keg River 
EE 

69 47  0  6  

Joffre Viking I 56 85  0  6  
Fenn West D-3 H 67 50  0  6  
Sylvan Lake D-3 C 88 28  20  6  
Sousa Keg River W 77 36  37  6  
Jumpbush Upper 

Mannville A 
41 1,333  1,228  6  

Zama Keg River 
C8C 

76 37  0  6  

Acheson Blairmore A 54 95  15  6  
Gift Gilwood U 64 55  11  6  
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Sousa Keg River 
HHH 

64 55  0  6  

Little Horse Gilwood X 58 73  0  6  
Gilwood Gilwood I 86 29  0  6  
Randell Gilwood D 58 72  0  6  
Black Muskeg C 84 29  0  6  
Clive D-2 D 68 45  0  6  
Dawson Slave Point II 56 79  0  6  
Worsley Charlie Lake 

H & J 
44 315  75  6  

Shekilie Keg River Q 93 24  0  6  
Retlaw Mannville 

Q2Q 
92 24  0  6  

Shekilie Keg River 
L2L 

82 30  2  6  

Sousa Keg River 
LLL 

75 35  0  6  

Sousa Keg River H 80 31  3  6  
Sousa Keg River X 75 35  0  6  
Rockyford Upper 

Mannville F 
49 136  158  6  

Gift Granite 
Wash G 

66 46  0  6  

Leahurst Glauconitic D 50 120  50  6  
Randell Gilwood I 58 67  0  6  
Rainbow Muskeg F 88 25  31  6  
Cecil Charlie Lake 

JJ 
46 199  0  5  

Bonnie Glen D-3 A 81 29  3,986  5  
Zama Keg River 

CC 
76 33  35  5  

Leaman Nordegg I 59 62  0  5  
Dawson Slave Point 

III 
56 74  0  5  

Virgo Keg River 
GG 

74 35  0  5  

Virgo Keg River 
Q6Q 

69 40  0  5  

Virgo Keg River 
P4P 

78 31  0  5  

Virgo Keg River 
V5V 

64 49  0  5  

Swalwell D-2 I 69 40  0  5  
Giroux Lake Viking F 54 82  0  5  
Gift Slave Pt M & 

Glwd FF 
57 68  0  5  

Utikuma Lake Keg River 
Sand SS 

49 127  19  5  

Mikwan D-3 A 63 50  0  5  
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Dawson Slave Point 
HH 

56 70  0  5  

Zama Keg River 
V7V 

68 39  1  5  

Zama Sul Pt D5D & 
Kr Y6Y 

77 30  40  5  

Sousa Keg River Z 75 31  0  5  
Virgo Keg River 

S6S 
72 34  0  5  

Seal Slave Point 
M 

58 60  0  5  

Wayne-
Rosedale 

Nisku C 54 76  0  5  

Clair Halfway G 73 32  0  5  
Dawson Slave Pt-

Gran Wash 
B 

56 67  0  5  

Utikuma Lake Keg River 
Sand DD 

50 107  81  5  

Normandville D-1 G 60 53  46  5  
Stettler D-3 B 65 42  32  5  
Zama Musk CCC & 

Kr T8T 
63 45  0  5  

Chigwell D-3 B 63 45  28  5  
Little Horse Gilwood V 64 43  0  5  
Sylvan Lake Elkton-

Shunda D 
68 36  48  5  

Virgo Keg River E 68 36  8  5  
Long Coulee Sunburst K 43 338  23  5  
Duhamel Basal Quartz 

M 
52 84  0  5  

Evi Gilwood I 49 111  55  5  
Gift Gilwood J 59 52  14  5  
Morinville D-3 K 60 49  0  5  
Virgo Keg River 

N6N 
67 36  0  5  

Dawson Slave Point 
ZZ 

56 61  0  4  

Hussar Glauconitic 
W2W 

46 163  0  4  

Acheson Blairmore K 54 70  22  4  
Joffre D-2 B 61 46  16  4  
Little Horse Gilwood 

DDD 
63 42  0  4  

Evi Gilwood A 49 104  409  4  
Golden Spike D-2 B 61 45  0  4  
Evi Slave Point 

DD 
54 67  0  4  

Larne Mskg C & Kr 61 44  0  4  
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YY 
Chigwell D-3 G 63 40  0  4  
Little Horse Gilwood VV 58 50  0  4  
Dawson Slave Point 

LLL 
60 45  0  4  

St Albert-Big 
Lake 

D-2 A 55 59  0  4  

Ewing Lake D-3 A 60 44  9  4  
Acheson East Blairmore D 51 79  11  4  
Nipisi Keg River 

Sand A 
56 54  32  4  

Little Horse Gilwood QQ 58 46  0  4  
Leduc-
Woodbend 

D-1 J 59 44  0  4  

Dawson Slave Point 
Q 

56 51  0  4  

Cherhill Banff H 41 792  704  4  
Gift Gilwood W 56 48  4  4  
Leduc-
Woodbend 

Blairmore J 54 55  24  4  

Dawson Slave Point 
M 

56 47  0  3  

Ogston Granite 
Wash K 

49 80  42  3  

Normandville D-1 A 53 54  22  3  
Paddle River Nordegg D 51 63  0  3  
Leahurst Glauconitic B 41 686  74  3  
Utikuma Lake Keg River 

Sand II 
50 65  81  3  

Halkirk Upper 
Mannville Q 

48 79  7  3  

Gadsby Mannville Q 48 77  17  3  
Red Earth Granite 

Wash X2X 
42 303  6  3  

Long Coulee Sunburst P 43 197  53  3  
Utikuma Lake Keg River 

Sand U 
50 57  39  3  

Boundary 
Lake South 

Triassic C 48 70  69  3  

Red Earth Kr G & Grwh 
YYY 

43 161  3  2  

St Anne Banff A 43 140  23  2  
Red Earth Kr C;Grwh 

T2T & H4H 
43 135  14  2  

Hussar Glauconitic A 46 64  15  2  
Ogston Granite 

Wash B 
41 380  186  2  

Red Earth Granite 
Wash K3K 

42 179  0  2  
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Red Earth Granite 
Wash F3F 

42 178  0  2  

Otter Granite 
Wash I 

44 83  75  2  

Worsley Charlie Lake 
A 

43 101  100  1  

Pembina Basal Belly 
River I 

43 92  21  1  

Evi Gilwood EE 42 90  15  1  
Skaro Cooking 

Lake 
41 161  78  1  

Red Willow Lower 
Mannville VV 

41 144  0  1  

Otter Granite 
Wash GG 

41 139  26  1  

Richdale Upper 
Mannville 
QQ 

41 116  0  1  

Otter Granite 
Wash W 

41 109  89  1  

 

 




